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In order to tackle the exponential rise in global CO2 emissions, the Intergovernmental Panel on Climate Change (IPCC) proposed a carbon budget of 2,900 Gt to limit the rise in global temperature levels to 2°C above the pre-industrial level. Apart from curbing our emissions, carbon sequestration can play a significant role in meeting these ambitious goals. More than 500 Gt of CO2 will need to be stored underground by the end of this century to make a meaningful impact. Global capacity for CO2 storage far exceeds this requirement, the majority of which resides in unexplored deep aquifers. To identify potential storage sites and quantify their storage capacities, prospective aquifers or reservoirs need to be screened based on properties that affect the retention of CO2 in porous rocks. Apart from the total volume of a reservoir, the storage potential is largely constrained by an increase in pore pressure during the early years of injection and by migration of the CO2 plume in the long term. The reservoir properties affect both the pressure buildup and the plume front below the caprock. However, not many studies have quantified these effects. The current analysis computes the effect of rock properties (porosity, permeability, permeability anisotropy, pore compressibility, and formation water salinity) and injection rate on both these parameters by simulating CO2 injection at the bottom of a 2D mesh grid with hydrostatic boundary conditions. The study found that the most significant property in the sensitivity analysis was permeability. Porosity too affected the CO2 plume migration substantially, with higher porosities considerably delaying horizontal and vertical migration. Injection rate impacted both the pressure rise and plume migration consistently. Thus, in screening potential storage sites, we can infer that permeability is the dominant criterion when the pore pressure is closer to the minimum principal stress in the rocks, due to which injection rate needs to be managed with greater caution. Porosity is more significant when the lateral extents of the reservoir limit the storage potential.
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INTRODUCTION

Anthropogenic carbon dioxide levels in the atmosphere have been rising continuously at an alarming rate for the past few decades. We have already seen an increase of more than 1°C in the global average temperature ever since the industrial age started more than a century ago. In order to limit the global temperature rise to 2°C above pre-industrial levels, the Intergovernmental Panel on Climate Change (IPCC) proposed a carbon budget of 2,900 Gt (Metz et al., 2005; IPCC, 2013), providing an upper bound on the net global CO2 emissions. Based on current levels of anthropogenic CO2 emissions, only 500 Gt of the carbon budget is left for crossing the temperature threshold (Le Quéré et al., 2018; IPCC, 2021). According to Wei et al. (2021), large-scale carbon capture and storage can significantly reduce our CO2 emissions and is indispensable for limiting global warming to below 2°C. An estimated 510 Gt of CO2 will be needed to be stored in the ground worldwide by 2100 (Luderer et al., 2018) for the technology to make a meaningful impact on reversing climate change. However, currently, only 300 Mt (~0.006%) has been stored worldwide, with a capacity of around 40 Mt/yr (Global CCS Institute, 2018, 2020; Loria and Bright, 2021). In order to fill the large gap between requirement and current capacity, new sites need to be located for long-term CO2 storage. Additionally, reservoir responses under different conditions must be studied in detail to select and evaluate suitable formations.

Deep saline aquifers represent large storage potential for carbon dioxide. Kearns et al. (2017) estimate the global capacity at approximately between 8,000 Gt and 55,000 Gt. Saline formations usually run quite deep, are unused, and contain non-potable water reserves; therefore, they are perfect for storing CO2 safely without affecting near-surface groundwater. The biggest limitation in the utilization of such saline formations is the lack of in-depth geological understanding about them because they hold no economic value for exploitation and are largely unexplored territories. Fortunately, due to their similarity with oil and gas fields, the technology used for exploring and exploiting hydrocarbon resources can be easily adapted for such formations (Shukla et al., 2010). However, a lot of resources still need to be devoted to the accurate mapping of the storage capacities that are present in these reservoirs. Despite the constraints, large storage projects have been undertaken worldwide: more than 24 and 6.5 Mt of CO2 have been stored in the Sleipner and Snøhvit projects in the North Sea, respectively (Furre et al., 2017; Ringrose, 2020; Ringrose and Sæther, 2020), 4.7 Mt in the Cranfield project (NETL, 2017), 5 Mt in the Quest project in Alberta since 2015, more than 2 Mt in the Illinois Industrial CCS project in the USA, 1 Mt in the Gorgon carbon dioxide injection facility in Western Australia (Orr, 2018; Global CCS Institute, 2020), 100 Kt in Aquistore project in Canada (White et al., 2017), and 3.8 Mt of CO2 was injected in In Salah in Algeria between 2004 and 2013 (Bissell et al., 2011; Rutqvist, 2012; Verdon et al., 2015).

Apart from saline formations, depleted oil and gas fields have also been extensively used for CO2 storage in various projects worldwide due to the benefit of existing infrastructure and in-depth subsurface knowledge (Bachu, 2016). Close to 40 Mt of CO2 has been utilized in the Weyburn-Midale field for enhanced oil recovery (EOR) (Brown et al., 2017; Global CCS Institute, 2019), and the Petrobras Santos Basin CCS facility has stored more than 14 Mt of CO2 in the subsurface (Eide et al., 2019; Global CCS Institute, 2020). However, the enormous global storage potential of deep saline formations makes them a more promising prospect for future CO2 storage. They are also generally superior in thickness and have a much larger areal cover than hydrocarbon reservoirs, which are often a subset of these formations. Subsequently, there is also a higher probability of finding CO2 sources closer to potential saline formation storage sites, leading to reduced transportation costs (NETL, 2017).

Carbon dioxide storage essentially involves injecting CO2 at high pressures into porous formations that are conducive for long-term storage over periods of the order 104 years. The CO2 is compressed before injecting such that it forms a supercritical fluid. CO2 is a gas at atmospheric conditions, but when it encounters pressure above 7.39 MPa, and temperature beyond 31.1°C, also known as its critical point, it becomes a supercritical fluid (Doughty and Pruess, 2004). It then displays characteristics of both liquids and gases and becomes conducive for storage in the subsurface. Its density becomes comparable to that of liquids allowing more CO2 to be stored in the limited pore spaces of the rocks, while its viscosity remains similar to that of gases, permitting it to flow easily through rocks (Metz et al., 2005). Typical reservoirs usually lie at depths >1 km, are 10–500 m in thickness, and can stretch several hundred kilometers laterally (Szulczewski, 2013). These reservoir depths allow the injected CO2 to remain in a supercritical state. In this state, it is lighter (~700 kg/m3) than brine, oil, or other fluids that might be present in situ, which push it to the top of the reservoir because of buoyancy forces. Most reservoirs consist of cemented sediments overlain by a low-permeability layer known as seal or caprock. The CO2 stops rising until it encounters the caprock, which helps in trapping it underground. This mechanism of storage is known as structural or stratigraphic trapping, and is the dominant storage mechanism in the initial stage of injection (IEAGHG, 2009). Another form of trapping is residual gas trapping, where CO2 gets trapped in the pores of the rocks due to surface tension. Solubility or dissolution trapping becomes the dominant mechanism in the long term when the migration of CO2 slows down, and CO2 gets dissolved in the formation brine through diffusion, convection, and dispersion. In the longer term (~103 years), mineral trapping starts playing a major role where CO2 precipitates in the form of carbonates due to geochemical interaction with the formation fluids and rock matrix (De Silva and Ranjith, 2012).

Typically the CO2 trapping after injection follows the above trend. However, the reservoir conditions and rock properties can affect the dominant storage mechanism, and consequentially the storage effectiveness. The suitability of the reservoir depends on a multitude of factors: the depth of the reservoir; the pressure gradient; its state of stress and faulting; reservoir and seal integrity; the salinity of the reservoir fluids; and most significantly, the total storage capacity based on the porosity and the lateral and vertical extents of the formation (Rodosta et al., 2011; Bachu, 2016; NETL, 2017). These factors chiefly deal with the initial reservoir conditions, and they provide screening criteria for a preliminary analysis. The next step involves comprehension of the specific reservoir response to fluid injection in the short and long terms and the mitigation of the challenges that are introduced by CO2 sequestration.

A 99% retention rate of stored CO2 after 100 years is generally considered a requirement for effective CO2 storage (Hepple and Benson, 2005; Metz et al., 2005; Alcalde et al., 2018). Until now, the longest-running CO2 storage project has been operating at the Sleipner field in Norway since 1996 and has injected more than 24 Mt of CO2 underground (Ringrose and Sæther, 2020). Unlike CO2 injection for EOR, where injection in intervals or huff-n-puff method leads to better recovery and economic benefit, CO2 storage projects usually employ constant injection rates through multiple wells depending on the reservoir permeability and optimum injectivity (Michael et al., 2010). Continuous CO2 injection at high rates (~1 Mt/yr) for long periods (>10 years), as is typical of commercial CO2 storage projects (Michael et al., 2010; Furre et al., 2017; Greenberg et al., 2017; Global CCS Institute, 2020), can substantially increase pore pressures near the injection site, which can permeate throughout the reservoir. This brings geomechanical issues to the forefront (Zoback and Gorelick, 2012). Changes in the subsurface stress regime are dependent on the net volume of the fluid injected, the injection and extraction rates, the total storage capacity, and the ease of fluid flow in the reservoir. Possible geomechanical concerns include the activation of pre-existing faults, which can act as preferential leakage pathways for CO2 to escape to shallow potable aquifers or, in certain conditions, even to the surface (Ferronato et al., 2010; Heidari and Hassanzadeh, 2018). There is a greater risk of maximum magnitude events in CO2 storage projects that involve a large volume of fluids being injected over long periods (Ellsworth, 2013; Pan et al., 2016). The potential magnitude of a seismic event correlates strongly with the fault rupture area, which, in turn, relates to the magnitude of the pore pressure change and the rock volume in which it exists (Verdon, 2011). The induced seismicity can severely affect reservoir integrity and cause conditions that could lead to caprock failure along with a risk of the generation of new faults (Shukla et al., 2010; Vilarrasa et al., 2019). Thus, the practical storage capacity of the reservoir is not only limited by the empty volume in the rocks but also by the maximum sustainable pressure buildup. Szulczewski et al. (2011) showed that the pressure constraint is the principal limiting factor in CO2 storage in the short term, while space-limited capacity dominates in the long term.

The initial pressure buildup in the reservoir depends mainly on the rock properties such as porosity, permeability, permeability anisotropy, pore compressibility, and the like, and the planned injection rate (Sarkarfarshi et al., 2014). These parameters are reservoir-dependent and cannot be controlled, but they can aid in the evaluating of reservoirs for CO2 storage (Zhou et al., 2008). Once the site is selected, formulating an optimal CO2 injection rate is essential to ensure that the pressure rise does not create unwanted geomechanical complications while optimizing for maximum long-term storage (Yang et al., 2015).

Sensitivity analyses to study the geomechanical effects of CO2 sequestration have been conducted only in a limited number of studies in the past. Kopp et al. (2007) used the extended Morris method (Morris, 1991; Campolongo et al., 2005) in a sensitivity analysis to study the effects of various parameters on CO2 migration, free-phase CO2, the ratio of free-phase CO2 and dissolved CO2, and the maximum pressure below the caprock in a dipping aquifer. They qualitatively ranked parameters and found that the model results were most sensitive to the permeability, reservoir volume, injection interval, and geothermal gradient. In contrast, the CO2 injection temperature, porosity, sorting factor (the exponent in the Brooks and Corey relationship) (Brooks and Corey, 1964), and brine salinity were the least sensitive parameters. The study covered a comprehensive range of variables that affect CO2 storage; however, it avoided quantifying parameter-specific effects. Deng et al. (2012) studied the effects of porosity and permeability distributions on the total storage capacity of a section of Rock Springs Uplift, Wyoming, by constraining the injection pressure to 75% of the lithostatic load. They also found that the evolution of the CO2 plume depended not only on buoyant forces and injection rates but also on pressure gradients in the reservoir. Thus, the two primary considerations in estimating the storage capacity of a site—CO2 migration and pressure buildup in the reservoir—are implicitly linked.

This study intends to compare and contrast the effects of CO2 storage constraints with injection rate in order to identify pivotal parameters in the large-scale screening of reservoirs. It also intends to enable the planning of injection scenarios that are sustainable for the project as well as the environment. In order to develop valid estimates of CO2 storage capacities and to assess potential sites, major decision factors must be identified and screening workflows must be designed for quick assessment of viable reservoirs. This study aims to aid in such scenarios to identify suitable CO2 storage sites at a regional and global scale.



METHODOLOGY

At the reservoir scale, numerical modeling provides (with a high degree of realism) a suitable pathway to predict and visualize the processes that occur in the subsurface. It helps us to understand how fluids interact with underground rocks and gives us insights into how small changes in our base parameters can bring about significantly different outcomes. Every numerical model has certain assumptions built into it, and so, the level of accuracy varies with each study. The ultimate goal is to minimize the assumptions in order to make the study as close to the real-world scenario as possible. However, the innumerable factors involved make it physically impossible to model each particle. Therefore, physicists rely on assumptions to make the studies practical while also providing a realistic picture of the subsurface, which yields enough useful information on which to base our decisions.

Reservoir simulation provides an effective way to study the effects of constraints and to plan injection parameters. Modeling the flow and retention of carbon dioxide is beset by uncertainties. These relate to the physical structure of the reservoirs, such as permeability and stratal geometries (Cappa and Rutqvist, 2012); the problems that are inherent in modeling multiphase flow (Settari and Mourits, 1998); the behavior of sealing strata that is in contact with CO2-rich fluids (Vilarrasa et al., 2013); the possibility of reactions between CO2 and minerals in the reservoir (Johnson et al., 2004); and the rate of the progressive dissolution of CO2 in the saline fluid that fills the reservoirs (Huppert and Neufeld, 2013). These uncertainties must be accommodated in the model to accurately predict the interaction between fluids and the reservoir and to study various parameters' effects.


Governing Equations

To model the flow of CO2, the TOUGH code (Moridis and Freeman, 2014) has been employed, which has been extensively tested and utilized in studying CO2 injection for storage and EOR processes (Rutqvist, 2011; De Lucia et al., 2016; Rinaldi et al., 2017).

The mass and energy balance equations that are used in the modeling are of the form:

[image: image]

where V, Vn represent the total volume and volume of the subdomain n, Mκ is the mass accumulation term of the component κ, A represents the surface area and Γn is the surface area of the subdomain n, Fκ is the Darcy flux vector of component κ, n is the inward unit normal vector, qκ is the source/sink term of component κ, and t is time.

The term for mass accumulation, Mk is defined as

[image: image]

where φ represents porosity, ρβ is the density of phase β, Sβ is the saturation of phase β, [image: image] is the mass fraction of component κ in phase β, Ψi represents the mass of sorbed component gi per unit mass of rock, and [image: image] is equal to 1 only in gas-sorbing species onto a given medium, and otherwise zero. The components κ refer to w (water), gi (various gaseous components making up the gas mixture), and s (salt). The absence or presence of salt dictates the possible number of phases, β: A (aqueous), G (gaseous), and H (solid: precipitated halite). NG refers to the total number of gaseous components.

The water, gas mixture, and the halite contribute to the mass fluxes, given by the equation:

[image: image]

The solid phase is not involved in the fluid fluxes because it is immobile.

The mass flux, Fk, of a component includes contributions from all mobile phases in the model and can be described by several equations, the most common of which is the Darcy's law:

[image: image]

Where k represents the intrinsic permeability, krβ, μβ, and Pβ represent the relative permeability, the viscosity, and the pressure of the β phase, respectively, and g is the gravitational acceleration vector.

The injection of fluids is described using the source term, which allows for multiple phases, including contributions from multiple phases:

[image: image]

Where qβ is the injection rate of the phase β.

The continuum equation (Equation 1) is discretized in space using the integral finite difference method (IFD) in the following way:
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Where M is volume-normalized quantity, and Mn is the average value of M over the volume Vn. The surface integrals are discretized using a sum of averages over surface sections Anm:
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where Fnm is the inward normal component of F over the surface segment Anm between volume elements Vn and Vm.

Substituting the discretizations into Equation (1), we get a first-order differential equation,

[image: image]

The time discretization of the differential equation by using the Newton-Raphson iteration method results in the following set of coupled non-linear, algebraic equations

[image: image]

For each volume element (grid block), Vn, there are “m” equations, so that a system that is discretized into “n” grid blocks, representing a total of “m × n” coupled non-linear equations. The continuum equations are discretized in space and are solved in every subdomain using the integral finite difference method.



Assumptions

The current modeling study is carried out in isothermal conditions at 60°C in the storage formation. The temperature was calculated by assuming a surface temperature of 10°C and a geothermal gradient of 33°C/km. Dirichlet boundary conditions are chosen at the edges. The fixed-state conditions at the boundaries essentially make it an infinite-acting reservoir that simulates large laterally extended saline aquifers (Vilarrasa et al., 2013). The flow at the boundaries allows for greater relaxation of the pressure that is induced by a constant CO2 influx at the bottom center of the reservoir. The code employed assumes a linear porosity-permeability relation with pressure, and the rock compressibility is assumed to be zero in the base case.



Model Setup

A 2D numerical simulation of CO2 injection at a constant rate was conducted with a Dirichlet boundary condition of no flow at the top and bottom of the reservoir and constant pressure at the lateral boundaries, far from the injection site. The model was validated by comparing the CO2 plume migration with values obtained by Vilarrasa et al. (2013). The pressure perturbation was studied in order to understand the geomechanical effects of fluid injection.

The size of the reservoir is 15 km by 50 m for the x (sub-horizontal) and z (sub-vertical) directions, respectively. The cell dimension in the x-direction is 25 m, while that in the y- and z-direction is 5 m. The y-direction is not discretized, essentially making it a 2D simulation. The average depth of the reservoir is 1.5 km, and its initial temperature and pressure conditions are 60°C and 14.7 MPa. Water pressure is assumed hydrostatic, and partial pressure of CO2 is assumed to be 0.01 MPa, which leads to an initial concentration of dissolved CO2 at 2.44 × 10−5 kg/kg of water (Vilarrasa et al., 2016). The simulation is carried out in isothermal conditions. A well injects CO2 at the bottom of the reservoir, and the rate of injection for the base case is 0.05 kg/s. Extrapolating the injection rate for a horizontal well of 2 km, the annual injection rate would equal 0.63 Mt/yr. This value is close to the real injection rates (0.5–1 Mt/yr) at the In Salah CO2 storage (Rutqvist et al., 2010). In the base case, the injection is carried out for a year. The parameters used in the base case are listed in Table 1.


Table 1. List of input parameters used in the base case simulation.

[image: Table 1]



Mesh Convergence

A mesh convergence study was undertaken to select appropriate discretization of the reservoir in the horizontal (x) and vertical (z) directions. The primary objective was to optimize between accuracy in evaluating the pressure rise in the model and the computational times. Horizontal discretization was tested with 100, 200, 300, 400, 500, 600, 750, and 1,000 uniformly-sized cells. As can be seen in Figure 1A, there was no appreciable difference in the pressure buildup for more than 600 cells in the horizontal direction. Correspondingly, in the vertical direction, discretization of 5, 10, 15, 20, and 25 cells was analyzed, and a sampling of 10 cells was chosen for the study because higher discretization did not provide greater precision in the results, as shown in Figure 1B.


[image: Figure 1]
FIGURE 1. Mesh convergence for (A) horizontal and (B) vertical discretization.




Sensitivity Analysis

Sensitivity analysis is an essential tool for validation, what-if analysis, and optimization of complex simulation models. The purpose of the current analysis is to evaluate the individual effect of the variation of geomechanical parameters on the long-term stability of the reservoir under CO2 injection. Two critical factors have been identified to characterize the stability and the CO2 storage capacity: pressure buildup and CO2 migration (Szulczewski et al., 2011). The rise in pore pressure in the reservoir directly upsets the natural stress regime and increases the risk of fracturing and faulting of the reservoir and the caprock; critically stressed faults are more sensitive to the changes (Mazzoldi et al., 2012). CO2 also needs to be confined to the reservoir extents to minimize the risk of leakage through gaps in the form of faults in the caprock or abandoned wells (Heidari and Hassanzadeh, 2018). Consequently, reduced CO2 migration would enhance confidence in the long-term stability of the storage project. Therefore, studying the reservoir response to these factors should enable a reasonable evaluation of the reservoir for CO2 storage.

Five critical rock properties (porosity, permeability, permeability anisotropy, pore compressibility, and formation water salinity) along with CO2 injection rate are selected as the parameters to be investigated in the sensitivity analysis. The Morris one-factor-at-a-time global sensitivity analysis method (Morris, 1991) is chosen for the analysis. It allows the isolating of the influence of parameters on pressure changes by varying a single parameter while keeping the rest of the model as is. Nevertheless, more than one factor may be interlinked. Therefore, to maintain the result as the effect of a single parameter, suitable adjustments have been made after careful consideration, which are detailed when discussing the respective parameters. The range of values for the selected parameters is detailed in Table 2. The results of the simulation for the base case are presented in Figure 2. Figure 2A shows the evolution of CO2 plume in the reservoir at the end of 3, 6, 9, and 12 months. Figure 2B represents the pressure buildup in the reservoir at the end of 1 year.


Table 2. Range of parameters used for sensitivity analysis.
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FIGURE 2. (A) CO2 plume evolution in the reservoir at the end of 3, 6, 9, and 12 months. (B) Pressure evolution at the end of 1 year of injection (base case).





RESULTS


Porosity

Porosity is one of the major parameters that govern the poromechanical behavior of the reservoir during CO2 injection. It determines the amount of total space that is available for CO2 storage within the confines of a reservoir. Consequently, it also affects the total pressure buildup, which influences the propensity for rock failure following Biot's effective stress law (Biot, 1941). In this study, the values of porosity ranged from 10 to 35% (in steps of 5%); the base value was 23% (Förster et al., 2006). The selection of porosity values is based on the wide span of values observed in different CO2 storage sites worldwide (Michael et al., 2010; Eiken et al., 2011). Figure 3A shows the variation of pressure with time due to changes in the porosity at the top of the reservoir (below the caprock) directly above the injection point. A negative linear trend was observed between the pressure rise and the porosity at the end of 1 year of injection, as is shown in Figure 3B. Although the pressure change declines almost linearly with an increase in porosity—as expected with the increase in pore space, which allows more CO2 to be injected to reach the same pressure—the pressure difference between the minimum and maximum porosity case is less than anticipated. A 250% increase in porosity from 10 to 35% leads to a difference of only about 8% in pressure change.


[image: Figure 3]
FIGURE 3. (A) Pressure evolution with injection time (at the top of the reservoir), and (B) sensitivity of pressure to porosity. CO2 saturation change (at the top of the reservoir) with (C) injection time and (D) distance from injection point for different porosities. (E) Sensitivity of the CO2 migration front to porosities.


On the other hand, porosity has a significant effect on the CO2 migration front as well as on the maximum CO2 saturation at the top of the reservoir. A lower porosity leads to an early increase in the CO2 saturation below the caprock; this causes a rapid horizontal spread of CO2. Inversely, the extra amount of pore space that is available with higher porosities extends the travel time of CO2 to the caprock and delays its horizontal migration, as shown in Figures 3C,D. Figure 3E shows an increase in porosity (from 10 to 30%) by three times, which reduces the migration front by seven times (175–25 m). We infer that porosity affects the migration of the CO2 wavefront substantially more than the pressure increase and that the latter might be more sensitive to other parameters.



Permeability

Permeability affects the reservoir's ability to dissipate pore pressure through fluid flow from one connected region to another. Any sudden local changes in the pore pressure, such as CO2 injection, would disrupt the equilibrium of the reservoir; permeability acts as the limiting factor in determining how quickly the equilibrium is restored. Permeability can vary significantly in different reservoirs based on the rock type. Tight sandstones may have permeabilities as low as 40 mD (Vilarrasa et al., 2016), whereas good, oil-producing reservoirs have been shown to have permeabilities of more than 1,000 mD (Ganguli et al., 2016). Thus, the sensitivity analysis for permeability was carried out for the range of 40–1,000 mD in this study, with 100 mD being the base permeability.

As evidenced from Figure 4A, low permeability, acting as a barrier to fluid flow, causes a large increase in the local pressure, which permeates the reservoir. The pressure at the injection site is the highest, and it decreases linearly as we move away from it. In the sensitivity study, a logarithmic trend was observed between permeability values and pressure change (Figure 4B). A sharp decrease in pressure change at the top of the reservoir is observed in the lower range (40–200 mD) of permeability cases: pressure buildup decreases by a factor of four from more than 8 MPa to nearly 2 MPa by increasing the permeability from 40 to 200 mD. In the higher permeability range (200–1,000 mD), pressure buildup decreases nearly by a factor of five for a similar increase in permeability by five times from 200 to 1,000 mD. The observation implies that permeability plays a critical role in pressure perturbation throughout the wide range. To compare and rank permeability with other parameters, we chose to run our sensitivity analysis on the logarithm of the permeability, defining the modified parameter as log10(k), where k represents permeability. Pressure shows relatively high sensitivity to our modified parameter with a slope of −2.47. As shown in Figure 4C, an overall difference of 70% in log10(k) results in a difference of almost 200% in pressure rise. An interesting observation from Figure 4A is that in the case of permeabilities of 200 mD or more, the pressure increases non-linearly to a maximum value and then stabilizes at a value that is lower than or equal to it. In the cases of 150 mD and below, the pressure keeps on increasing at a rate that is dependent on the value of permeability: the lower the permeability, the higher the rate. Thus, it can be deduced that at a specific limiting permeability (in this case, 200 mD,) the reservoir is able to stabilize the influx of pressure through fluid injection, depending on the different reservoir conditions and injection parameters (assuming that the reservoir is large enough to be approximated as “infinite-acting”).


[image: Figure 4]
FIGURE 4. (A) Pressure evolution (at the top of the reservoir) with injection time for different permeabilities. Sensitivity of pressure to (B) permeability and (C) the modified parameter log10(k). CO2 saturation change at the top of the reservoir with (D) injection time and (E) distance from injection point for different permeabilities. Sensitivity of the CO2 migration front to (F) permeability and (G) the modified parameter log10(k).


Higher permeabilities allow CO2 to travel at a faster rate to the top of the reservoir and subsequently migrate farther horizontally. Lower permeabilities are less sensitive to gravity override effects and show more horizontal migration in the lower half of the reservoir than near the caprock. The migration front displays a nearly 1:1 correlation with permeability in the lower range, but the curve flattens out with higher permeabilities (Figure 4F). The saturation changes at the top of the reservoir also show a similar trend at higher permeabilities, as shown in Figures 4D,E. This shows that the sensitivity plateaus at higher permeability values for saturation. Similar to pressure sensitivity, the values fit a logarithmic trend reasonably well. Thus, the modified parameter log10(k) was used again for the analysis, and it displayed a substantially high sensitivity to CO2 migration with a slope of almost 7 (Figure 4G). A 70% increase in log10(k) from 1.6 (40 mD) to 3.0 (1,000 mD) led to a 400% increase in the CO2 migration front in the reservoir.



Permeability Anisotropy

Permeability anisotropy is defined here as the ratio of vertical to horizontal permeability (kv/kh). Vertical permeability in sedimentary formations is often observed to be much less than horizontal permeability due to intermixing layers of shale and sand in the reservoir. Due to lower vertical permeability, CO2 tends to migrate much more laterally from the injection point, and vertical migration in the reservoir is reduced (Zhao et al., 2010).

Here we have taken the minimum vertical permeability as one-hundredth (1 mD) of the base horizontal permeability (100 mD) and maximum as equal to the base permeability (Kopp et al., 2007). The sensitivity analysis was conducted for anisotropy values of 0.01, 0.05, 0.1, 0.5, and 1. As shown in Figure 5A, the change in vertical permeability does not affect the pressure buildup significantly. Lower values of permeability anisotropy are associated with lower pressure buildup; however, a decrease in vertical permeability by a factor of 100 only reduces the pressure change by 5% below the caprock (Figure 5B). Nevertheless, there was a clear logarithmic trend observed between permeability anisotropy and pressure change. In order to compare and rank the parameter with other parameters, we chose to run our sensitivity analysis on the logarithm of the permeability anisotropy, defining the modified parameter as log10(kv/kh). As Figure 5C shows, the slope of the graph is quite low (0.02), making the parameter almost insignificant to pressure sensitivity.


[image: Figure 5]
FIGURE 5. (A) Pressure evolution (at the top of the reservoir) with injection time for different permeabilities. Sensitivity of pressure to (B) permeability anisotropy (C) the modified parameter log10(kv/kh). CO2 saturation change (at the bottom of the reservoir) with (D) injection time and (E) distance from injection point for different permeability anisotropies. Sensitivity of the CO2 migration front to (F) permeability anisotropy and (G) the modified parameter log10(kv/kh).


Reduced vertical permeability delays the vertical migration of CO2 considerably and promotes horizontal migration. In the lowest anisotropy case, the CO2 could not even reach the caprock in the simulation time. Therefore, we selected the values of CO2 saturation at the bottom of the reservoir for Figure 5. The CO2 saturation increases rapidly for all the cases up to 0.4 (Figure 5D). It then flattens at different slopes for different anisotropy values—lower values leading to higher saturation. The CO2 saturation decreases almost linearly with horizontal distance from the injection point for most cases, as shown in Figure 5E. A significant decrease in CO2 plume front was observed with an increase in vertical permeability, forming a clear decreasing logarithmic trend (Figure 5F). Similar to sensitivity analysis for pressure change, we used the modified parameter log10(kv/kh) for measuring sensitivity to the migration front. As indicated by Figure 5G, CO2 migration was quite sensitive to the parameter, affecting it negatively. Overall, a 200% increase in log10(kv/kh) led to a nearly 100% decrease in CO2 migration front.



Compressibility

Pore compressibility defines the amount of deformation that the rock will undergo per unit change in pressure. Thus, it directly affects the rocks' mechanical properties such as porosity and permeability. Generally, sandstones show compressibility to the order of 10−10 Pa−1 (Birkholzer et al., 2009). A sensitivity analysis was carried out for the range of 0 to 10−9 Pa−1 in increments of 10−10 Pa−1 in this study, based on a wide range of values for consolidated sandstones (Newman, 1973; Domenico and Schwartz, 1998; Hart, 2000). By default, the numerical code assumes the compressibility to be zero, so that is assumed the base case.

The results indicate that compressibility has a significantly negative linear effect on the pressure buildup in the reservoir (Figure 6B). An increase in compressibility provides much relief to the flow of fluid without affecting the porosity much. Overall, a 1,000% increase in compressibility from 1 to 10 (10−10) Pa−1 causes the maximum pressure change to decrease by 30%. The results indicate that lower compressibility, or higher rigidity, leads to a substantial increase in the permeation of pressure through the rocks. Increased compressibility allows the rocks to compress in response to the higher pressure, which absorbs the impact of the increased volume of the fluid that is injected into the system. Figure 6A shows the pressure buildup with time for different injection rates.


[image: Figure 6]
FIGURE 6. (A) Pressure evolution (at the top of the reservoir) with injection time for different values of compressibility and (B) Sensitivity of pressure change to compressibility. CO2 saturation change (at the top of the reservoir) with (C) injection time and (D) distance from injection point for different values of compressibility.


It was observed that compressibility affected neither the horizontal migration of CO2 significantly nor the vertical rise of CO2 to the top of the reservoir. The result must be interpreted cautiously because the numerical code does not account for large mechanical property changes due to changes in compressibility. Thus, porosity and permeability are not significantly affected, leading to a very minor increase in plume migration due to the increase in compressibility. Figures 6C,D show the CO2 saturation change with time and distance from the injection point in the reservoir.



Salinity

Salinity refers to the amount of salt mass dissolved per unit mass of brine in the reservoir. Higher salinity decreases the dissolution of CO2 in the water, resulting in less effective solubility trapping (Zhao et al., 2010). This can lead to free phase CO2 migrating to more considerable distances and might increase risks of leakage through fractures in the caprock far away from the injection point. In such a case, structural or stratigraphic trapping will play a higher role in the containment of CO2 in the reservoir. In previous studies (Kopp et al., 2007), salinity has been shown to have a low effect on pressure and CO2 migration. Nevertheless, we have added the parameter in our study for completeness.

US DOE defines the minimum cutoff of water salinity for saline aquifers as 10,000 mg/L (0.01 kg/kg) (CSLF, 2008). Usually, the salinity of typical reservoirs ranges from 0.05–0.3 kg/kg (Brennan, 2014). In our study, sensitivity analysis was carried out for the range of 0.05 to 0.25 kg/kg in increments of 0.05 kg/kg. The results show that salinity has a moderate positive linear effect on the pressure buildup in the reservoir (Figure 7B). An interesting observation is that the initial pressure buildup is lower in cases with higher salinity, but the rate of increase in pressure is higher. The pressure buildup from lower salinity flattens off, but higher salinity leads to a sustained increase in pressure for a more extended period (Figure 7A). Overall, a 250% increase in salinity from 0 to 0.25 kg/kg of water increases the pressure buildup by 30%.


[image: Figure 7]
FIGURE 7. (A) Pressure evolution (at the top of the reservoir) with injection time for different values of salinity and (B) sensitivity of pressure change to salinity. CO2 saturation change (at the top of the reservoir) with (C) injection time and (D) distance from injection point for different values of salinity.


In the case of CO2 plume, contrary to expectation, salinity had an almost negligible effect on both the horizontal migration of CO2 and the vertical rise of CO2 to the top of the reservoir. We observed a slight difference in the time taken in each case for CO2 to reach the top of the reservoir, but CO2 saturation converged to nearly the same value for all of the cases (Figure 7C). Similarly, CO2 saturation decreased in an identical manner for each of the salinity cases, causing very minor variations in the migration front (Figure 7D).



Injection Rate

Injection rate is the key parameter in planning CO2 storage. The rate and amount of fluid that is injected affect the pressure increase in the reservoir locally as well as in the far-field. The base case for the rate of injection was set at 0.05 kg/s, and the parameter varied between 0.01 and 0.1 kg/s in steps of 0.01 kg/s. The relationship between injection rate and pressure is clearly a direct correlation: the increase in the rate of injection, and consequently the total amount of fluid injected, causes a linear increase in pressure (Figure 8B). However, both the rate of injection and the total amount of injected fluid are implicit factors in the result. In order to isolate the effect of the rate of injection, the amount of injected fluid was kept constant by varying the injection time by a factor of the ratio of parameter and the base case. The sensitivity analysis of this normalized injection rate still shows a direct correlation, but the trend plateaus with higher rates (Figure 8C). Specifically, a 175% increase in the injection rate (normalized) leads to an increase in pressure change by 140% over the range of parameters. Figure 8A shows the pressure buildup with time for different injection rates.


[image: Figure 8]
FIGURE 8. (A) Pressure evolution (at the top of the reservoir) with injection time for different injection rates. Sensitivity of pressure to (B) injection rate and (C) injection rate normalized by the amount of injected fluid. CO2 saturation change (at the top of the reservoir) with (D) injection time and (E) distance from injection point for different injection rates. Sensitivity of the CO2 migration front to injection rate with (F) the same injection time and (G) the injection time normalized for the same amount of CO2 influx.


The injection rate also positively affects the horizontal migration of CO2, especially in the lower portion of the reservoir. With a low injection rate, CO2 quickly rises to the top of the reservoir through buoyancy effects and then spreads horizontally. Higher injection rates cause substantially more CO2 trapping, and the plume spreads horizontally from the injection point itself, causing the horizontal migration front to be much more uniform throughout the thickness of the reservoir, as shown in Supplementary Figure 1. Figures 8D,E show the CO2 saturation change with time and distance from the injection point in the reservoir. In the case of the same injection time of a year, higher injection rates still show farther CO2 migration due to a much larger amount of total CO2 injection. However, the trends are reversed when the injection time is corrected to equalize the amount of total CO2 injection in the reservoir. This is contrary to the observation in pressure sensitivity because normalization only decreased the pressure, while the trend remained the same. In the case of non-normalization, the migration front increases by 200% for an increase of 175% (0.01–0.1 kg/s) in the injection rate (Figure 8F). Conversely, the migration front decreases by 300% in the case of normalized injection rate over the range of parameters (Figure 8G). This is an interesting observation because it becomes a critical factor in planning CO2 injection to maximize stability, depending on whether the primary objective is to curb CO2 migration or keep maximum overpressure to the minimum.



Long-Term CO2 Injection

Another important factor in CO2 storage projects is the long-term integrity of the storage system. In order to study the effects of CO2 injection in a reservoir for long periods, a 50-year injection scenario was analyzed using the base case parameters. In our initial model, free flow boundary conditions were assumed at the lateral extents. However, in the case of injection for 50 years, the CO2 plume would be affected by the lateral boundaries, and the assumption of an infinite-acting reservoir will not be valid. Thus, we have assumed no-flow conditions at all the boundaries. Accordingly, the size of the reservoir was increased in the x (sub-horizontal) direction to 100 km to accommodate the increased influx of CO2 and the subsequent pressure buildup and make it resemble a real saline formation. The size in the z (sub-vertical) direction was maintained at 50 m. The cell dimension in the x-direction is 200 m, while that in the y- and z-direction is 25 and 5 m, respectively. The rest of the base case parameters are chosen to be the same, except salinity is assumed to be 0.1 kg/kg. This is because dissolution trapping becomes the dominant mechanism in the long term, and it is directly affected by the salinity of the formation water. The results of the simulation are presented in Figure 9. Figure 9A shows the evolution of CO2 plume in the reservoir at the end of 10, 20, 35, and 50 years. Figure 9B shows the pressure buildup in the reservoir at the end of 50 years.


[image: Figure 9]
FIGURE 9. (A) CO2 plume evolution in the reservoir at the end of 10, 20, 35, and 50 years. (B) Pressure evolution in the reservoir at the end of 50 years.


Figure 10A shows the pressure buildup with time for the 50-year injection case. An almost linear rise in pressure with injection time is observed, which shows that the risks associated with pore pressure buildup in the formation continuously increase as long as the injection continues. Figures 10B,C show the CO2 saturation change with time and distance from the injection point in the reservoir. The saturation at the top of the reservoir reaches a saturation point (~0.75) and decreases rapidly after a certain distance from the injection point.


[image: Figure 10]
FIGURE 10. (A) Pressure evolution (at the top of the reservoir) with injection time for 50 years. CO2 saturation change (at the top of the reservoir) with (B) time and (C) horizontal distance from the injection point.





DISCUSSION

The results of the parametric analysis indicate a negative correlation of pore pressure buildup with porosity, permeability, and compressibility. They also show a strong positive correlation with injection rate, even after normalizing the injection time to correct for the total amount of fluid injected. Salinity and permeability anisotropy also affected pressure buildup positively but very mildly. The ranking of the parameters on sensitivity to pore pressure change and CO2 migration front is shown in Table 3. Pressure buildup in the reservoir is the most sensitive to permeability (log10(k)), while least sensitive to permeability anisotropy. Similar to pressure buildup, the modified permeability parameter ranks the highest in sensitivity in the case of CO2 plume migration, too, while salinity ranks the lowest. Porosity, permeability anisotropy (log10(kv/kh)), and normalized injection rate have a strong negative correlation with plume migration, while the rest of the parameters correlate positively.


Table 3. Ranking of parameters based on sensitivity to pressure build-up and CO2 migration.

[image: Table 3]

However, the effects of porosity and permeability display a significant contrast. Porosity controls the amount of CO2 storage that is available in the reservoir, which leads to the assumption that the pore pressure increase should be significantly lower in the case of high porosity. However, the results indicate that increasing the porosity by 3.5 times from 10 to 35% only reduces the pressure rise at the caprock by 10%. A similar trend is also observed by Sarkarfarshi et al. (2014). In the case of permeability, the decrease in pressure is significant (about 200%) over the whole range of permeability values. The analysis clearly reveals that permeability plays a much more substantial role in regulating the pressures in a reservoir, even in a considerably wider range, which is in agreement with similar studies by Yang et al. (2015) and Zhao et al. (2010). Permeability anisotropy, however, had an almost negligible effect on regulating pressure buildup in the reservoir. Lower values of permeability anisotropy parameter (log10(kv/kh)) led to delayed vertical migration and increased horizontal migration of the CO2 plume in the lower half of the reservoir. Salinity had a mild effect on both pressure change and CO2 migration and is ranked toward the bottom in both parameters. This result is in agreement with the salinity's effect observed by Kopp et al. (2007).

There has been some research on pore compressibility as a factor in CO2 injection (Yang et al., 2015). However, the observations from our study show higher effects of compressibility on the maximum pressure buildup, compared to Yang et al. (2015), even though it is already ranked low on sensitivity. Conversely, compressibility showed a negligible effect on the migration of the CO2 plume. This leads to the conclusion that the effects on pressure were due to the increased ability of the rock matrix to absorb the fluid injection-induced stress rather than an increase in pore space. In our simulation, pore compressibility is also interlinked with other rock properties such as porosity and permeability. However, in our study, we observed an insignificant change in the porosity and permeability values (<1%) at the end of injection due to the rise in pressure for different compressibility values. So, the assumption of zero compressibility in the base case did not significantly impact the base results. Thus, compressibility in the base case could safely be assumed to be zero. This essentially makes the rocks stiffer and increases the overall stress due to CO2 injection, making it a worst-case scenario. Moreover, it implies that the individual parameters could be considered to be independent in the scope of this study.

Due to our focus on the geomechanical properties, one parameter that we did not consider in the scope of this study was the height of the reservoir. The base height of the reservoir was chosen to be 50 m based on previous modeling studies and field data from various parts of the world (Birkholzer et al., 2009; Zhao et al., 2010; Rutqvist et al., 2015; Vilarrasa et al., 2016). Variations in the height of the reservoir mainly affect the total pore volume in the reservoir. Thus, it can be correlated with changes in porosity, as both the parameters essentially modify the total available pore space available for CO2 in the reservoir. As shown in previous studies (Kopp, 2009), increasing the height will lead to a lower pressure buildup and reduced plume migration, which is analogous to the response to porosity. However, the specific sensitivity to reservoir height could be a potential topic for future studies.

A unique conclusion from the observations is that permeability and injection rate affect the reservoir in an analogous but opposite manner, even though the effect of injection rate is more significant. The injection rate, especially at lower rates, shows an almost 1:1 correlation with the pressure rise, but the slope decreases with higher rates. The decline in slope can be explained by this mechanism: higher local pressures due to greater injection rates accelerate fluid flow away from the injection point, and the reservoir, in a certain manner, adapts to the increasing influx of fluid in the system. These results support the idea that the rate of fluid flow rather than the total storage space for fluid is the driving factor in minimizing pressure buildup through CO2 injection in the reservoir. This should be a major deciding factor in screening a reservoir instead of relying on only the theoretical capacity for CO2 storage. The lower the pressure buildup at the caprock, the more the caprock stability and, consequently, the more confidence in the reservoir for storage of carbon dioxide.

Vilarrasa et al. (2019) studied the stress states in different CO2 storage sites and concluded that all the sites were far from being critically stressed. Thus, they could sustain a fair amount of pressure buildup due to fluid injection. Usually, faulting of the caprock takes place when the pore pressure exceeds the rock's minimum principal stress. The difference between the minimum principal stress and the pore pressure at different sites ranges from around 50% in Weyburn and Snøhvit (White and Johnson, 2009; Chiaramonte et al., 2015) to 250% in Otway, Australia (Nelson et al., 2006). Previous studies (Birkholzer et al., 2009; Yang et al., 2015) have considered a 50% increase from the initial pore pressure to be the limit for the fracturing of the rocks. Moreover, reservoir rocks are usually stiffer than caprocks, and thus, caprocks can sustain larger stress variations (Vilarrasa and Makhnenko, 2017). Nevertheless, to avoid unaccounted risk, a rise in pore pressure of 25–30% could be considered safe in terms of caprock integrity depending on the initial stress state and the existing faulting regime (normal/reverse/strike-slip). Given that the initial pore pressure in our reservoir model is 14.7 MPa, a pressure rise restricted to 4–5 MPa could avoid unwanted geomechanical deformations in the caprock, including faulting. Essentially, in our study, any pressure change greater than the base case could be considered a risk. In the case of the long-term injection scenario of 50 years, maximum pressure change was observed to be more than 11 MPa—a 75% increase from the initial pore pressure of 14.7 MPa. Such a substantial pressure buildup could induce significant seismicity and lead to pore pressure exceeding the minimum principal stress, based on stress data by Vilarrasa et al. (2019). Thus, CO2 injection needs to be carefully planned depending on the initial reservoir conditions and duration of the storage project.

Based on the rankings of the chosen parameters for our sensitivity analysis, it would seem that permeability remains the most critical parameter in assessing a formation for CO2 storage. However, it should be noted that our parameter refers to the logarithm of permeability instead of permeability itself. Therefore, minor changes in the modified parameter correspond to substantial differences in actual permeability, and the resulting slope can inflate its actual sensitivity. Nevertheless, given the much higher sensitivity values for log10(k) to both pressure buildup (2.47) and CO2 migration (6.93) compared to other parameters, permeability should still play a vital role in screening potential sites. Among other intrinsic parameters, porosity is the next most significant factor for site selection. A high porosity would provide ideal conditions for storage, given it reduces both pressure rise and CO2 migration (both vertical and horizontal). Porosity would especially be a critical factor in formations where the distance between the injection point and leakage pathways (faults, fractures, and abandoned wells) is a concern (Kopp et al., 2010). Permeability anisotropy (log10(kv/kh)) and salinity have shown to be less effective in perturbing both storage constraints. Regardless, lower salinity values would support more dissolution trapping, which becomes the dominant storage mechanism in the long term, and consequently higher storage efficiencies (Brennan, 2014). Similarly, a lower ratio of vertical and horizontal permeability would be favorable as it would delay the vertical migration of CO2, reducing leakage risks through caprock.

Some CO2 storage capacity assessments have considered minimum cutoffs for intrinsic reservoir properties for screening storage sites (Heidug, 2013). The Queensland CO2 storage atlas (Bradshaw et al., 2011) set minimum porosity requirement at 10% and minimum permeability at 5 mD, while the UK CO2 storage appraisal project (Gammer et al., 2011) and Independent storage assessment by TNO (Neele et al., 2011) considered site-specific conditions and simulations to define reservoir property criteria. Based on our results, it would be highly ambitious to define limits of reservoir properties to reject sites. Instead, we can define different cases where certain combinations of reservoir properties would be more advantageous. For example, in stress conditions where the pore pressure is close to the minimum principal stress, operators should look for formations with lower salinity but higher permeability and pore compressibility, as both correlate negatively with pressure buildup. In cases of highly fractured formations where the distance between the injection point and leakage pathways is critical, lower permeability, compressibility, and salinity, along with higher permeability anisotropy value would aid in better storage containment. Higher porosity values would always be a plus point for selecting storage units, as it correlates negatively with both pressure and CO2 migration. The rate of injection affects both storage constraints positively and thus would have to be carefully managed depending on the combination of the intrinsic reservoir properties. Ultimately, a thorough field-specific risk assessment using laboratory experiments and reservoir simulation, including best and worst case injection strategies, would be needed to select a site for CO2 storage.



CONCLUSIONS

A parametric sensitivity analysis was carried out for CO2 injection in an infinitely acting reservoir for screening potential sites based on storage constraints. Initially, the selection of mesh cell sizes was carried out through a mesh convergence study for optimal accuracy and simulation run-times. Subsequently, parameters such as porosity, permeability, permeability anisotropy, compressibility, salinity, and injection rate, with and without injection times normalized to correct for the total amount of fluid injected in the reservoir, were selected for the sensitivity analysis. Permeability (log10(k)) was the most sensitive parameter in case of pressure change: an increase in permeability significantly reduced the pressure buildup locally as well as throughout the reservoir. The injection rate, even after correcting for the amount of fluid injected by adjusting the injection times, was ranked second, and showed a positive correlation with the reservoir pressure buildup. Compressibility showed a marginal influence in causing changes in pressure from the base scenario. Porosity was even less effective, and large variations in porosity resulted in comparatively minor divergence in the maximum pore pressure reached, and it was ranked second to last.

In the case of CO2 migration, the permeability (log10(k)) was ranked again the highest in sensitivity and showed a consistently positive effect throughout the entire range (40–1,000 mD), similar to the effect on pressure buildup. Porosity was ranked second and affected migration strongly with a negative trend. Higher porosities from the base case significantly delayed the migration of the CO2 vertically as well as horizontally due to the extra space available in the rocks. Injection rate, when normalized for equal CO2 influx, was the next most sensitive property. Compressibility had an almost negligible effect on the migration of the plume.

The injection rate displayed a two-pronged behavior. When equal injection times were used, the horizontal migration exhibited a positive trend with increasing injection rates, as expected. However, when injection times were normalized for an equal CO2 influx, the trend was reversed. The lowest injection rate led to almost double the migration distance when compared with the highest injection rate in the former case. We conclude that along with injection rate, the injection time also impacts the CO2 front to a great extent, and is certainly a prominent injection planning parameter if the amount of CO2 that is to be stored is pre-decided for a project.

The results lead to the implication that the ease of fluid flow has a prominent influence on the buildup of pore pressure in the reservoir. Since pore pressure is the critical constraint in CO2 storage during the initial stage of the project, we argue that the rate of fluid flow and not merely reservoir capacity should be a key element in determining the stability of the storage. Consequently, rock properties that affect fluid movement, such as tortuosity, fracture roughness, and the like, should be analyzed to measure their impact on pressure accumulation. In the case of formations where reservoir capacity is constrained either through the limited dimensions of the reservoir or the presence of leakage pathways, porosity plays a dominant role in restricting CO2 migration and increasing confidence in storage. We believe these findings can augment the decision-making process of stakeholders in selecting appropriate reservoirs for long-term CO2 storage.
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