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There are a large number of natural fractures in shale reservoirs, which create great challenges to hydraulic fracturing. Activating the natural fractures in reservoirs can form a complex fracture network, enhance fracturing effects, and increase shale gas production. Reservoir geological conditions (low in situ stress, natural fracture distribution, and cement strength) and operation parameters (fracturing fluid viscosity and injection rate) have an important influence on fracture network propagation. In this article, a two-dimensional hydraulic fracturing fluid-mechanic coupling numerical model for shale reservoirs with natural fractures was established. Based on the global cohesive zone model, the influence of geological conditions and operation parameters on the propagation of the hydraulic fracture network and fracturing process is investigated. The numerical simulation results show that when the horizontal in situ stress difference, approach angle, and cement strength are low, it is easier to form a complex fracture network. Research on the construction parameters indicated that when the viscosity of the fracturing fluid is low, it is easier to form a complex network of fractures, but the length of the fractures is shorter; in contrast, the fractures are straight and long. In addition, increasing the injection rate is beneficial for increasing the complexity of the fracture network while increasing the initiation pressure and width of the principal fracture reduces the risk of sand plugging. This article also proposes an optimization solution for hydraulic fracturing operations based on numerical simulation results.
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INTRODUCTION
Shale gas is a type of unconventional natural gas that exists in shale reservoirs in an adsorbed or free state (Gale et al., 2014; Cheng et al., 2021; Lin et al., 2021). Hydraulic fracturing technology and horizontal well technology are widely employed in shale gas reservoir stimulation engineering (Weng, 2015). Compared to conventional reservoirs, shale reservoirs contain a large number of natural fractures (NFs) and form a series of fracture groups (Liu et al., 2021a). Activating a large number of natural fractures is advantageous for improving the final effect of reservoir stimulation (Mayerhofer et al., 2010; Liu et al., 2020). Therefore, many studies of the influence of NFs on the propagation process of hydraulic fractures (HFs), as well as the final fracture network morphology, have been conducted (Liu et al., 2021b).
In the process of hydraulic fracturing, when an HF encounters an NF, according to the influence on the shape of the seam mesh, the HF usually exhibits the following mechanical behaviors: 1) crossing the NF, 2) arresting by the NF, and 3) offsetting from NF (Wang et al., 2017). Based on a large number of experiments, researchers have summarized the different behaviors of interactions between HFs and NFs under different experimental conditions (Feng et al., 2020). For example, Daneshy (1974) conducted hydraulic fracturing experiments and confirmed that the stress field and approaching angle had significant effects on the interaction between HF and NF. Blanton (1982) found that HF tended to open NF and divert under the condition of a low stress difference; otherwise, HF tended to cross NF. Based on the results of these experiments, some researchers proposed relevant criteria to predict different interaction models under different conditions. Warpinski and Teufel (1987) proposed a criterion to judge the interaction; the key parameters included the approximation angle and stress difference. Renshaw and Pollard (1995) proposed a criterion that considers both the stress at the tip of HF and the stress difference in the far field. However, the criterion can only be applied to orthogonal fractures. Gu et al. (2012) extended the criterion to nonorthogonal fractures and widened its application scope. To describe the interaction of fluid-driven fracture and NF in detail, more factors have been added to the criterion, such as the interface properties of NF (Zhou et al., 2008), the fluid viscosity, and the injection rate (Chuprakov et al., 2014). Although these above-mentioned criteria can explain the interaction between the NF and the HF, the mechanical models are simple and based on several assumptions. More importantly, a complex fracture network is always generated in shale reservoirs after the fracturing process, meaning the mechanical model is very complicated, and the existing criteria are not able to describe the generation and evolution of the fracture network.
With the progress of numerical algorithms and the rapid development of computer performance, numerical simulation has gradually become an important tool to study large-scale hydraulic fracturing. Numerical simulation can track the evolution process of the fracture network in real time and more parameters can be discussed and optimized. Currently, the numerical methods for simulating the propagation of hydraulic fracture networks can be divided into two categories: continuum approaches and discontinuum approaches. The finite element method (FEM) is a traditional continuum method that describes fractures by the anisotropic damage model and material softening property (Zhao et al., 2020). The effects of the interaction between an HF and an NF are reflected by the failure strength degradation and permeability evolution. Although the continuum method has high computational efficiency, it cannot directly describe the fracture geometry, which is approximated by damage bands. To overcome the problem of fracture description, the extended finite element method (XFEM) adds the degree of freedom to simulate the fracture behavior (Maulianda, 2020). The fractures can then be expressed explicitly (Zheng et al., 2020). However, it is still difficult to simulate multiple fracture interactions. As another method, the discontinuum method has inherent advantages in simulating fracture propagation. The discrete element method (DEM) can directly simulate the fracture interaction (Yoon et al., 2017). However, the method cannot be applied at the engineering scale, and the corresponding results are limited to a small scale (Li and Bahrani, 2021). The discrete fracture network (DFN) model is a simulation method that is based on the displacement discontinuity method. The model can simultaneously calculate the propagation process of many fractures (Ma et al., 2020; Zhao et al., 2021). Hydraulic fracturing is not a single stress field or seepage field. In contrast, the process involves multifield coupling, especially fluid-mechanical coupling. Unfortunately, the DFN method needs to be improved to consider the coupling process. The cohesive zone model (CZM) is an intuitive discontinuum method that simulates material damage and failure by specifying the traction-separation law. Initially, the CZM could only be utilized to simulate the fracture propagation process in a preset path, so it could only simulate the interaction of a single HF and a single NF instead of the fracture network propagation in the reservoir (Chen et al., 2009; Guo et al., 2015; Sun et al., 2020). By embedding several cohesive elements around a solid element, the propagation path of multifractures can be enriched. The CZM is an effective method for directly solving the limitation of fracture propagation paths based on the CZM. The CZM is able to simulate the evolution process of a complex fracture network on a large scale. This method is known as a global cohesive zone model (GCZM) (Li et al., 2017; Wang, 2019). Based on the previously mentioned numerical methods, current research on fracture network evolution usually focuses on geological factors, such as the approach angle (Rueda Cordero et al., 2019), in situ stress difference (Liu et al., 2018), and natural fracture cement strength (Zheng et al., 2019). Some reservoir conditions are not suitable for forming complex fracture networks. In these cases, the operation parameters have an important role in enhancing the reservoir stimulation effect. Therefore, on the basis of understanding geological parameters, an exploration of the influence of construction parameters (such as injection rate and fluid viscosity) on fracture network propagation and fracture properties has more practical significance (Zhai et al., 2020).
In this article, a two-dimensional, fluid-mechanic coupling model for hydraulic fracturing is established. A Python program is developed to implement the global embedding of the cohesive element, which is simulated and postprocessed by ABAQUS software. The effects of geological factors (in situ stress difference, approach angle, and natural fracture bonding strength) and operation parameters (fracturing fluid viscosity and injection rate) on fracture network morphology are investigated. Furthermore, we also discuss the influence of operation parameters on fracture properties in detail and propose a construction optimization scheme of hydraulic fracturing engineering.
NUMERICAL MODEL
The hydraulic fracturing process is a complex, fluid-mechanic coupling process in which the solid part includes the deformation, damage, and failure of the rock mass, and the fluid calculation part includes the fluid flow in the fracture and the pore system. With regard to the fractures, the GCZM is introduced to simulate the fracture initiation and the evolution process of the fracture network.
Governing Equations
Effective Stress Principle Equation
Rock is a typical porous medium. The total stress can be divided into two parts, namely, the effective stress and pore pressure, which are written as follows:
[image: image]
where [image: image] is the total stress, MPa; [image: image] is the effective stress, MPa; [image: image] is the Biot coefficient; [image: image] is the pore pressure in the porous media, MPa; and [image: image] is the Kronecker constant.
Pore Fluid Flow Equation
The fluid flow in the pore system follows Darcy’s law:
[image: image]
where [image: image] is the pore pressure, MPa; [image: image] is the Laplace operator; [image: image] is the permeability of the rock; [image: image] is the viscosity of the fracturing fluid; and [image: image] and [image: image] are the compressibility coefficients of rock and liquid, respectively.
Fracture Fluid Flow Equation
Generally, the fluid flow in a fracture consists of two parts: tangential flow along the length of the fracture and normal flow orthogonal to it, as shown in Figure 1.
[image: Figure 1]FIGURE 1 | Fluid flow in the fracture.
Normal flow is related to the leak-off of fracturing fluid; this process is usually simplified by the leak-off coefficients. The simplified leak-off process is expressed as follows:
[image: image]
[image: image]
where [image: image] and [image: image] are the flow rates at the top boundary of the fracture and bottom boundary of the fracture, m2/s, respectively; [image: image] and [image: image] are the leak-off coefficients of the top boundary of the fracture and bottom boundary of the fracture, respectively; [image: image] and [image: image] are the pressures of the top boundary of the fracture and bottom boundary of the fracture, MPa, respectively; [image: image] is the pressure in the fracture, MPa.
Tangential flow (Figure 1) has a significant influence on the effect of hydraulic fracturing, and the characteristics of the tangential flow in fractures are mainly determined by the fluid viscosity. The internal tangential flow is calculated by the parallel laminar flow formula. The flow rate is proportional to the cube of the fracture width, which is shown in the following equation:
[image: image]
where [image: image] is the flow rate of the tangential flow in the fracture, MPa; [image: image] is the fracture width, m; [image: image] is the viscosity of the fracturing fluid; [image: image] is the fluid pressure gradient along the fracture length, MPa/m.
Cohesive Zone Model
The cohesive zone model (CZM) was proposed (Dugdale, 1960; Barenblatt, 1962) to solve the problem of crack tip stress singularity in linear elastic fracture mechanics (LEFM) and was initially applied to metal materials. Hillerborg (1976) extended its application to quasi-brittle materials, and rock fracture can also be described by this model. In the CZM, the bilinear traction-separation law is a traditional model for simulating the damage and failure process of rock (Chen et al., 2009). As shown in Figure 2, the horizontal axis [image: image] represents the separation of the corresponding nodes of a cohesive element, and the longitudinal axis represents the traction strength of the cohesive element. [image: image] represents the tension strength of the rock, and [image: image] is the displacement when the initial damage occurs. With an increase in [image: image], the corresponding stress continues to decrease until the displacement reaches [image: image], indicating the generation of a fracture in the material. In addition, the area of the triangle enclosed by the traction-separation curve and horizontal coordinate axis is equal to the fracture energy [image: image] of the material.
[image: Figure 2]FIGURE 2 | Bilinear traction-separation law of the cohesive element.
In the numerical model, the maximum nominal stress traction-separation law is applied to judge the initiation of damage, as shown in the following formula:
[image: image]
where [image: image] is the normal stress, MPa; [image: image] and [image: image] are the shear stresses along the tangential direction, MPa; correspondingly, [image: image], [image: image], and [image: image] represent the peak normal and shear stresses, MPa.
If [image: image], the material starts to incur damage. Note that the work focuses on tensile hydraulic fractures. The tangential strength is set to a large value to ensure that only tensile failure occurs in the HFs and NFs.
Once the critical point of the damage is reached, the rock shows softening performance. To determine the damage degree of the rock, damage factor D is defined, which is related to [image: image], [image: image], and [image: image]:
[image: image]
where D is the damage factor, and when D = 1, rock completely fails and macroscopic fracture appears.
Global Cohesive Zone Model
The cohesive element requires a predetermined fracture propagation path, and the traditional CZM is usually employed to simulate the crack propagation process with a known path. However, in the hydraulic fracturing process, the direction of the fracture propagation is determined by many factors, resulting in the uncertainty of the fracture extension direction. To overcome the deficiency of the traditional CZM and enrich the propagation path of the fracture, a method of the global cohesive zone model is established by the global embedding of zero-thickness cohesive elements. This work is realized by the secondary development of ABAQUS software. The propagation path of fractures can be regarded as arbitrary, and the GCZM is employed to simulate the propagation process of the complex fracture networks.
Several key issues should be addressed in GCZMs. First, to ensure continuous fracture propagation and continuous fluid flow, the pore pressure of the adjacent coincidence nodes should be equal. Hence, all adjacent cohesive elements are designed to share one seepage node (Figure 3), simplifying the complicated process. The direction of the cohesive element is also an important problem. When the cohesive elements are inserted globally, a cross-product of the vector is used to determine the normal direction of each cohesive element, as well as the embedding direction of the cohesive element and the order of the corresponding nodes (shown in Figure 4). In the model, the direction of the cohesive element should be noted; otherwise, penetration of the rock element may occur.
[image: Figure 3]FIGURE 3 | Schematic diagram of cohesive elements sharing one seepage node.
[image: Figure 4]FIGURE 4 | Diagram of the normal direction of the cohesive element.
RESERVOIR HYDRAULIC FRACTURING MODEL IMPLEMENTATION
Model Overview
In this study, a two-dimensional (2D) hydraulic fracturing model was established in the finite element software ABAQUS. A Python program was developed to embed a group of natural fractures into the reservoir model according to a fracture density parameter (Figure 5A).
[image: Figure 5]FIGURE 5 | (A) Schematic diagram of reservoir model and boundary condition. (B) Reservoir finite element model and natural fracture embedding diagram.
To simulate fracture propagation in an actual reservoir with a planar model, several assumptions are needed. 1) The rock is treated as a linear elastic material; 2) the fracturing fluid is assumed to be Newtonian fluid and incompressible; 3) the fluid flow in the pores conforms to Darcy’s law, and the fracture fluid obeys the cubic law. The size of the reservoir model was 50 m × 50 m, and 24 natural fractures were embedded in the model (Figure 5A). These natural fractures were designed as a fracture group with the same dip angle and cement strength. The perforation is located in the middle of the model, which is represented by two cross lines. Note that the length of each cohesive element at the fracture initiation point was set equally to avoid the calculation error caused by the element length.
Figure 5B shows the meshing of the reservoir finite element model. The mesh size was 1 m, and the number of elements was 7,602–7,857 due to the difference in meshing caused by various NF dip angles. As shown in Figure 3, a 4-node CPE4P element that supports seepage calculation is performed to simulate the rock matrix, and a 6-node COH2D4P cohesive element, including a fluid-mechanic coupling calculation, is utilized for fracture simulation. To improve the convergence of the numerical simulation, the damping parameter of the COH2D4P element is set to 0.01. In the fluid-mechanic coupling simulation, the mid nodes (5 and 6 in Figure 4) of COH2D4P are applied to simulate the fluid flow in the fracture, which enables the element to simulate the process of hydraulic fracture propagation. In Figure 5B, the locations of natural fracture elements are highlighted with bold black lines to distinguish the mesh lines near the natural fractures.
Boundary Conditions and Initial Conditions
Figure 5A shows the displacement boundary conditions of the reservoir model. The left and right boundaries impose displacement constraints in the X direction, while the upper and lower boundaries impose displacement constraints in the Y direction. In addition, the pore pressure of the four boundaries is set to 0.1 MPa.
As shown in Figure 5A, fluid is injected into the reservoir from the point located at the central cross point of the model. To enhance the convergence performance of the numerical simulation, the flow rate gradually increases until it reaches the preset value instead of setting the maximum value directly at the beginning of the simulation.
Hydraulic fracturing numerical simulation is divided into two stages: the initial stage and the hydraulic fracturing stage. In the first stage, the initial condition parameters of the reservoir, such as the initial in situ stress, initial porosity, and initial pore pressure, are given to obtain the initial state of the reservoir. The initial in situ stress is an important parameter of hydraulic fracturing simulation, which affects the complexity of the fracture network. The initial porosity and initial pore pressure are set to 0.1 and 0.1 MPa. Under the initial conditions and boundary conditions, a static state is obtained.
After the completion of the initiation stage, the hydraulic fracturing stage is simulated by injecting the fluid into the reservoir, which is computed with the transient method.
RESULTS AND DISCUSSION
In shale reservoirs with natural fractures, the propagation of the hydraulic fracture network is a very complicated process that is affected by many factors. These include the in situ stress difference, the approach angle and cement strength of the natural fractures, injection rate, and fracturing fluid viscosity. Generally, the first three factors are geological factors, and the other two factors are operation parameters. To discuss the effect of the factors on the reservoir stimulation after fluid injection for 20 s, several cases are designed in Table 1.
TABLE 1 |  Hydraulic fracturing parameters used in different cases.
[image: Table 1]In the numerical simulation, other basic properties of the reservoir and fracturing fluid are listed in Table 2.
TABLE 2 |  Model constant parameters used in simulation.
[image: Table 2]Influence of the In Situ Stress Difference on the Fracture Network Propagation (Cases 1 ∼ 3)
In situ stress is one of the most significant factors affecting hydraulic fracturing performance (Shi et al., 2020). Hydraulic fractures always tend to develop along the maximum stress direction. When the in situ stress difference is high, the propagation direction of the hydraulic fracture is less disturbed by the other factors. To discuss the influence of the in situ stress difference (Δσ) on the propagation of the hydraulic fracture network, three values of Δσ are considered, namely, 2 MPa, 4 and 6 MPa. In these cases, the angle between HF and σmin is 30°, which can be classified as a low-angle NF. The simulation results obtained after fluid injection for 20 s, are shown in Figure 6.
[image: Figure 6]FIGURE 6 | Morphology of hydraulic fracture network under Δσ: (A) 3 MPa in case 1; (B) 4 MPa in case 2; (C) 6 MPa in case 3.
In Figure 6, the grey solid lines represent the locations of the natural fractures. The colored belts represent the propagation path of the hydraulic fractures, and the widths of the hydraulic fractures are expressed by different colors. In terms of fracture morphology, the fracture under a low stress difference is more meandering, while the fracture is relatively straight and has a definite direction of propagation with a high Δσ. As shown in Figure 6A, when meeting the NF, the HF is more likely to divert to the direction of the NF and continue to propagate from the end of the NF. Although the NF is activated under the condition of a low Δσ, the narrow fracture width results in a relatively small stimulated area. With an increase in Δσ (4 MPa), the interaction between the HF and the NF is more complicated. For example, the HF crosses the NF and offsets the NF (Figure 6B). The NF is activated, and the stimulation area also increases, which is beneficial for improving the complexity of the fracture network and reservoir stimulation performance. When Δσ increases to 6 MPa (Figure 6C), the interaction between the HF and the NF appears as the crossing. The propagation direction of the hydraulic fracture is distinct. Although hydraulic fractures extend a long distance, NFs are not activated, which is not beneficial for forming a complicated fracture network.
Based on the simulation results, when the stress difference is very low, the fracturing area is relatively small in the reservoir containing natural fractures with low angles. The propagation direction of hydraulic fractures is easily affected by natural fractures, which tends to increase the complexity of the fracture network. On the other hand, when the stress difference is very high, the propagation direction of the hydraulic fracture is controlled by σmax. The hydraulic fractures are difficult to divert. The NFs cannot be activated, and few branch fractures are formed. The fracturing result shows a biwing planar fracture (Hou et al., 2019). When the stress difference is at a medium level, the interaction between the HF and the NF is more complicated. The division process can activate natural fractures and enhance the complexity of the fracture network. The crossing process favors an increase in the fracturing area. A large-scale, complex fracture network is achieved.
Influence of the Natural Fracture Approach Angle on Fracture Network Propagation (Cases 2, 4 ∼ 6)
Unlike other tight reservoirs, there are a large number of natural fractures in shale reservoirs. These fractures formed by tectonism and other geological reasons are the key factors affecting the effect of hydraulic fracturing. The density and dip angles of these fractures are often random to some extent. To control a single variable and study the influence of NF and HF approach angles on fracture network propagation, this article assumes that natural fractures in the reservoir are fracture groups with fixed density and equivalent angles. The approach angle indicates the angle between the maximum stress direction and the NF. In this article, if the dip angle of a natural fracture is [image: image], the corresponding approach angle is [image: image].
Since the approach angle has a significant effect on the stress field near the natural fractures, the approach angle is also an important parameter to simulate fracture network propagation. In this article, four simulation conditions of approach angles ([image: image], [image: image], [image: image], and [image: image]) are established to investigate the influence on the propagation of the fracture network. Figure 7 shows the fracture network at different approach angles.
[image: Figure 7]FIGURE 7 | Morphology of hydraulic fracture network under different approach angles: (A) [image: image] in case 1; (B) [image: image] in case 2; (C) [image: image] in case 3; (D) [image: image] in case 4.
Figure 7A shows that the hydraulic fractures and natural fractures are orthogonal. In this case, it is difficult for HFs to activate NFs and to obtain branch fractures, and the reservoir stimulation effect is poor. Figure 7B and Figure 7C show that when the approach angle is [image: image] and [image: image], the HF has a large offset along the HF and produces branch fractures. The formed fracture network is relatively complex, and the fracturing effect and stimulation effect are significant. Figure 7D shows the fracture network shape when the approach angle is 30°. At this time, due to the small approach angle, it is easy for HF to propagate along NFs and activate NFs, but it is also difficult to form branching fractures, so the fracturing effect is moderate.
According to the above-mentioned discussion, there is no simple positive or negative correlation between the approach angle and the fracturing effect. If the approach angle is too large, it is difficult to activate natural fractures, and if the approach angle is too small, it is difficult to generate branching fractures and complex fracture networks.
Influence of Natural Fracture Cement Strength on Fracture Network Propagation
Natural fractures in shale reservoirs are mostly filled with minerals such as calcite, which have tensile strength and are known as cemented fractures. To study the influence of the cement strength of the cemented fracture on the hydraulic fracturing effect, two groups of cemented strength conditions were established in this article: 1 and 3 MPa. The influence of NF cement strength on fracture network propagation is shown in Figure 8.
[image: Figure 8]FIGURE 8 | Morphology of hydraulic fracture network under different cement strengths: (A) case 2; (B) case 7.
Figure 8A shows that if the natural fracture has a cement strength of 1 MPa when the hydraulic fracture propagates near the natural fracture, the fracture is divided into two branches: the first branch passes directly through the natural fracture, and the second branch is offset along the natural fracture and expands independently. Figure 8B shows that when the natural fracture cement strength is 3 MPa, the HF does not branch but directly passes through the natural fracture without increasing the complexity of the fracture network.
In conclusion, when natural fractures are filled with minerals and have high strength, hydraulic fractures do not easily activate natural fractures; it is difficult to form a complex fracture network; and the reconstruction effect cannot reach the optimal level. In contrast, when the cement strength of natural fractures is low, hydraulic fractures are more likely to propagate or offset along natural fractures, resulting in more complex fracture networks and enhanced fracturing and stimulation effects.
Influence of Fracturing Fluid Viscosity on Fracture Network Propagation
Horizontal in situ stress differences, natural fracture approach angles, and cement strength are properties of the reservoir itself that engineers can only adapt to but cannot change. However, fracturing fluid viscosity and injection rate differ, which are two of the most important operation parameters that can be adjusted flexibly according to reservoir properties. Two of the most widely employed fracturing fluids are guar fluid, which has a high viscosity that exceeds [image: image], and slickwater, which has a low viscosity of approximately [image: image].
Fracturing fluids with different viscosities have a wide range of effects. Engineers and numerous experiments have revealed that high-viscosity fracturing fluid forms long, straight fractures, while low-viscosity fracturing fluid forms tortuous fractures near the wellbore. The effect of fracturing fluid viscosity on the interaction between hydraulic fractures and natural fractures is not as significant as that of the in situ stress difference. Generally, only when the viscosity of the fracturing fluid is different by order of magnitude can the difference in fracture network morphology be observed. In this article, two different conditions of fracturing fluid viscosity are established for comparison. The first condition is simulated guar gum liquid with a viscosity of [image: image]; the second condition simulates slickwater with a viscosity of [image: image].
Figure 9A shows the fracture network propagation when the fracturing fluid viscosity is [image: image]. Hydraulic fracture offsets when it approaches natural fractures and branch fractures are generated, forming a relatively complex fracture network. Figure 9B shows the fracture network propagation when the fracturing fluid viscosity is [image: image]. Hydraulic fractures directly pass through natural fractures without branching fractures, and the fracture network is not complicated.
[image: Figure 9]FIGURE 9 | Morphology of hydraulic fracture network under different fluid viscosities: (A) case 1; (B) case 8.
Figure 9 shows that low viscosity fracturing fluid is more likely to form complex fracture networks, but the length of principal hydraulic fracture is shorter. Moreover, the influence of fracturing fluid viscosity on hydraulic fracturing can only be reflected when the viscosity is greatly different, so it is difficult to obtain the optimal solution of fracturing fluid viscosity. Fracturing fluids with different viscosities have different roles in hydraulic fracturing engineering, and fracturing fluids with different viscosities are commonly employed in different stages of construction in actual engineering. For example, in shale gas production operations in the Sichuan Basin, multiple fracturing fluids are often alternately utilized for multistage fracturing reservoir stimulation (Cao et al., 2020). Therefore, fracturing fluid can be flexibly changed in different fracturing stages according to engineering needs to obtain the best fracturing effect.
Influence of Injection Rate on Fracture Network Propagation
Similar to fracturing fluid viscosity, the fracturing fluid injection rate is an important operation parameter in shale gas exploitation. In engineering, a large injection rate is often used to rapidly break the reservoir and increase the width of the fracture at perforations to avoid sand plugging and other accidents. In this article, two injection rates are selected to study the influence of injection rates on the hydraulic fracture network propagation of the reservoir: [image: image] and [image: image].
As shown in Figure 10A, when the injection rate is low, the length and width of hydraulic fractures are small, and the formed hydraulic fractures do not easily generate branch fractures. As shown in Figure 10B, the length and width of hydraulic fractures formed at a higher injection rate are significantly larger than those formed at a lower injection rate. In addition, as shown in Figure 10B, the higher the injection rate, the greater the stress at the hydraulic fracture front, and the higher the probability of hydraulic fracture branching, which makes it easier to generate complex fracture networks and improve the effect of reservoir stimulation.
[image: Figure 10]FIGURE 10 | Morphology of hydraulic fracture network under different injection rates: (A) [image: image], case 9; (B) [image: image], case 2.
If more fluid is injected at a higher rate, the fracture length will be longer at the same time. However, the effect of a high injection rate on hydraulic fracturing is not limited to length; it can effectively increase fracture width, improve hydraulic fracture conductivity, and reduce sand plugging risk. In practical engineering, especially hydraulic fracturing engineering with large-scale fracturing volume technology, the displacement of reservoir stimulation will be large enough to form fractures with better conductivity and improve the fracturing effect.
Figure 11 shows the variation in the bottomhole (BH) pressure curve with fracturing time during hydraulic fracturing. As shown in Figure 11, with an increase in injection rate, the net pressure in the fracture during fracture propagation also increases. The higher the net pressure is in the fractures, the easier it is to open the natural fractures in the reservoir and then to form a complex hydraulic fracture network (Duan et al., 2019).
[image: Figure 11]FIGURE 11 | Bottomhole pressure-time history curve.
Figure 12 shows that as the injection rate increases, the bottomhole pressure at formation initiation increases. In addition, the higher injection pressure creates a wider principal fracture at the injection point, significantly increasing conductivity and reducing the risk of sand plugging.
[image: Figure 12]FIGURE 12 | Failure pressure and fracture width at injection point for various injection rates.
According to the above-mentioned analysis, increasing the injection rate can increase the net pressure in the fracture, which can more easily activate natural fractures, thus forming a complex fracture network. For hydraulic fracturing operations, increasing the injection rate can increase the pump pressure, but it can also improve the fracture conductivity near the well and reduce the risk of sand plugging.
CONCLUSION
In this article, a two-dimensional, hydraulic fracturing, fluid-mechanic coupling, fracture propagation model was established to simulate the hydraulic fracture network propagation process of shale reservoirs with natural fractures. The influences of geological factors, such as the horizontal in situ stress difference, the approach angle of natural fractures, and cement strength on fracture network propagation, were investigated. In addition, the influence of operation parameters such as fracturing fluid viscosity and injection rate on hydraulic fracture network propagation was investigated, and a hydraulic fracturing optimization scheme is proposed. Through numerical simulation and results analysis, the following conclusions were obtained:
1) The results show that the greater the difference in ground stress, the less likely it is to form a complex fracture network, but the length of the main fracture will increase; when the approach angle is low, hydraulic fractures tend to shift along the natural fracture surface, increasing the complexity of the fracture network; when the cementation strength of natural cracks is high, the hydraulic fracture does not easily activate natural fractures. Using a low-viscosity fracturing fluid enables hydraulic fractures to activate natural fractures and form a fracture network; large-displacement fracturing can increase the widths of fractures and avoid sand plugging.
2) Reservoir geological conditions, such as the horizontal in situ stress difference, geometric distribution, and strength properties of natural fractures, are the main factors affecting the expansion of hydraulic fracture networks, which can only be fully utilized (e.g., multistage fracturing technology and large-scale fracturing technology) but have difficulty changing geological conditions. To fully utilize the reservoir geological conditions, it is necessary to accurately measure the in situ stress before drilling, obtain reservoir microseismic data, and determine the distribution and density of natural fractures in reservoirs with geological exploration data.
3) Operation parameters, such as fracturing fluid viscosity and injection rate, are important parameters that can be mastered by engineers and have a significant influence on the reservoir stimulation effect. As high-viscosity fracturing fluids and low-viscosity fracturing fluids have distinct advantages and disadvantages, different-viscosity fracturing fluids can be employed in the operation of alternating fracturing fluid injection.
4) The injection rate, often referred to as the displacement rate in operation, has a significant effect on fracture network propagation and near-wellbore fractures. Increasing the injection rate can increase the net pressure in the fracture and form a complex fracture network. On the other hand, higher injection rates can increase the widths of near-wellbore fractures, significantly reducing the risk of sand blockage and other accidents. Therefore, the injection rate should be increased in hydraulic fracturing operations to achieve the best reservoir stimulation effect.
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