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The accurate calculation of the two-phase relative permeability has a significant
impact for effectively characterizing the fluid flow patterns of unsaturated shale
reservoir. A new fractal relative permeability model is developed based on two-
phase transport feature in confined nanopores, which is upscaled with the aid of
fractal theory for two-phase flow through unsaturated shale porous medium.
Unlike the earlier models, the presented models considered nanopore
wettability, confined viscosity varies with the nanopore diameter (variable
water phase viscosity), stress dependence effect, real gas effect, irreducible
water saturation and tortuosity effect. The proposed model compares the
permeability of single nanopore and multiple nanopores with earlier
research, which shows that the fractal relative permeability model agrees
well with earlier models and experimental data. The results show that the
Monte Carlo model and Abaci experimental model studied by previous
researchers are special cases of the proposed fractal model, thus showing
that the proposed fractal model has obvious advantages. Further calculations
show that 1) The gas phase's relative permeability gradually decreases with the
increase of water saturation; 2) Confined viscosity varies with the nanopore
diameter has a greater influence on the inorganic pores and a smaller influence
on the organic pores on the relative permeability; 3) The relative permeability of
the intersection point in the organic pore is higher than that of the inorganic
porous, but the water saturation at the intersection is less than that of inorganic
pores. Therefore, it lays a solid foundation for revealing the two-phase flow law
of shale porous media.
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1 Introduction

Simulating the gas and water fluid flow in the shale multi-
scale pore structure of an unsaturated reservoir plays an
extremely important role in dealing with key issues such as
fracturing fluid flowback and unsaturated reservoir
development (Bear and Jacob, 1975; Adler and Brenner, 1988;
Berkowitz, 2002). One of the most important basic parameters
that can characterize the multiphase flow of oil and gas reservoirs
is the two-phase relative permeability. It can not only evaluate the
behavior of multiphase fluids, but also provide constructive
guidance for unsaturated oil and gas reservoirs (Lei Dong
et al, 2015). Laboratory test simulation (Jackson et al., 2018)
and theoretical derivation of mathematical formulas (Li, 2010;
Yao et al,, 2018) are the most important methods for evaluating
the relative permeability of gas and water phases. Nevertheless,
due to the extremely low permeability and the extremely complex
nanopore structure, the relative permeability of the two phases of
unsaturated tight reservoirs cannot be accurately obtained
(Zhang et al., 2017). For this reason, in order to study the
gas-water two-phase flow behavior in tight reservoir shale
porous media, mathematical models are widely used to
accurately predict the gas-water two-phase relative permeability.

Fractal theory is adopted by a large number of researchers to
accurately study the relative permeability of the microscopic pore
structure of saturated shale porous media with wet and non-wet
phases. Katz et al. (Katz and Thompson, 1985) and Krohn et al.
(Krohn and Christine, 1988) have rigorously demonstrated that
porous media rocks with complex pore structures have fractal
characteristics. Based on the fractal self-similarity theory,
numerous researchers extensively apply mathematical
modeling and numerical simulation to study the gas-water
two-phase fluid flow behavior in rock pore structure, and
obtained the two-phase relative permeability model (Tan
et al, 2015; Wang et al., 2017). According to the assumption
that each capillary bundle is saturated by the wetting and non-
wetting phase fluids, Yu et al. (Yu and Li, 2003) uses the fractal
capillary bundle model and the Hagen-Poiseuille equation to
accurately calculate the fractal permeability of the tight reservoir
rock porous media. Liu et al. (Liu and Yu, 2007) proposed a new
fractal permeability model that considers the capillary pressure
effect. However, although these models use fractal theory, they do
not consider the combined effects of tortuous capillaries,
viscosity changes with pore diameter, and irreducible water
saturation.

Prediction of gas-water two-phase relative permeability in
shale multi-scale pore structure is still challenging due to
complex pore structures and ultra-low permeability. The flow
channel is not straight but tortuous, which is a typical feature of
multiphase fluid flowing in real porous medium rock. Clennell
(Clennell, 1997) and Khalili (Matyka et al., 2008) demonstrates
the great and profound influence of tortuosity on the electrical,
hydraulics and diffusion properties in unsaturated rocks with
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multi-scale pores, and based on this, introduces the concept and
characteristics of tortuosity (Carman, 1937). Yu (Yu and Li,
2003) and Liu (Liu et al, 2021) established a porous media
based
mathematical modelling method and considering fractal

permeability model on fractal theory through
distribution of tortuosity. The results show that the fractal
permeability calculated under the conditions of considering
fractal distribution of tortuosity and not considering fractal
distribution of tortuosity has a significant difference. Wang
(Wang et al, 2018) developed the relationship between
volume flow and confined pressure considering the fractal
distribution of tortuosity in a single confined nanotube. The
results show that the fractal distribution of tortuosity increases
the complexity of the pore structure of porous media, thereby
reducing the permeability of porous media.

Furthermore, the inherent rock properties of porous media
play an important role in the main controlling factors affecting
the viscosity of confined water compared with bulk water and
bulk gas (Li et al., 2007; Feng et al., 2018). It is known that in
hydrophilic nanotubes, due to the large amount of water attached
to the boundary wall (Thompson and Robbins, 1990), the
viscosity of the bulk water and the bulk gas viscosity are
much lower than the effective viscosity of the confined water
near the boundary wall (Feibelman, 2013). However, the
wettability fluid can effectively slide along the hydrophobic
capillary wall (Vinogradova et al, 2009), and the no-slip
boundary condition assumption no longer holds (Wu et al,
2017).

interaction on the

In addition, the effect of water/micropore wall
flow behavior of confined water is
significantly different from that of water/porous wall
interacting (R R, et al, 2012; Lorenz and Zewail, 2014). Real
slip conditions can characterize the water/micropore wall
interaction effect at the molecular level. However, because the
interaction between bulk fluid and solid wall occurs near the
boundary region of confined nanopore wall, the apparent
viscosity can be used to express the fluid viscosity in the
boundary region of pore wall (Wu et al, 2017). Yang (Yang
et al, 2019) put forward the order of factors that affect the
permeability of shale multiscale pore structure. Analysis results
show that shale fluid relative permeability is strongly influenced
by the slip length with distinctive flow patterns characterizing on
fluid/solid interaction.

To accurately gain the relative permeability of shale gas and
water phase (The effective permeability of the two-phase fluid
through the rock accounts for the content of the absolute
permeability of the single-phase fluid through the rock), it is
also very important to the calculation of absolute permeability in
the nano-scale range. Hu, et al. (Hu and Huang, 2017) concludes
that absolute permeability is an intrinsic property of rock, which
absolute permeability remains unchanged with the properties of
fluids through rock unless there are physical and chemical
reactions between fluids and rock. Therefore, Yu (Yu and Li,
2003) obtained the absolute permeability on the basis of Darcy’s
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law equation under the condition of water saturation of 0 or 1,
and then established a two-phase relative permeability model
based on fractal theory. Xu (Xu et al.,, 2013) believes that the
absolute permeability calculated under the condition that the
shale pore structure is completely saturated with fluid is a special
case of the effective permeability of single-phase fluid.

In general, when these models are upgraded from
nanoporous microscopic simulation to porous media
macroscopic simulation, the comprehensive effect of fluid
confined viscosity with nanopore size and wettability change
have not been effectively solved in shale porous media gas-water
two-phase flow channel. For the purpose of accurately simulating
the confined fluid flow in shale porous media, the gas-water two-
phase relative permeability model of shale porous media must be
established under the conditions of nano-scale interface fluid
viscosity with nano-aperture variation, tortuous capillary effect
and effective slip boundary. These problems have been well
analyzed and addressed in this paper. Additionally, the paper
also considered stress dependence effect, real gas effect,
irreducible water saturation and tortuosity effect, which these
effects the earlier models were not considered at the same time.
The basic route and structure of the rest of the article are as
follows: Fractal model for gas and water transport is organized in
Section 2. The two-phase transport model in the porous shale
matrix is organized in Section 3. The Model comparison and
validation is organized in Section 4. The effects of the real gas,
variable water viscosity, gas viscosity, structural parameters,
irreducible water saturation and wetting angle on the two-
phase relative permeability model are investigated in Section
5. Finally, several conclusions are provided in Section 6.

2 Fractal model for gas and water
transport

2.1 Basic theory

Due to the intricate distribution of porous media pores in
tight reservoirs, in the light of the complexity of pore distribution
in tight reservoirs, the pore distribution of porous media in tight
reservoirs has to be simplified using fractal theory. Fractal Theory
is a new theory and subject that is very popular and active today.
Fractal theory plays a huge role in the simplification of real
complex systems. The tight reservoir porous medium satisfies the
fractal characteristics. Therefore, the fractal theory can be used to
study the water and gas relative permeability of the tight
reservoir. On the vertical section of shale multi-scale pore
structure, the cumulative size N whose pore size is greater
than or equal to A obeys the fractal scaling law (Boming Yu

and Cheng, 2002):
e\
Nen = (M) )
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FIGURE 1
Schematic illustration of the physical model of the tortuous
capillary in shale porous media (Zeng et al,, 2020).

Where A, is the maximum nanopore size, nm; Dy is the pore
fractal dimension, 0 < D¢ < 2.

Differentiating Eq. 1 with respect to A can be obtained (Yu
and Liu 2010):

~dN = DA B APy (2)

Eq. 2 establishes the differential relationship between the
number of capillaries and the diameter of nanopores in a unit of
shale porous media; the negative sign in Eq. 2 indicates that the
larger the diameter of nanopores, the fewer the number of
capillary pores.

From Eq. 1, the total number of capillaries from A, to Apax
can be obtained:

NT(ZAmin) = (Amax/Amin)Df Withlmin SASAmax (3)
Simultaneous Eq. 2 and Eq. 3 can be obtained:
~dN/N7p = DA A Prd) = £(1)d) (4)

Where f (1) = DeA 2t A7 P d) is the Equation of probability
density distribution at the unit interface of shale porous media.
Assuming that the Ain/Amax = M, can obtain the pore fractal

dimension Dy expression is:

Di=¢-In¢/lnm (5)

Where ¢ is the two-dimensional Euclidean dimension, and € = 2;
¢ is the porosity of shale porous media in Figure 1.

Wheatcraft (Wheatcraft et al.,, 1991) established the fractal
relationship between the length of the tortuous capillary flowing
through the porous medium and the fractal shape of the round
capillary by using fractal theory and considering the tortuous
capillary effect in shale porous media:
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I, = IDrAPr (6)
Where [, is the length of the tortuous capillary, nm; Dy is the
tortuous fractal dimension of the capillaries, with 1 < Dy < 2,
represents the complexity of fluid flow through shale porous
media capillary pore space.

The tortuous fractal dimension can be written:

In T,

Dr = o)

™)
Where 7,, is the average tortuosity of tortuous capillaries,
dimensionless; A,, is the capillaries average diameter, nm.

Considering that the tortuous and bending properties of real
capillary are important factors that cannot be ignored in shale
porous media, the introduction of tortuous capillary to
characterize the complex transport behavior of fluid in porous
media. Considering the complex flow path in shale porous media,
the average tortuosity can be obtained as:

VI -VT=6) + (1-¢)/4
1-J1-¢

1 1
Tav:5|: E\/—+ (8)

According to Eq. 4, the average nanopore diameter of the
tortuous capillary can be obtained as:

A max
/\av = Jl f(A)dA = mm [l - (’1 mm/)‘ maX)Df ] (9)

Equation 9 can be further simplified to obtain:

me

Aav =
Di—1

A max [1 = mP (10)

The average nanopore diameter of capillary in shale
porous media can be calculated by Eq. 10. And consider
that the porous medium in the cross section of Figure 1 is
composed of nanopores with different round diameters.
the of the
microscopic pore structure of tight reservoirs can be
calculated by Eq. 11:

J‘/\ max
A mi

Therefore, vertical ~cross-sectional area

()’ (-dN) Dy (1 - m¥ )

A= = Al 630)
¢ 42-Dp)p ™™
Substituting Eq. 4 into Eq. 11 can further improve Eq. 11:
D (1 -
T 42-Dé Df)‘/’

The vertical cross-sectional area of micro-pore structure of
shale reservoir is as follows:

A=1I (13)

By substituting Eq. 12 into Eq. 13, the straight-line distance [,
can be obtained as follows:
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_ _Amax ﬂDf (1—¢)
h=VA== N\ g

(14)

Combining Eq. 10 and Eq. 14, the relationship between the
straight-line distance of the capillary and the average diameter of
the nanopores in the porous medium is:

lo/lavz De-1 1—¢ Dy

2mD;(1-mP ) \ ¢ (2-Dy)
Thus, by substituting Eq. 15 and Eq. 8 into Eq. 7, the tortuous

(15)

fractal dimension D can be calculated.

2.2 Gas and water transport in nanopores

Curtis (Curtis et al., 2012) have verified and obtained the
conclusion that a large number of inorganic and organic pores
are widely present in shale matrix nanopores. However, due to
the strong constrained between fluid molecules and the solid
surface, the slip-free Hagen-Poiseuille relationship based on the
continuum cannot accurately characterize the fluid transport
behavior in the nanochannel. Due to the greater difference in
density of liquids than gases, the use of gas dynamics theory is
ruled out (Gad-El-Hak, 2006). Experimental results and MDS
studies have shown that the most suitable for explaining the
transfer characteristics of nanofluids must be combined with slip
boundary conditions and effective viscosity correction to
accurately reveal the flow mechanism of gas and water fluid
in confined channel (Thomas and Mcgaughey, 2008; Wu et al.,
2017). The physical model of gas and water fluid flow in
nanopores is shown in Figure 2.

Figure 2A is the physical model of gas and water fluid flow in
organic/inorganic nanopores, where L. represents the effective
slip length, and § is the immovable liquid film thickness occupied
by irreducible water; Figure 2B is the gas and water flow model in

nanopores.

2.2.1 Transport in nano pores

The inherent characteristics of fluid incompressibility in rock
porous media are used as hypothetical conditions. And in the
capillary, the flow of the water and gas fluid do not interfere with
each other, that is, they flow in a stable laminar flow. The strong
wetting effect and water absorption occur near the wall of
tortuous capillary nanopores tube, which results in the
existence of the partial wetting phase fluid in the form of
liquid film. The immovable liquid film thickness § can be
used to characterize the degree of residual water phase fluid
in shale porous media, so the liquid film thickness () in this
model will not change with the flow behavior generated by the
fluid. The distribution and structural parameters of bulk gas, bulk
water and irreducible water fluid in the capillary are shown in
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Inorganic pore

FIGURE 2

Physical model of gas and water fluid flow in organic/inorganic nanopores.
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FIGURE 3

Physical model diagram for proposed models: (A) distribution of bulk gas, bulk water and bound water in nanopores; (B) fluid structure in

nanopores.

Figure 3. The length is ], the radius of the nanopore is r and the
radius of the bulk gas flow channel is r;.

Since any nanopore in shale porous media has the same fluid
viscosity at the same distance, the fluid flow forms a cylindrical
layer velocity field. Under the assumption that the fluid flows
forward at a constant speed, the fluid driving force is 1*Ap and
the fluid flow resistance is viscous force, that is, 2nrl; y. According
to the interaction principle of force in Newton’s third law, the
relationship between fluid driving force and fluid viscous force is
the relationship between force and reaction force when the fluid

flows to the axis of a circle with a radius of r meters, then:
=2nrly + nr*Ap =0 (16)

where y is shear resistance due to friction between adjacent fluids,
MPa; Ap is the drive pressure difference, equal to the difference
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between the inlet pressure p; and the outlet pressure p,,
MPa.Equation (16) can be simplified to

Ap

= 2, r (17)

X

Eq. 17 applies to both water and gas phase. And substituting
Newton’s law of viscosity into Eq. 17, can get:

ov, Ap

o = s
v, Ap

ot = 2—ltr (19)

Where pu,, is the water viscosity in the nanopore, Pa.s; i, is the gas
viscosity in the nanopore, Pa.s; v,, is the water velocity in the
nanopore, nm/s; Vg is the gas velocity in the nanopore, nm/s.
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_ Ap

_ J oy, = J 2 r.or (20)
_[_2r

_ J dv, = J e ror @1)

With the help of differential Eqs. 20, 21, the velocity distribution
of the water and gas phase fluid with r, distance from the central
axis on the capillary section can be obtained:

A 2
w = — pr +Cy; 11 <r<ry—20 (22)
4u 1,
Vew = 0579 —8<r <71y (23)
A 2
Vg =— P +Cq;0<r<r (24)
4pl,

Where v, is the water fluid velocity at the nanopore boundary,
nm/s; § is the thickness of the liquid film at the nanopore
boundary, nm; C,, and C, are the velocity integral constants,
dimensionless; r; is the distance between the cylinder surface of
the gas and water phases and the center axis of the
nanopore, nm.

le r=ry = Vgl r=r1 (25)

where r = ry-d is the interface radius between the non-flow-able
fluid and the flow-able fluid, and its water phase velocity
expression is:
vy
wlr=ro=s = ~Ls—=—| r=r,- 26
Vaol ror-s o | =ro-s (26)
Where L is fluid real slip length at walls, nm.

According to Eqs. 22-26, the two-phase velocity equations
can be expressed as:

2 — —
Vy = 4A/frl Ap(ro (Zirol 8+2L5);r1<r<r0—6 (27)
wht wht
L _Aprt_aprt Ap[(o-8F +2Liro-9)-n]
& du e 4pl; du 1, e
(28)

Yu et al. (Yu and Li, 2003) proposed that the radius of the
water and gas interface radius r; can be expressed as:

r= (4/2-8)\Sy = (/2= OVI-S,

(29)

Where A is nanopore diameter, nm; Sg is non-wetting phase
g =1-SW_
Integrating Eq. 27 from r = r; to r =A/2 - §, and Eq. 28

saturation, S, is wetting phase saturation, S

from r =0 to r =ry, the volume flux of gas phase fluid (g4) and
water phase fluid (q,,), respectively, can be attained for a single
_mAp(A[2-8)"-S,

tube.
ro=08
qW B Jrl Sﬂwll

x [(A/2-08)° - S, +4L (/2 - 9)]

vedA
(30)
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_mAp(A/2- 3)'s; LY

— [ vda-=
s jo E 8l 4p, L,

(31)
x [(M2-8%(1-S;) +2L (A/2- 8)] (A/2 - 8)’S,

2.2.2 Fluid flow feature in confined nanopores
2.2.2.1 Stress dependence effect

Civan (Civan, 2010) proposed the relationship between the
diameter of the tortuous capillary nanopore (1) and the inherent
permeability (k) and porosity (¢) of the rock as:

Aot = 2@@

Where A is the diameter of shale nanopores after considering

(32)

stress sensitivity, nm.
The inherent permeability and porosity of the rock are
(Dong, Hsu et al., 2010):

k =ko(pe/po)”
¢ = ¢y (Pe/Po)”’

(33)
(34)

Where k the intrinsic permeability of shale porous media
nanopores under effective stress, um’ ko is the inherent
permeability of shale porous media under normal atmospheric
pressure, um? p, is the difference between confining pressure (p.)
and pore pressure (p), that is the effective stress, MPa; p, is
normal atmospheric pressure, MPa; S is permeability coefficient
determined by the inherent properties of the rock, dimensionless;
¢ is the porosity of shale porous media under effective stress,
dimensionless; ¢,is the porosity of shale porous media under
atmospheric pressure, dimensionless; g is the porosity coefficient
determined by inherent properties of rock, dimensionless.

Substituting Eqs. 33, 34 into Eq. 32, the relationship between
shale nanopore diameter after considering stress sensitivity and
effective stress is:

At = 2V20\ko /4, (pe/ po)"* ()

According to Eq. 32, the diameter of shale nanopores under

(35

atmospheric pressure can be obtained as follows:

A =2v21Jko/#, (36)

Combined Eq. 35 and Eq. 36 can obtain the expression of
shale nanopore diameter after considering stress sensitivity:

et = A(pe/ po) () (37)

According to Eq. 37, it establishes the relationship between
the diameter of shale nanopore and the diameter of nanopore
under atmospheric pressure.

2.2.2.2 Effective slip length determination

The water-wall interaction in the confined nanoporous fluid
flow space is greatly affected by the surface configuration of rock
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particles and the characteristics of physical and chemical
reactions (Cottin-Bizonne et al, 2003). Particularly, the
wetting property of the nanoporous boundary wall is
particularly affected at low shear rates (Tretheway and
Meinhart, 2002; Maali et al., 2008). The boundary slip length
is closely related to the contact angle of wall surface (Granick
et al., 2003). The specific expression for its calculation is:

L, =C/(cosf+1) (38)

Where L is the real slip length of the nanopore interface fluid,
nm; C is the slip constant, which is 0.41 obtained by MD
experimental simulation; 6 is the contact angle of the confined
nanopore channel, rad.

There is a significant difference between the boundary
confined water viscosity and the bulk water viscosity near
the wall of the confined nanopore channel, which leads to
obvious slippage at the liquid/liquid interface (Mashl and
Aluru, 2015). In practical, the effective slip length of
confined fluid is affected by the real slip and apparent slip
effects (Wu et al., 2017; Zeng et al., 2020), so the effective slip
length parameter Ly can be obtained:

Lse:L5a+LS:[ﬂ—w—l]</}+Ls>+Ls (39)
Hq 8

Where L. is effective slip length, nm; Ly, is apparent slip
length, m; p, is the bulk water viscosity, Pa.s; A is the nano
capillary diameter, nm; p; is confined fluid effective
viscosity, Pa.s.

It is obvious from Eq. 39 that the effective slip length depends
not only on the liquid/solid interface fluid wetting properties but
also on the fluid viscosity and nanopore size (Thomas and
Mcgaughey, 2008).

2.2.2.3 Confined nanofluid flow viscosity

Since the irreducible water viscosity and bulk water
viscosity of the fluid exhibit unique properties when
flowing in a restricted nanopore (Fradin et al, 2000;
Bocquet and Tabeling, 2014), it is necessary to re-
determine the effective viscosity of the nanopore fluid.
Notably, the area of irreducible water and bulk water flow
area is an important factor in determining effective viscosity.
Therefore, considering the effective viscosity as the weighted
summation of the bulk water viscosity and the irreducible
water viscosity according to the area of the flow area (Thomas
and Mcgaughey, 2008; Shaat and Mohamed, 2017),
the specific expression of the effective viscosity can be
obtained as:

Aid:| N Ajg (40)

= 1-
Ha Auw[ Atd AurwAtd

Where y is the effective viscosity of the confined nanopore
fluid, Pa.s; p,, is the viscosity of the bulk phase water, Pa.s; Aj4
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is the area of irreducible water region, nm?
Aig=n[(V2)* = V2 -8)% - (2r)?]; 8 is the liquid film
thickness in irreducible water area, nm, determined by MD
simulation experiment (Werder, Walther et al., 2002; Thomas
and Mcgaughey 2008); p,.. is the irreducible water viscosity,
Pa-s;Ayq is the total area of irreducible water and bulk water
area, nm?, Ay = [ (A/2)* - (2r))?].

The irreducible water viscosity and bulk water viscosity are
greatly influenced by the water/wall interaction and the rock
wetting properties, and are close with the wetting angle of the
water/wall interface. The wetting angle can then be used to
express the fluid viscosity in the interface area (Raviv et al., 2001).

Brv 32404325 (41)

the

Where 6 is wetting angle, rad.

In addition, the linear relationship between the wetting angle
and the viscosity of the interface region is not limited to CNTs or
films, and will have universal applicability in practice (Wang and
Cheng, 2019). Notably, rocks are affected by long-term deposition
of different fluids, resulting in different wetting properties in shale
nanopores, and making the walls of nanopores show different
hydrophilicity or hydrophobicity (closely related to contact angle).
Therefore, the relationship between the contact angle and the fluid
viscosity in the confined area (Eq. 41) is used to characterize the
transport characteristics of organic and inorganic pores in shale
porous media. According to Eq. 41, it can be seen that the surface
of the hydrophilic nanopore exhibits an area of bound water with
extremely poor fluidity, and the surface of the hydrophobic
nanopore exhibits an area of low viscosity and flow-able bulk
water.

The viscosity of the bulk water has the following relationship
with the formation temperature of the fluid (Laliberté, 2007).

~ (T - 273.15) + 246
~[0.05594 (T — 273.15) + 5.2842] (T — 273.15) + 137.37
(42)

Uy

Where T is the formation temperature, K.

2.2.2.4 Real gas effect and confined gas viscosity

Under the actual extreme heat and high pressure conditions
of the formation, due to the influence of the real gas effect, the gas
compression characteristics will be different from the ground
conditions and cannot be ignored. Therefore, the pseudo
pressure and pseudo temperature are used to characterize the
gas compressibility factor (Wu et al.,, 2016).

Z =0.702p%e """ — 5.524p.e T + 0.044T7 — 0.164T, + 1.15

(43)
P
=2 44
Pz (44)
T
Tr = TT; (45)
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where p; is the pseudo-pressure, dimensionless; T, is the pseudo-
temperature, dimensionless; p. is the methane critical pressure,
MPa; T. is the methane critical temperature, K.

And the gas viscosity in the nanopore can be characterized by
Eq. 46 (Tran and Sakhaee-Pour, 2017):

py= (1% 107)K exp (Xp") (46)
(9.379+0.01607M)T"* )

T (209.2 +19.26M +T)

M
= 1.4935 x 10722 48
p X 7T (48)
986.

X =3.448 + +0.01009M (49)
Y =2.447 - 0.2224X (50)

Where 4, is the gas viscosity under consideration of the real gas
effect, Pa-s; K is a parameter related to the relative molecular mass
and temperature of the gas phase; p is the gas density under
consideration of the real gas effect, kg/m’ X and Y are constants,
dimensionless.

When a gas flows in the pores of a tight reservoir, the
confined gas viscosity is different from the effective gas
viscosity, which is presented as a function of the Knudsen
number (K,) in a proportional form as follows:

et — C(K,) (51)
e

In Eq. 51, pg is the confined viscosity of natural gas, Pa-s;
C(K,) is a function of Knudsen number (K,); The Knudsen
number (K,) is defined as follows (Xu et al., 2019):

Ko=1/A (52)

In Eq. 52, the mean free path [ of gas molecules is expressed
by (Roy et al.,, 2003):
R, T
1= & Rg (53)
p V2M
Where R, is the universal gas constant, 8.314 J/mol/K.
Tran (Tan et al,, 2014) gives the specific expression of C(K,,)
as follows (Sone et al., 1990):

C(K,) = % (% + ochn) (54)
Where:
o = By + Bytan” (B,KP) (55)
B, = 1.2977 (56)
B, = 0.71851 (57)
B, =-1.17488 (58)
/33 = 0.58642 (59)
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3 Two-phase transport model in shale
porous medium

3.1 The two-phase effective permeability
in shale porous medium

The total flow rate of non-wetting and wetting phase volume
fluxes per unit volume can be obtained by summing all
nanoporous flows in shale multi-scale pore structure by fractal
theory for gas and water transport method in Section 2 (Tan
et al., 2014), and also consider capillary touristy, that is.

A max
Q= —j 4w (MAN, (60)

min

A max
Q=-[ " 0han, (61)
Where Q,, is the total volume flow of wetting water phase per unit
area in the nanopore of shale porous medium, nm’/s; Qg the total
volume flow of non-wetting gas phase per unit area of nanopore
of shale porous medium, nm’/s; N, is the cumulative size of
nanopores from the minimum nano-aperture (A,) to the
maximum nano-aperture (A,,,) after considering the stress
sensitivity (Eq. 37); ¢, is the flow rate of the wetting water
phase in a single nanopore, nm?/s; qg is the flow flux of the non-
wetting phase gas in a single nanopore, nm?*/s.

Inserting (Eqs. 2, 6, 30, 31, 39-41, 46) into (Eq. 60) and (Eq.
61), one can get the volume flux of non-wetting and wetting
phase fluid.

A AP (1)2 = 8)” - S,
Qu =- —_—
J A 8ugls " (62)
[(A/2=08)’S, + 4Lic (A/2 - §)]dN.

_ (emAp(M2- 8'S:  aap
%= J Ao 8ugl: Tl (63)
[(A/2-8)(1-8g) + 2Lic (A/2 = 8)] (A/2 - 8)*S,dN.

Since in Eqs. 62, 63, the effective viscosity u4 in the
denominator term of the integral function is a complex
function of the diameter of the nanopore tube (Yang et al,
2019), it cannot be integrated easily. Therefore, in order to
further simplify Eqs. 62, 63 to facilitate integration, a large
number of shale porous media composed of different pipe
diameters are divided into J tiny segments according to the
nanopore pipe diameter range (A min <A <A ). In the range
of each tiny segments (Amin;<A<Amax,i>i=1,2,--,]), the
effective viscosity pg can be regarded as a constant that does
not change with the diameter of the pipe (Zeng et al., 2020).
Therefore, in each tiny segment, Eqs. 62, 63 are integrated to
obtain the gas phase and water phase flow is:
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Where,
Amin i
—— il 66
ﬂl /\max i ( )
Aig; A
(Aavi) = | 1= == | + 67
Has () = b Avgi #mAtd,i 67)

Ao D Amm i
Aav,i = J /\f (A)dl - d [ (Amm t//lmax 1)Df ] (68)
Aid,i = ﬂ[ (Aav,i/z) - (/lav,i/2 - Ac)z] (69)
Atd,z‘ = ﬂ(Aav,i/z)z (70)

Then the flow of nanopores in each tiny part of shale is
superimposed algebraically to obtain the gas and water phase
flow flux of shale porous media:

J
=D Qui (71)

J
Qg = ZQg,r’ (72)

Where ] is the number of tiny segments.
Inserting Eq. 64 into Eq. 71, one can get
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Qu = ﬂAPwa D Z{ \D1-Dy+3 /%DT?DM
v gbr Tma 2132 S5 Jmaxs Dr-D;+3
DDy +2

6(4Sg— )]ADT b2 B;
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53[ 4 - 5(1- )]Aﬁ;x?f 7}
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(73)
Where Ap,, is the differential pressure of wetting flow. Similarly,

inserting Eq. 65 into Eq. 72, one can get:

A p, D,
R

f‘w \Dr-D+3 ﬁD' o
o W™ Dr-Dr+3

2 1485 p—

- [ (4l, - 36) +0(88, - 5)— g]lﬂ;g?'”ﬁ"

"6 Hai  Heir * Dr-Dr+2

1 665 Dy -Dy+1

+= 5[(357121)"—“49571255) ]Aﬁﬁxf"“ﬁi

8 Hai Hai e Dy -Df+1

1 448, 1 Dr-Dy
HSZ[ -2 121 - ) v o(88, - 7) — ]Aﬁ;x?fﬁ*—

4 Heit 3 Ha; Dy - Dy

1 4 Dr-Dg-1
+=8° [ lﬂ,26(1 _ ) +7gj|/\2:;?i71ﬁ’7}
di Hai Mot Y Dr-Df-1

(74)

Where Ap, is the differential pressure of non-wetting flow.
According to Darcy’s law, the two-phase flow capacity of the
porous medium are given by,

K AAD,
Q, = 2P (75)
A"lwlo
K,AA
Qg — '8 pg (76)
Mglo

Inserting Eqs. 73, 74 into Eqs. 75, 76, one can get the effective
permeability in shale gas porous media as.

_ Quiylo
"= anpy (77)
Qgptlo
£ AAp, (78)

Where K, is the effective permeability of weting flow, K, is the
effective permeability of non-weting flow.
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3.2 The two-phase relative permeability in
shale porous medium

According to the definition of absolute permeability, it is the flow
capacity when only containing single-phase gas or single-phase water.
Under the condition that the fluid passes through the rock porous
medium without physical and chemical reaction, the absolute
permeability will not change because of the nature of the water or
gas passing through the rock, which is the inherent property of the
rock porous medium (Yu and Li, 2003; Hu and Huang, 2017).
Therefore, it is only gas volume flux when the gas saturation is 1.

0 = TAPD b, i{i[i— 1 ZMW}ADT b BT

4loDy TEEB2 e M Hd, M Dy — Dg +3
1 1 40 2 PP
+— [ (4, -30) B 4 30— - 7] L M
16 My Uai  Hesr Y Dr-Df+2
1 60 Dr-Dy+1
+—8[(36— 121) B+ (95 - 120+ 7})(5“.”?;“/317
8 Hai Hai Mo Dr—-Dg+1
1 46 6 Dr-Dg
+—52[ S22 ot - ]Aﬁ;ﬁ?f—ﬁ*
4 Heft o Hai * Dr — D¢

Dr—Dg-1
+16[ ot 6]/13;?[1 B }
2 Wiy Her Dr-D; -1

(79)
According to Darcy’s law, the gas flow capacity of the porous
medium are given by,

KAAp,
Auglo

Qx = (80)

Inserting Eq. 79 into Eq. 80, one can get the absolute
permeability in shale gas porous media as.

_ QK.uglo
- Alp,

(81)

Then, combining Eqs. 77, 78, 81, the initial two-phase relative
permeability can be obtained as:

(82)

Kuo = (83)

Considering that 7 is the water saturation tortuosity when
only one fluid is saturated in the porous medium, and 7,, and 7,
are the water-bearing tortuosity of the wetting phase and the gas-
bearing tortuosity of non-wetting phase under two-phase seepage
conditions. They satisfy the following relationship (Burdine,
1953):
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T Sw_Swi
== 84
’ Tw l—Swi ( )
T S
S 85
Tg Tg I*Swi ( )

Where S,; is the irreducible water saturation, dimensionless.

Since the water-bearing tortuosity and the gas-bearing
tortuosity change with the change of saturation, according to
Egs. 82, 83 combined with Eqgs. 84, 85, the following improved
formulas are obtained (Burdine, 1953).

K
Ky =12 — 86
g (86)

K
Ky = ng?g (87)

Put Eqs. 73, 74, 79 into Eqs. 77, 78, 81 respectively, and then
put Eqgs. 77, 78, 81 into Eqs. 86, 87, we can get:

2 Aw
Ky =1.,— 88
=g (88)

Ag
K g = TrgB— (89)

Where:
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WhereS,, is the water saturation after considering the irreducible

saturation (S, =Sy +Swi); S,

—8.,) considering the irreducible water saturation.

water
(S =1

is the gas saturation

4 Model comparison and validation

In Section 2 and Section 3, the theoretical calculation model
of the two-phase relative permeability in shale multi-scale pore
structure is derived. This paper aims to study the analysis model
of the two-phase relative permeability in shale multi-scale pore
structure. Next, we will first verify the proposed model with
earlier experimental and theoretical models. Then, study the real
gas effect of porous media, gas viscosity effect, structural
parameters of porous media (such as pore fractal dimension
D¢ and tortuous fractal dimension Dr), variable water viscosity,
irreducible water saturation, wetting angle on the two-phase
relative permeability are investigated in detail.

4.1 Verification of the proposed model
with other models

The proposed fractal two-phase relative permeability
When
macroscopic seepage occurs in the whole shale porous

model is an idealized semi-analytical model.
medium, the secondary role of pore connection shape and
physicochemical reaction between fluid and rock can be
ignored in revealing the two-phase relative permeability. In

addition, the convergence value of fluid characteristics in shale

Frontiers in Earth Science

1

10.3389/feart.2022.1009750

multi-scale pore structure can be obtained under sufficient
simulation conditions and the convergence criterion is
satisfied. An approximation of the two-phase relative
permeability can be obtained by setting the error of 107°
and J=10,000 conditions in the following discussion. Other
specific parameters are exhibited in Table 1 below.

Then, the rationality and reliability of this proposed
model will be verified by mathematical theory verification
and experimental simulation results. First, this paper will
compare the relative permeability of single capillary with the
G. Lei’s model (Lei et al., 2015) and Hagen-Poiseuille’s
model. Second, we will perform multiple capillary
nanopore relative permeability comparison on the Monte
Carlo’s model (Xu et al.,, 2013) and Abaci’s model (Abaci

et al., 1992).

4.1.1 Single capillary nanopore relative
permeability comparison

Under the condition of water saturation 1, boundary water
film thickness 0 and bound water 0, the Hagen-Poiseuille
equation under a single capillary and the water flow rate of
the degradation model in this paper are calculated, as well as the
comparison of the relative permeability between the G. Lei’s (Lei
et al,, 2015) model and the degradation model in this paper. As
shown in Figure 4 below.

From Figure 4A, it can be observed the phenomenon that
when the water saturation of the model in this paper is 0.4, 0.6,
0.8, and 1, our water phase flow gradually increases with the
increase of water saturation, and it reaches Hagen-Poiseuille’s
result when the water saturation is 1. The results are fully
matched, which is sufficient to verify the correctness of the
single capillary model in this paper.

Then on this basis, we will consider the single-nanopore flow
rate of effective slip length and the two-phase effective
permeability and absolute permeability calculated by the
generalized Darcy’s law with the gas flow obtained when the
gas saturation is 1. Then calculate the two-phase relative
the
permeability and compare it with the G. Lei model (Lei et al.,

permeability according to definition  of relative
2015) considering the effective slip length (L) and slip length
(L), as shown in Figure 4B As shown. From Figure 4B, it can get
the conclusion that for the two-phase relative permeability, the
effective slip length (Lg.) and slip length (L) are considered to
match the G. Lei model better. Therefore, it can prove the

correctness of the model in this paper.

4.1.2 Multiple capillary nanopore relative
permeability comparison

In this section, the effective slip length (L), slip length
(Ls), and slip length (L
1,=Tg=1 will be considered in comparison with the

= 0) under the condition of

widely accepted Monte Carlo calculation model (Xu et al,
2013) and Abaci experimental data model (Abaci et al., 1992)
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TABLE 1 Simulation basic data table.

Parameter name Symbol
Fluid type —
Porosity ¢
Permeability coefficient S
Porosity coefficient q
Irreducible water saturation Swi
Boundary liquid film thickness 8
Shale nanopore maximum diameter A max
Shale nanopore minimum diameter A min
Formation pressure p
Confined pressure Pe
Formation temperature T
Water viscosity U
Effective viscosity Ua
A 3500
—&— Prensented (Sw=0.4) .
3000 - —o— prensented (Sw=0.6) 0
2500 t == Prensented (Sw=0.8) s
~ .
» ++@+ Prensented (Sw=1) ;
3 2000 .’
5- ® Hagen-Poiseuille equation (Sw=1)
1500
z
QA
1000
500
0
0 200 400 600 800 1000
Pore diameter (nm)
Verification with Hagen-Poiseuille Equation.
FIGURE 4

Single capillary nanopore relative permeability comparison.

parameters. In the experiments of Abaci et al. (Abaci et al,
1992), A test
on anisotropy sandstones with a porosity of 33%. In the

relative  permeability was performed
new model we proposed, the other parameters were
obtained in the same way as the Monte Carlo calculation
model (Xu et al,, 2013) and the Abaci experimental model
(Abaci et al.,, 1992) to obtain the results shown in Figure 5
below.

From Figure 5A, it can be seen that for the two-phase
relative permeability, the model (considering effective slip,

Li) for the gas phase’s relative permeability is in good
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unit Numerical value
— Water and gas
% 483
- 0.04
- 0.08
- 0.1
nm 0.2
nm 800
nm 5
MPa 40
MPa 50
K 300
Pa-s _
Pas —
B 1:9...1.“.%“ p 1
.-
LI
.,_.&.
01 "'g,. q01
g0 Q'. z
x l'.. Q
0.01 | q-_ 4 0.01
=== Krw (Ls) ee&k+ Krg(Ls) .
—6— Krw (Lse) ++©+ Krg (Lse) "-.
+e+ Krg (GLei's Model) —&— Krw (G.Lei's Model)
0.001 € L ! L L 20001
0 0.2 0.4 0.6 0.8 1
$

w

Verification with G.Lei model.

agreement with the Abaci experimental data model (Abaci,
Edwards et al., 1992) at S, = 0.28-0.73. Well, there is a slight
difference between S,, <0.28 and S,> 0.73, and the relative
permeability of the water phase gradually changes from
inorganic (wetting angle = 0°, 40°, 80°) to organic matter
(wetting angle = 120°). It gradually becomes larger due to
the increase of the effective slip length, which coincides well
with the Abaci experimental data (Abaci et al., 1992) when the
wetting angle is equal to 80°, which shows that the rock sample
selected in the Abaci experiment (Abaci et al, 1992) is
hydrophilic in the middle, and it also proves the presented
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—&— Krw(6=120°, Lse )
A —#— Krw(0=80°, Lse )
—8— Krw(0=40°, Lse )
—#— Krw(0=0°, Lse )
—— Krnw (Monte Carlo's model)
—8— Krnw (Abaci's model)

<4+ Krnw(6=120°, Lse )

eoX+ Krnw(0=80°, Lse )

++@+ Krnw(6=40°, Lse )

«+m -+ Krnw(0=0°, Lse )

—— Krw (Monte Carlo's model)
—6— Krw (Abaci's model)

£
A
Effective slip length( L)
B —&— Krw(6=120°, Ls ) A+ Krnw(6=120° Ls ) —&— Krw(6=120°,Ls =0) A Krnw(6=120% Ls =0)
—— Krw(0=80°, Ls ) « ¥+ Krnw(6=80°, Ls ) C —¥— Krw(0=80°, Ls =0) +o¥e+ Krnw(6=80°,Ls=0)
—8— Krw(6=40°,Ls ) @« Krnw(6=40°, Ls ) —o— Krw(6=40°Ls=0) @&+ Krnw(6=40°,Ls=0)
—8— Krw(6=0°,Ls) «+® Krnw(6=0° Ls) —8— Krw(6=0°%Ls=0) <@ Krnw(6=0°,Ls=0)

—2— Krnw (Monte Carlo's model) —&— Krw (Monte Carlo's model)
—6— Krnw (Abaci's model) —6— Krw (Abaci's model)

Slip length( Ls)

FIGURE 5

—#— Krnw (Monte Carlo's model) —=— Krw (Monte Carlo's model)
=8— Krnw (Abaci's model) =8— Krw (Abaci's model)

Slip length( L=0)

Multiple capillary nanopore relative permeability compared with Monte Carlo’s and Abaci’s model.

model is experimentally correct. Moreover, the results also
show that the Monte Carlo model and Abaci experimental
model studied by previous researchers are special cases of the
proposed fractal model, which indicate that the proposed
fractal model has obvious advantages.

However, the reason why the model in this paper (L,
Figure 4A) and (L, Figure 4B) shows the water phase’s
relative permeability is not equal to 1 or 0 under different
wetting angles when the water saturation is 1 or 0-0.15; but the
model in this paper (L = 0, Figure 4C) does equal to 1 or 0 when
the water saturation is 1 or 0. Because when the water saturation

Frontiers in Earth Science

13

is small and the rock is hydrophobic, on the one hand, the
natural gas channel compresses the flow of the bulk water
channel, and on the other hand, due to the strong water
phase viscosity and boundary water viscosity Water
absorption causes the effective slip length to be less than 0;
when the water saturation is 1, the effective slip length is less
than 0 when the rock is hydrophobic and the water phase’s
relative permeability is less than 1, and when the rock is
hydrophilic, the effective slip length is greater than 0. As a
result, the water phase’s relative permeability is greater

than one.
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5 Results and discussion
5.1 Real gas effect

We will analyze the model in this paper considering the real
gas effect and analyze it without considering the real gas effect
(natural gas viscosity is 0.018 mPa s), as shown in Figure 6 below.

It can be seen from Figure 6 that when the wetting angles are
60" and 120°, the greater the water saturation, the gas phase’s
relative permeability decreases exponentially from 1 to 0, while
the water phase’s relative permeability increases exponentially
from 0 to 1. The comparison of the relative permeability of gas
and water with and without considering the real gas effect shows
that the real gas effect has great effect on the two-phase relative
permeability. In detail, the gas phase’s relative permeability with
the real gas effect is 0.52 times (6=60") and 0.51 times (6=120)
that of the gas phase’s relative permeability without the real gas
effect under the condition of S, = 0.235. But the water phase’s
relative permeability with the real gas effect is 0.53 times (6=60°)
and 0.53 times (6=120°) that of the water phase’s relative
permeability without the real gas effect under the condition of
S:V = 0.235. Therefore, it can be seen that the real gas effect is an
important factor that cannot be ignored.

5.2 Gas viscosity effect

When two-phase fluid flows in the multi-scale pore
structure of shale, natural gas viscosity is an important

parameter for obtaining the two-phase relative
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permeability. Therefore, it is necessary to analyze the
effect of natural gas viscosity on the gas-water two-phase
relative permeability. The organic wetting angle is 120°, and
the inorganic wetting angle is 60°. As shown in Figure 7
below.

It can be observed the phenomenon from Figure 7 that the
viscosity of natural gas has an influence on the two-phase relative
permeability in inorganic and organic pores. In detail, the relative
permeability of gas phase (yg = 0.05mPa - s) is 0.64 times (6=60°
and 60=120") that of the relative permeability of gas phase
(uy =0.018mPa-s) under the condition of S, = 0.235.
However, the relative permeability of water phase
(/,tg =0.05mPa-s) is 0.61 times (6=60° and 6=120°) that of
the relative permeability of water phase (4, =0.018 mPa-s)
under the condition of S = 0.235. With the increase of the
viscosity of natural gas, the relative permeability of gas phase and
water phase decreases gradually. This is because with the increase
of natural gas viscosity, the shear stress between gas phase and
water phase and between gas phase and gas phase increases, and
the flow channel of gas phase compressed water phase becomes
more significant, showing the increase of flow resistance, thus
resulting in the decrease of the relative permeability of two
phases.

5.3 Structural parameters
In porous media, there are pore fractal dimensions (Dy) and

tortuosity fractal dimensions (D) to characterize porous media.
Therefore, the influence of structural parameters on the two-
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phase relative permeability cannot be ignored, and it is necessary
to analyze and study it. Taking an inorganic wetting angle of 60°,
the parameter analysis is shown in Figure 8 below.

It can be seen from Figure 8 that the structural parameters
have little effect on the gas phase’s relative permeability, but have
a greater effect on the water phase’s relative permeability. With
the gradual increase of Dy, the water phase relative permeability
gradually increases (Song et al., 2020), and as the D gradually
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increases, the tortuosity fractal dimension has little effect on the
water phase’s relative permeability.

5.4 Variable water viscosity

In actual shale reservoirs, the water phase viscosity varies
with the diameter of the pipe and is close to the bulk water
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Effect of variable water phase viscosity on the two-phase relative permeability in porous media.

viscosity and boundary water viscosity. And the viscosity is also
affected by the wetting angle. This effect is called the variable
water phase viscosity effect. The opposite of this effect is the
constant water phase viscosity, that is, the water phase viscosity is
equal to the bulk water viscosity (u,). Therefore, it is very
important to analyze the effect of the model with variable
water phase viscosity and constant water phase viscosity on
the two-phase relative permeability. As shown in Figure 9 below.

It can be seen from Figure 9 that variable water phase
viscosity has a greater effect on the inorganic pores and a
smaller effect on the organic pores on the two-phase relative
permeability in the porous medium compared to constant water
phase viscosity at a wetting angle equal to 60°or 120°. When the
wetting angle is equal to 120°, the viscosity of the water phase has
little effect on the two-phase relative permeability in the porous
medium. This is because the rock is hydrophilic when the wetting
angle is equal to 60°, and the rock is hydrophobic when the
wetting angle is equal to 120°. In addition, it is easy to see that
when the water saturation is 1 or 0-0.2, the relative permeability
of variable water phase viscosity is less than 1 or 0 at a wetting
angle equal to 60°, but the water phase does not appear this case at
a wetting angle equal to 120°. This is because the rock is
hydrophilic at a wetting angle equal to 60°, and the water
phase viscosity and boundary water viscosity cause stronger
water absorption effect which leading to the effect of effective
slip length less than 0 is greater than the natural gas channel
compressing the flow of the bulk water channel; while the water
saturation is 1 or 0, the relative permeability of variable water
phase viscosity is exactly equal 1 or 0 at a wetting angle equal to
1207, it is because the wetting angle is equal to 120°, the rock is
hydrophobic, and the water phase viscosity and boundary water
viscosity strongly absorb water effect, which results in the effect
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that the effective slip length is less than 0, which exactly offsets
the natural gas channel compressing the bulk water channel flow.
Therefore, the viscosity of water in porous media in this model
varies with pipe diameter and the water phase viscosity is the area
weighting of bulk water viscosity and boundary water viscosity
which is more in line with reality.

5.5 Irreducible water saturation

In actual shale reservoirs, the reservoir has irreducible water
saturation in the nanopores due to the hydrophilic rocks,
irregular pits, and the formation of water films. Therefore, the
influence of this model considering irreducible water saturation
on the two-phase relative permeability when S,;=0.1, 0.3 and
0.5 cannot be ignored, and it is necessary to analyze and study it.
Take the inorganic wetting angle as 60°for parameter analysis, as
shown in Figure 10A, and the organic wetting angle as 120° for
parameter analysis, as shown in Figure 10B.

It can be seen from Figure 10 that the irreducible water
saturation has a significant effect on the gas phase’s relative
permeability and the water phase’s relative permeability. With
the increase of irreducible water saturation, the water phase’s
relative permeability gradually decreases. This is because with the
increase of irreducible water saturation, the space of the mobile
water phase in the rock nanopores is restricted, causing the water
flow rate to gradually decrease.

It is worth noting that for the irreducible water saturation of
0.1, 0.3, 0.5 in inorganic wetting angle as 60°, the relative
permeability of the intersection point of the corresponding
water phase and gas phase is 0.048 (S,,=0.57), 0.05 (S,=0.67),
0.057 (S,,=0.76); but for the irreducible water saturation of 0.1,
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0.3, 0.5 in organic wetting angle as 120°, the relative permeability
of the intersection point of the corresponding water and gas
phases is 0.063 (S,=0.53), 0.064 (S,,=0.63), 0.067 (S,,=0.74); it can
be drawn the conclusion that the relative permeability of the
intersection point in the organic pore is higher than that of the
inorganic porous, but the water saturation at the intersection is
less than that of inorganic pores. This is because organic pores are
hydrophobic, and capillary force acts as a driving force to
increase the water phase’s flow pressure, causing the relative
permeability of the intersection point of organic pores to be
greater than that of inorganic pores and the water saturation of
the intersection point is smaller than that of inorganic pores;
while inorganic pores have hydrophilicity, capillary force acts as
resistance to reduce the water phase’s flow pressure, causing the
relative permeability of the intersection of inorganic pores to be
smaller than that of organic pores and the water saturation of the
intersection point to be greater than that of organic pores.

5.6 Wetting angle

The shale porous medium is divided into organic pores and
inorganic pores according to the wetting angle of organic
pores >90°and inorganic pores <90°. The effective slip length
and slip length under different wetting angles are quite different,
so it is vital to analyze and consider the influence of wetting angle
on the two-phase relative permeability. In this section, the
effective slip length (L) will be considered in comparison
with slip length (L) and slip length (L; = 0) in organic
and inorganic pores, to analyze the effect of wetting angle on
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the two-phase relative permeability. Take water saturation of
0.4 and 0.5 for analysis.

From Figure 11, it can be observed the phenomenon that
with the increase of the wetting angle, the water phase’s
relative permeability of the proposed model (L) in organic
matter is slowly increased when the water saturation is
0.4 between 90" and 150°. When the angle is larger than
150°, the water phase’s relative permeability increases
sharply due to the sharp increase of the effective slip
length. However, for inorganic matter, the larger the
wetting angle, the smaller the water phase’s relative
permeability, but the smaller the effect on the gas phase’s
relative permeability. This is because as the wetting angle
increases, the hydrophobic properties of organic matter
become stronger, while the hydrophilic properties of
inorganic matter become weaker and gradually transition to
hydrophobic properties.

In addition, when the water saturation of organic matter is
0.4, the water phase’s relative permeability curve and the gas
phase relative permeability curve intersect at a wetting angle of
150°, and when the water saturation of organic matter is 0.5, the
water phase’s relative permeability curve and the gas phase
relative permeability curves intersect at a wetting angle of
130°. This is because the larger the water saturation, the larger
the water phase flow channel, and the smaller the boundary water
viscosity (ur) for the area weighting that considers the water
phase viscosity (¢q) as the bulk water viscosity and the boundary
water viscosity. It is necessary to reduce the wetting angle (Eq.
41 = 3240+ 3.25) to increase the equivalent effect of

thy
boundary water viscosity.
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6 Conclusion

Based on fractal theory, this paper establishes a fractal model
that can accurately calculate the two-phase relative permeability
in the multi-scale pore structure of shale. Under the same
geological parameters, the proposed model is in good
agreement with the mechanism model of Hagen-Poiseuille
and G. Lei et al, which proves the proposed model correct.
Unlike the earlier models, the proposed model considers the
three-layer flow composition of nanopore pore boundary layer,
bulk water and bulk gas, the difference between organic pores
and inorganic pores is affected and controlled by wettability and
effective slip length, the viscosity changes with the diameter of
the pipe, the stress dependance effect, confined gas viscosity and
real gas effect.

The results demonstrate that the gas phase’s relative
permeability gradually decreases with the increase of water
saturation; the water phase’s relative permeability gradually
increases with the increase of water saturation. Generally, the
relative permeability of the intersection point in the organic pore
is higher than that of the inorganic porous, but the water
saturation at the intersection is less than that of inorganic
pores. In real situations, the final relative permeability value is
determined by the interplay of the effective stress and slip flow
effects. Notably, with the increase of the wetting angle, the water
phase’s relative permeability of the model (L) in this paper is
slowly increased when the water saturation is 0.4 between 90° and
150°. When the angle is larger than 150°, the water phase’s relative
permeability increases sharply due to the sharp increase of the
effective slip length.
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