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Shale gas reservoir has become a crucial resource for the past decade to sustain growing energy needs while reducing the carbon intensity of energy systems relative to other fossil fuels. However, these reservoirs are geologically complex in their chemical composition and dominance of nano-scale pores, resulting in limited predictability of their effective storage capacity. To predict gas storage and estimate volumetric gas-in-place, in-situ gas properties need to be defined. However, only a few direct experimental measurements on in-situ gas properties are available in the literature, and the interactions between gas and the surrounding surface area of the medium remain poorly understood. In this study, gas invasion experiments were conducted in conjunction with 3D X-ray micro-CT imaging on three different shales, i.e., Bakken, Haynesville and Marcellus. Results show evidence of increased storage capacity in all cases, with different degrees of gas densification across the three shale specimens. The average of measured in-situ xenon density within the Bakken, Haynesville and Marcellus shale samples were found to be 171.53 kg/m3, 326.05 kg/m3 and 947 kg/m3, respectively. These measured densities are higher than their corresponding theoretical free gas density, though lower than the xenon density at boiling point, indicating that current practices of estimating adsorbed gas and gas in place, using boiling point liquid density, may be overestimated. The xenon densification factor in the Marcellus sample was found to be 7.4, indicating the most significant degree of localized densification. This densification factor drops to 2.6, and to 1.4, in the Haynesville and the Bakken sample, respectively. Characterization of shale composition and pore structure are presented, in order to assess the shale properties controlling in-situ gas density and storage capacity. Results indicate that the observed degree of gas densification in shales can be attributed to surface area and pore size. The findings in this work provide valuable reference for simulation to much more accurately predict gas storage in shales. More importantly, the contribution of this work lay a foundation to evaluate excess storage capacity of various gases in ranging tight formations.
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INTRODUCTION
Gas production from a shale reservoir depends on gas in place (GIP), its storage capacity and transport behavior. However, the mechanisms of gas storage and transport in shale systems are still poorly understood. Unlike conventional reservoirs in which gas is stored primarily as “free” gas in pores, a considerable proportion of gas in shales is stored in the form of “sorbed” gas. Adsorption results in a high-density phase and thus increases the storage capacity of shale as compared to a conventional rock with equivalent pore volume (Gasparik et al., 2014). In addition to adsorption, other mechanisms are believed to contribute to the storage of gas in shales. Barsotti et al. (2018) claim that stronger adhesive forces in smaller pores (e.g., mesopores) would lead to more fluid molecules to attract each other and form multiple molecular layers of the adsorbed phase. As pressure increases, this multilayer adsorbed film becomes unstable and starts to collapse until a new condensed phase nucleates and propagates in nanopores (Agrawal et al., 2017; Barsotti et al., 2016; Coasne et al., 2009; Thommes, 2010). This process is known as capillary condensation or pore condensation, which represents a phenomenon whereby gas condenses to a liquid-like phase in nanopores due to fluid–wall interactions (Thommes, 2010). Some studies consider capillary condensation as a special case of adsorption (Chakraborty et al., 2020; Thommes and Cychosz, 2014). Moreover, Luo et al. (2016) investigated storage behaviors in mesoporous controlled pore diameter glasses (CPG), and found that confined fluid properties are altered toward the properties of supercritical fluids at subcritical conditions. They refer to this phenomenon as induced-supercriticality. While these mechanisms have been widely studied, there is a dearth of studies that provide sufficient evidence of what mechanism(s) is/are responsible for altering gas storage in shales. It is a difficult task to experimentally differentiate these mechanisms controlling gas storage capacity in shales. However, it is worthwhile to further examine this scientific question in search for more accurate gas storage prediction. For this reason, this study aims to shed light on how in-situ gas property changes within different shales, and what shale properties control it.
The use of advanced high-resolution scanning (e.g., scanning electron microscopy (SEM)) have revealed that the complexity of nano-scale pore systems is tightly related to their mineralogical constituents (Chalmers et al., 2012). It is now widely accepted that gas storage in shale is dominated by the organic porosity (Curtis et al., 2012; Eberle et al., 2016; Jarvie, 2012; King et al., 2015). This conclusion is inferred from the positive linear correlation of gas sorption capacity in shales with Total Organic Carbon (TOC) (Eberle et al., 2016; Ross and Bustin, 2009). On the other hand, many studies focus on the effect of pore structural properties on gas storage in shales (Chalmers and Bustin, 2008; Gasparik et al., 2014; Kang et al., 2011). Shale matrix exhibits a wide distribution of micropores (less than 2 nm) and mesopores (2–50 nm) in organic matter and clay minerals (Kuila and Prasad, 2013). The structure of these nanopores have attracted more attention because they tend to be stronger indicators of excess storage capacity (Kuila and Prasad, 2013; Liu et al., 2018; Zhang, 2018). For example, clay minerals may provide considerable storage capacity in shales due to their high internal surface area (or micropore volume) (Wang et al., 2016). In addition to surface area, confinement in nanopores has significantly impacts on the thermodynamic properties, phase equilibrium, and phase behavior of the fluid (Nojabaei et al., 2013; Singh et al., 2009; Ting et al., 2015; Travalloni et al., 2014; Zarragoicoechea and Kuz, 2004), therefore affecting gas storage capacity. These studies imply that excess gas storage in shales is mainly controlled by pore structural properties (Ambrose et al., 2012; Didar and Akkutlu, 2013; Pitakbunkate et al., 2016; Perez and Devegowda, 2017). However, it is still not clear if gas storage capacity is caused by chemical effects of mineralogical constituents or the presence of nanopores. The relationship between gas storage and compositional constituents and pore structure were not well identified in previous studies.
There is no doubt that gas storage in shales is a complex multi-parameter process, and reliable experimental data are needed in order to quantify it and correlate it with individual parameters (Gasparik et al., 2014). Unfortunately, the majority of experimental studies to characterize storage capacity used either indirect measurements on shales or nanoporous surrogates (Barsotti et al., 2018; Gasparik et al., 2012; Luo et al., 2016, 2019; Morishige and Nakamura, 2004). Only a few experimental studies available in the literature directly measured gas densities in natural shales. For example, small-angle neutron scattering (SANS) is a reliable technique to measure gas densities in shales (Eberle et al., 2016; Stefanopoulos et al., 2017; Zhang, 2018). However, the main drawback of small angle scattering techniques is that they are essentially indirect methods and mathematical models have to be applied to describe the experimental scattering curves. X-ray micro-CT is one of the only ways of visualizing and quantifying in-situ gas storage within a rock. The use of X-ray micro-CT and samples saturated with radio-opaque agents to determine the spatial distribution of gas storage in shale is not novel today. This technique was first used by Watson and Mudra (1994) to quantitatively determine xenon storage distribution in Devonian shales. They reported that high gas storage regions are associated with clay and pyrite. However, it is difficult to conclusively prove this correlation because the typical resolution of a micro-CT scanner (i.e., 20 µm-2 mm) is far larger than the size of mineral grains and discernible compositional features. More recently, to remedy this resolution limitation of micro-CT scanners, some studies attempted to combine micro-CT with other material characterization techniques, thereby facilitating the connection established between storage capacity and shale properties (Aljamaan et al., 2017; Vega et al., 2015). However, previous studies using micro-CT to quantify gas storage capacity ignore the fact that X-ray CT images are a function of material density and composition. To fill this gap, Chakraborty et al. (2022) proposed a practical approach to directly measure in-situ fluid density in shales while decoupling the overlapping effects of density and composition.
In this study, our aim is to determine which shale properties tend to be responsible for gas densification and storage capacity. We employed the approach from Chakraborty et al. (2022) to characterize gas density in shales as an expression of gas in place, or measure of storage capacity. We performed micro-CT to directly measure in-situ gas density in Bakken, Haynesville and Marcellus shale samples. We demonstrated different degrees of gas densification across Bakken, Haynesville and Marcellus shales. To our knowledge, no prior study has provided such explicit comparison of in-situ gas densities across different shales, which allows one to readily compare gas storage capacity in relation to varying shale properties. To explore which shale properties control gas densification, shale compositional and structural properties that are independently measured are presented. It is worthy to note that most phase-behavior studies on the effect of shale properties are simulations of multi-component gases. Our data is quite revealing in how it is suggesting that phase behavior of single-component systems might be affected by pore-confinement.
MATERIALS AND METHODS
Three cylindrical core plugs from Bakken, Haynesville and Marcellus formations were used in this study. Table 1 lists the physical properties of the Bakken, Haynesville and Marcellus samples. Sample porosities were measured using helium porosimetry, while permeability ranges were provided by the sponsors of the different cores. Xenon gas (purity>99.5%) as a high-contrast agent was chosen to enhance image contrast.
TABLE 1 | Physical properties of shale core plugs used in this study.
[image: Table 1]Currently, the vast majority of studies have reported that organic content or total organic carbon (TOC) is responsible for high adsorption capacity in shales (Chalmers and Bustin, 2008; Kang et al., 2011; Merkel et al., 2016; Stra̧poć et al., 2010). Besides TOC, adsorption capacity of clay is also found to be very high (Busch et al., 2008; Heller and Zoback, 2014). Therefore, mineralogy and organic content are believed to be indicators of storage capacity. On the other hand, some authors attribute the variation of storage capacity to organic porosity, surface area and pore size (Kang et al., 2011; Rexer et al., 2014; Wang et al., 2016). In order to explore which shale properties control gas densification, compositional and pore structural properties for Bakken, Haynesville and Marcellus shales are carefully characterized.
Compositional analysis includes organic content measurement and mineralogy assessment. X-ray Diffraction (XRD) was employed to identify mineralogical composition, and TOC was measured on a Shimadzu TOC analyzer. Sample porosities were measured using helium porosimetry. Nitrogen low-pressure surface adsorption (LPSA) measurements were carried out in order to measure surface area and pore size distribution. The Brunauer–Emmett–Teller (BET) model is used to estimate surface area from adsorption data. The Barrett–Joyner–Halenda (BJH) is a popular method to obtain pore size distribution and average pore width (Aljamaan et al., 2017; Alnoaimi et al., 2016; Kuila and Prasad, 2013). This method assumes cylindrical pore geometry with a pore diameter larger than 5 nm. While for a diameter less than 10 nm, the pore size will be underestimated. Although this method is imperfect, the main purpose of this study is to assess the comparison of the pore size for Bakken, Haynesville and Marcellus shales, thereby correlating them with different degrees of gas densification.
The experimental method used in this study is a gas injection experiment in conjunction with micro-CT imaging. The experimental setup is depicted in Figure 1. The pressure vessel had one port of entry which was connected to a pressure transducer and a ball valve. The tested cylindrical core plug was placed vertically in a custom-made aluminum pressure vessel, so as to provide sufficient mechanical strength and minimize beam-hardening artifacts (Akin and Kovscek, 2014). The pressure vessel contained two hollow rubber ring-shaped spacers, separated by the tested core plug. The intent behind these spacers was to create a substantial volume within the CT scanner’s field of view (FOV), thereby observing probe gas in free space and capturing its CT numbers for analysis.
[image: Figure 1]FIGURE 1 | Schematic of the experimental setup for gas invasion experiment in conjunction with micro-CT imaging (left) and the actual experimental setup (right). The dashed box indicates the approximate position that is imaged.
The gas injection experiments were performed on the Bakken, Haynesville and Marcellus shale plugs at room temperature (approximately [image: image]). Prior to every test, each shale plug was cleaned and dried in a vacuum oven at [image: image] for 24 h, and the entire system was leak-tested. After the core plug and hollow spacers were mounted in the pressure vessel, vacuum was applied to the entire system for 24 h to evacuate air from the sample and the annular space. The entire system was then moved into the X-ray CT scanner and an X-ray image of the sample was collected (hereafter referred to as the “dry image”). Next, xenon gas was injected as a single pulse at 400 psi, approximately, and the ball valve was then shut. This made the inside of the vessel a closed system wherein gas from the annular space flowed into the sample pore space until the pore and annular pressure reached equilibrium. After the system reached its final equilibrium state, a CT image of the assembly was collected once (referred to as the “equilibrium image”). The equilibrium state was confirmed by the annular pressure fall-off history which showed stable pressure readings for an extended period of time. The final equilibrium pressures for the Bakken, Haynesville and Marcellus samples were 310 psi, 300 psi and 303 psi, respectively. It was observed that time to pressure-stabilization for the Bakken, Haynesville and Marcellus samples were about 30 min, 4 days and 7–10 days, respectively. All CT images were collected using GE Phoenix V Tome-X L-300 industrial CT scanner. The applied-voltage and current were 200 keV and 95 mA, respectively. Each scan duration was about 1.5 h. Voxel resolutions for the Bakken, Haynesville and Marcellus samples were 19, 19 and 13 µm, respectively. No confining pressure was applied in order to maximize overall X-ray signal-to-noise ratio. Reconstruction of the tomographic data was done using GE DatOS software, and all post-processing was carried out using Avizo 9.3 and MATLAB.
DIRECT MEASURE OF IN-SITU XENON DENSITY IN SHALES USING X-RAY MICRO-CT IMAGING
The advantage of X-ray CT is the ability to provide three-dimensional (3D) images in a non-destructive way. It can offer fine spatial resolution for a material’s interior, and is adaptable to many types of experimental procedures. The CT images are 3D maps of the X-ray attenuation values (or CT numbers), which are inherently a function of material density and atomic number. Since shale pore sizes are far below the typical resolution of a micro-CT scanner (between 20 μm and 2 mm), it is not possible to segment pore structure and/or minerals composition. Instead, subtraction image technique is used to quantify in-situ fluid density within shales. Following the work published from Chakraborty et al. (2022), in-situ fluid density can be computed from X-ray CT images as follows,
[image: image]
where, [image: image] is the in-situ fluid density of each voxel in the rock matrix at saturated conditions, [image: image] is the measured CT number of each voxel of the rock matrix at saturated conditions, [image: image] is the measured CT number at the corresponding voxel location at dry conditions. [image: image] can be computed from image subtraction of spatially registered images (i.e., spatially correspondent voxels). [image: image] is the fluid effective atomic number calculated and, [image: image] and [image: image] are related to the spectrum of the X-ray source and are unique to the X-ray imaging equipment and imaging conditions, and are largely a function of the source voltage. Details of the acquisition of [image: image] and [image: image] and the derivation of in-situ fluid density can be found in Chakraborty et al. (2022). [image: image] is the independently measured porosity of each voxel in the rock matrix. The expression for calculating porosity map is as follows,
[image: image]
where, [image: image] is the independent measured sample porosity from helium porosimetry, [image: image] is the average of CT numbers of the rock matrix resulting from the dry image, [image: image] is the threshold of the CT number of the rock matrix in the dry image. Note that all voxels with CT number of 0 are marked in the subtraction image, and then the lowest CT number at the same voxel location of the dry image is determined to be the threshold (i.e., [image: image]).
Figure 2 shows vertical cross-sectional CT images of the Bakken, Haynesville and Marcellus shale samples at dry and equilibrium conditions. The subvolumes of the three shale samples are digitally extracted (i.e., orange cuboid) for analysis. In dry images, the dark regions of the sample indicate materials with low density (e.g., organic content) or low porosity regions (e.g., micro fractures), while the bright regions indicate high-density materials (e.g., minerals). The relative brightness of the equilibrium image indicates the presence of xenon in the sample. After image registration is done, the subtraction between equilibrium and dry images is carried out in order to highlight the porosity and cancel the unchanged non-porous solids. The brightness of a subtraction image (not shown) is a function of the xenon density/concentration occupying the pore space of the sample at any given voxel location. Subtraction images are then used to calculate xenon density.
[image: Figure 2]FIGURE 2 | CT images of the Bakken (Top), Haynesville (Middle) and Marcellus (Bottom) shale samples. Left to right: Two-dimensional longitudinal cross-sections of the shale sample at dry conditions (before xenon injection); same cross-section at equilibrium conditions; and the indication of digitally extracted sub-volumes for further analysis.
After obtained the CT image dataset, porosity map can be calculated based on Eq. 2. Figure 3 reports the porosity distributions for the analyzed Bakken, Haynesville and Marcellus samples. The dashed vertical line indicates average porosity. It can be seen that the average porosity for the Bakken, Haynesville and Marcellus samples are 8.5, 9.03 and 7% respectively, indicating that the difference of porosity between these samples is quite small. The matrix of these three samples are relatively homogeneous, as evidenced by CT images. Eq. 2 provides a practical approach to approximate independent 3D porosity maps, thereby isolating the signal from CT attenuations that can be attributed to fluid density. Because of this, these porosity distributions should be viewed statistically, and the mean and mode of these distributions are way more important than any single point.
[image: Figure 3]FIGURE 3 | Porosity distribution for each sub-volume of the (A) Bakken, (B) Haynesville and (C) Marcellus shale sample.
Eq. 1 can then be used to calculate in-situ xenon density within shales. Figure 4 shows a comparison of in-situ xenon density distributions and 3D density maps for the Bakken, Haynesville and Marcellus samples. samples. At similar equilibrium conditions, the measured average in-situ xenon density within the Bakken, Haynesville and Marcellus samples are found to be 171.53 kg/m3, 326.05 kg/m3 and 947 kg/m3, respectively. This indicates that the Marcellus sample has the highest storage capacity, while the Bakken sample has the lowest storage capacity. The dash-dotted vertical line indicates the theoretical xenon gas density at 300 psi and [image: image], while the dashed vertical line indicates the theoretical liquid xenon density at boiling point. It is observed that almost all measured average densities are higher than the theoretical free gas density, while they are all much lower than the xenon density at boiling point (i.e., 3100 kg/m3) obtained from NIST database. The Bakken, Haynesville and Marcellus samples show the significant densification of 40, 160 and 640%, respectively. This result offers a reference for gas storage prediction, and allows one to readily compare the in-situ xenon gas density distributions across the three different natural shales.
[image: Figure 4]FIGURE 4 | In-situ xenon density distributions (left) and corresponding 3D spatial density maps (right) for the Bakken, Haynesville and Marcellus shale samples.
Currently, accurate adsorption measurements require knowledge of either density or volume of adsorbed phase. A common approach is to approximate the adsorbed gas density as the liquid phase density of the gas. The finding of this study raises an important question as to whether the use of liquid phase density leads to a overestimation of adsorbed gas content and gas in place (Perez and Devegowda, 2017).
By having the porosity distributions and the corresponding in-situ xenon density distributions, it would be reasonable to wonder how in-situ xenon density is affected by porosity. The cross-plots of in-situ xenon density against porosity for the Bakken, Haynesville and Marcellus samples are reported in Figure 5. The overall trend of the data indicates that higher density corresponds to lower porosity, and likely smaller pores. This agrees with the literature results, which reveals that gas densification is pore size-dependent (Didar and Akkutlu, 2013; Gallego et al., 2011; Pitakbunkate et al., 2016). Note that the theoretical free gas density is different for the Haynesville because of the different final equilibrium pressure.
[image: Figure 5]FIGURE 5 | Cross-plot of computed in-situ xenon density against the corresponding porosity for the (A) Bakken, (B) Haynesville and (C) Marcellus shale samples.
To present this gas densification phenomenon more intuitively, we define the term densification factor as follows,
[image: image]
where [image: image] is the measured gas density and [image: image] is the theoretical free gas density at corresponding experimental conditions.
Figure 6 summarizes the results of the experiments on Bakken, Haynesville and Marcellus samples. The xenon relative critical properties (i.e., [image: image], [image: image], [image: image]) at equilibrium conditions are also provided for reference. The xenon densification factor in the Marcellus sample is found to be 7.4, the most significant degree of localized densification among the three samples. In the Haynesville sample, densification factor drops by almost a factor of three to 2.6, and in the Bakken sample densification factor drops further by nearly a factor of two to 1.4, indicating significantly reduced uptake of gas. In addition, [image: image] represents the proximity of the measured fluid density to its critical density. This ratio measured in the Bakken and Haynesville sample are 0.16 and 0.3 respectively, indicating that xenon is more likely gas phase in these two samples. In contrast, this ratio is 0.86 in the Marcellus sample, indicating that xenon gas in the Marcellus sample is altered toward to a near critical state, even though it is at sub-critical conditions.
[image: Figure 6]FIGURE 6 | Summary of the gas invasion experiments on the Bakken, Haynesville and Marcellus samples.
SHALE PROPERTIES CONTROL ON GAS DENSIFICATION
All measured sample compositional and structural properties are reported in Table 2. The three shale samples used in this work are same as the samples in Chakraborty et al. (2020). It can be seen that the clay content in the Bakken, Haynesville and Marcellus samples are 23.1, 54.5 and 38.9% respectively, indicating that all of the samples are clay rich. The organic content in the Haynesville and Marcellus samples are 3.8 and 5.6%. In contrast, the Bakken sample has almost no organic content. Moreover, the Marcellus sample has a high quartz content. Quartz minerals are generally known to have low adsorption capacities (Ross and Bustin, 2009), whereas the most significant degree of xenon densification appears in the Marcellus sample. This indicates that quartz has almost no effect on xenon densification. For pore structure, the three samples have similar porosity. The Bakken sample has a very low specific surface area of only 3 m2/g. The Haynesville sample has a higher surface area of 10 m2/g, and the Marcellus has the highest surface area of 27 m2/g. In addition to the mean pore width provided in Table 2, Chakraborty et al. (2020) reported that the measured proportion of meso and small macropores (<100 nm) relative to total pore space was less than 0.1% in the Bakken, 37% in the Haynesville and 46% in the Marcellus. This offers the assessment of pore size for the three shale samples.
TABLE 2 | Comparison of compositional and pore structural properties for the Bakken, Haynesville and Marcellus shale samples (Chakraborty et al., 2020)
[image: Table 2]All the characterized shale properties for the Bakken, Haynesville and Marcellus samples are presented as axes of the radar chart shown in Figure 7. The maximum and minimum values are best-approximation limits obtained from the literature. Warmer colors indicate higher gas densification–thus the Marcellus with the highest gas uptake is shown in red and the Bakken with the least uptake is shown in blue. It can be observed that gas densification increases with surface area and decreasing mean pore size, indicating that the degree of gas densification can be attributed to surface area and pore size. This result agrees with previous studies (Gallego et al., 2011; Li et al., 2020; Luo et al., 2016). Larger surface area can provide higher availability for gas molecules to adsorb, while smaller pores have stronger pore wall-molecules forces. It was also found that the porosity of the three shale samples had little relevance in densification due to the small dataset. Overall, no clear correlation between compositional properties and gas densification was found except for carbonate percentage. However, the carbonate data is skewed by the fact that there is very little in the Marcellus. This observation may suggest that the densification observed in our experiment is influenced by multiple parameters other than only shale compositional properties. While the dataset in this study is small due to the availability of materials and experimental cost, the result still offers a qualitative insight into the shale properties affecting gas densification, and consequently influencing gas storage behavior in shales.
[image: Figure 7]FIGURE 7 | Radar chart of all characterized shale properties for the Bakken, Haynesville and Marcellus samples and their relationship to gas densification.
CONCLUSION
In this work, we directly measure in-situ xenon density within Bakken, Haynesville and Marcellus shales through quantification of 3D X-ray attenuation dataset. For the first time, different degrees of gas densification have been observed experimentally and documented for a group of shale samples with varying properties carefully characterized. Results show that the in-situ xenon density within the Bakken, Haynesville and Marcellus samples are 171.53 kg/m3, 326.05 kg/m3 and 947 kg/m3, respectively. These measured in-siu xenon densities are higher than their corresponding theoretical free gas density (∼127 kg/m3) and much lower than the liquid density at boiling point (3100 kg/m3). The highest xenon densification factor is found to be 7.4 in the Marcellus sample, indicating the most significant degree of localized densification. This densification factor drops to 2.6, and to 1.4, in the Haynesville and the Bakken sample, respectively. In addition, by comparing the final experimental conditions of the three samples, it is observed that xenon gas properties are quite far from critical properties in the Bakken and Haynesville samples. In contrast, xenon gas in the Marcellus sample is altered toward to a near critical state, even though it is at sub-critical pressure and temperature conditions. The shale compositional and structural properties for the three shale samples are presented in order to explore their relationship with densification. Results show that densification increases with surface area and decreasing pore size, indicating that the observed degree of gas densification in shales can be attributed to pore structural properties. This work offers a way to quantify densification over a range of porosity and surface area, at relatively low TOC.
The comparison of in-situ xenon density across the three shale samples lays a foundation to evaluate extra storage capacity for various gases in ranging tight formations. The observation in the experiment is a good first step in guiding which model is appropriate to predict gas storage for a specific shale rock. More importantly, this work offers valuable experimental data that are rarely available in the literature, thereby providing reference for simulation to much more accurately approximate in-situ gas densities and predict gas storage. In future research, the study of simulation for the observation in our experiment will be explored. Bridging simulation and our experiment will provide valuable insight into the mechanisms of gas storage and transport within shales. It is also expected that a quantitative correlation for densification as a function of pore-size distribution or gas type (gas molecule size) can be established.
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