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Introduction
The Mahu Sag tight conglomerate reservoirs in the Junggar Basin exhibit rapid pressure depletion and severe degassing in horizontal wells due to low reservoir-saturation pressure differences (<5 MPa), resulting in poor recovery efficiency under primary depletion. This study investigates the feasibility of early-stage CO₂ injection at the reservoir top to enhance oil recovery through gravity-assisted displacement.
Methods
Long-core gravity drainage experiments and numerical simulations were conducted to evaluate the effects of formation dip angle (0°∼90°) and permeability (0.85∼1.7 mD) on displacement efficiency. Comparative analyses of CO₂, N₂, and hydrocarbon gas performance were performed.
Results
Top CO₂ injection significantly improves recovery when the formation dip exceeds 10° and permeability is >0.85 mD. CO₂ exhibits superior pressure maintenance and forms a stable near-miscible oil-gas interface, delaying gas breakthrough (13.5 years for CO₂ vs. 6.5 years for N₂) and achieving 38.7% recovery in the gas chamber – double that of other gases. The small phase contrast between CO₂ and crude oil enables uniform vertical advancement, mitigating gas channeling risks. Furthermore, a hybrid well pattern (vertical injectors + horizontal producers) optimizes sweep efficiency, with vertical wells enhancing multilayer coverage and stability.
Discussion
This work demonstrates that leveraging CO₂ miscibility to stabilize displacement fronts provides an effective strategy for tight reservoir development, particularly in dipping formations.
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1 INTRODUCTION
Driven by integrated geomechanical engineering approaches, horizontal well volume fracturing pattern has been scaled up in Mahu Sag, enabling economic development of tight conglomerate reservoirs (Cao et al., 2024). However, the Baikouquan reservoir’s low reservoir-saturation pressure difference causes production wells to exhibit high initial rates but rapid pressure depletion below bubble point, triggering GOR surges and severe production decline. Lab studies highlight CO2’s multifaceted roles in pressure maintenance, viscosity reduction, and miscibility, facilitating displacement of oil trapped in micron-sized pores. As a result, gas injection for EOR has been established as a central research priority (Hashemi and Pouranfard, 2014; Song et al., 2024; Shi et al., 2021). Especially for dipping reservoirs, Gas-Assisted-Gravity-Drainage (GAGD) offers a promising solution for energy replenishment and enhanced recovery.
The research on Gas-Assisted-Gravity-Drainage in the United States and the Middle East dates back decades, with extensive laboratory experiments and field trials conducted across diverse reservoir types. The Hawkins Field in the U.S., a fault-block reservoir with active edge and bottom water, initially relied on waterflooding. In the 1970s, cyclic gas injection into the upper zones of certain units enabled gas-assisted gravity drainage, displacing water-invaded oil columns and reducing residual oil saturation by up to 20% compared to primary waterflooding (King and Lee, 1976; Carlson, 1988). Al-Mudhafar WJ et al. quantified the effects of reservoir heterogeneity and anisotropy on gravity drainage in heterogeneous multi-layer sandstone reservoirs using geological modeling and numerical simulation in 2018. They believed that gravity drainage is a process of vertical fluid migration, and therefore the impact of permeability anisotropy on gravity flooding is stronger than heterogeneity (Al-Mudhafar et al., 2018). Saikia B D et al. piloted a single-well gas-assisted-gravity-drive experiment in the deepwater of the Gulf of Mexico in 2021, achieving 65%–80% recovery efficiency under immiscible conditions by integrating gas injection and oil production within a single wellbore. This innovative approach reduced development costs while enhancing overall recovery (Bikash and Dandina, 2021). Zobeidi K et al. simulated the flow process of crude oil in matrix and fractures under the condition of gravity oil displacement in 2022 for fractured reservoirs in Zagros sedimentary basin, southwest Iran, demonstrating that gravity drainage amplifies vertical segregation in fractures, contributing over 50% of incremental recovery compared to matrix-dominated displacement mechanisms (Zobeidi et al., 2022). Al Obaidi D.A. et al. conducted extensive research on strong bottom-water drive reservoirs from 2020 to 2024, demonstrating that Gas-Assisted-Gravity-Drainage achieves higher oil recovery than continuous gas injection (CGI) and gas water alternating gas (WAG). Their findings highlight that the synergistic effect between bottom-water drive and immiscible CO2 gravity flooding significantly enhances crude oil recovery. As aquifer strength increases, gas breakthrough is delayed, while both the recovery at breakthrough and the ultimate recovery improve. The study recommends optimizing gas injection and oil production rates during field implementation to leverage the stability of gravity flooding fully while mitigating early breakthrough risks (Al-Obaidi and Al-Jawad, 2020a; Al-Obaidi and Al-Jawad, 2020b; Al-Obaidi et al., 2022; Al-Obaidi et al., 2024).
The research on Gas-Assisted-Gravity-Drainage in China was relatively late. In 1986, the Huabei Oilfield conducted a top injection N2 immiscible gravity flooding experiment, forming a secondary gas cap at the top of the buried hill and using gravity differentiation to displace the attic oil at the top and move it downwards (Bai et al., 1998). Yang et al. believe that when implementing gravity assisted gas flooding in oil reservoirs, it is required that the dip angle of the reservoir formation be greater than 15° to facilitate oil and gas differentiation (Yang et al., 2006). Zhou et al. used a bottom water sandstone reservoir with top gas injection gravity flooding as an example and believed that the stability of the gas-liquid interface is the key to the success of gravity flooding technology (Zhou et al., 2017). Li conducted a visualization flat-plate model experiment on nitrogen-assisted gravity flooding in typical high-porosity, high-permeability reservoirs with strong edge water. The study revealed that gravity segregation and immiscible displacement are the dominant mechanisms for enhancing oil recovery. Additionally, it was found that larger formation dip angles, earlier gas injection timing, higher formation pressure, lower water cut in production wells, more stable artificial gas caps and higher oil displacement efficiency are interrelated positive correlations (Li, 2022). When Liu et al. studied hydrocarbon gas assisted gravity flooding, they found that in reservoirs with low reservoir pressure, it is difficult for hydrocarbon gas to mix with crude oil, and the gas flooding effect is significantly lower than that of water flooding (Liu et al., 2023). Yang et al. conducted a study on the micro mechanism of CO2 gravity assisted oil displacement, and the results showed that the heterogeneity of sand and gravel can exacerbate the fingering phenomenon. Controlling the injection rate is beneficial for improving the affected area, and oil wet rocks help the remaining oil in micro pores to overcome capillary pressure and be discharged smoothly (Yang et al., 2025). Chen conducted horizontal gas injection, top gas injection, and bottom gas injection oil displacement experiments through long rock cores, and believed that for CO2 immiscible flooding, top gas injection had the best effect, while for miscible flooding, reservoir thickness and gas injection direction had little effect on CO2 oil displacement (Chen, 2023).
Current researches on Gas-Assisted-Gravity-Drainage primarily focus on immiscible displacement during the middle-to-late development stages of moderate-to-high permeability reservoirs. It is widely acknowledged that a stable oil-gas interface is critical for enhancing recovery efficiency. Previous studies have emphasized the role of oil-gas density contrast, asserting that larger density differences help maintain a more stable interface. Injecting gases with significant density disparities from crude oil (e.g., Nitrogen, Hydrocarbon gases) into reservoirs enhances gravity segregation, thereby improving oil displacement efficiency (Yang et al., 2006; Zhou et al., 2017; Li, 2022; Li, 2020; Han et al., 2016; Lei et al., 2022; Guoxin et al., 2020; Rao et al., 2004; Xiao et al., 2024; Kong et al., 2023; Mahmoud and Rao, 2007; Liang et al., 2014; Bautista et al., 2014). However, the role of miscibility between injected gas and crude oil in Gas-Assisted-Gravity-Drainage has received limited attention, and research on whether CO2-miscible drainage can form a stable oil-gas interface remains scarce.
This study therefore focuses on early-stage top CO2 injection for energy replenishment in tight conglomerate reservoirs, taking the Baikouquan Formation as a case study. By integrating long-core-oil-displacement experiments and reservoir numerical simulations, we evaluate the impacts of formation dip angle and reservoir permeability on top gas injection performance. We compare and analyze the pressure-maintaining capacity, oil-gas interface migration characteristics, and sustained production capability of different injection media, clarify the feasibility of top CO2 injection under miscible conditions, and optimize gas injection well patterns. The findings aim to provide guidance for improving development performance and recovery efficiency in tight conglomerate reservoirs of the Mahu Depression.
2 GEOLOGICAL OVERVIEW OF OIL RESERVOIR
The X7 Block is located in the Mabei slope area of the Mahu Depression, with the main production layer being the Triassic Baikouquan Formation, which is a southeast dipping monocline (Figure 1). The reservoir lithology is mainly gray sandstone, gravel bearing coarse sandstone, and sandy conglomerate. The average porosity of the Baikouquan Formation reservoir in the target layer is 10.0%, with an average permeability of 0.99 mD. The temperature in the middle of the reservoir is 64.11°C, the pressure is 22.72 MPa, the pressure coefficient is 0.917, the saturation pressure is 18.03 MPa, and the reservoir-saturation pressure difference is 4.69 MPa. It is a typical reservoir characterized by low reservoir-saturation pressure difference.
[image: Topographic map showing elevation contours in meters with two marked fractures labeled "Fracture 1" and "Fracture 2" in red. Contour lines are labeled with depths such as 1900, 2000, and 2100. A compass indicates north, and a scale bar marks a distance of one kilometer. The chart legend includes symbols for an appraisal well, a horizontal well, and fractures.]FIGURE 1 | Structural map of Baikouquan formation in X7 block.Based on early evaluation and well group testing, in 2021, a three-dimensional development plan was implemented for the X7 Block, with 18 horizontal wells deployed in the Baikouquan Formation. The production wells had high gas-oil ratios and exhibited rapid declines, with an average daily oil production of nearly 5 t/d per well, which is below the economic limit. Due to the low reservoir-saturation difference, dissolved gas in crude oil started to separate prematurely, leading to a rapid increase in gas-oil ratio and significant production decline in these wells. Efficient pressure maintenance is the basis and key to delaying degassing, improving single-well EUR and overall benefits in this reservoir.
3 FEASIBILITY STUDY ON TOP GAS INJECTION
3.1 Favorable conditions for top gas injection
The reservoir of the Baikouquan Formation in the Mahu Depression is dense, and there is a difficulty in injecting water into the micro pores and throats of the formation. Laboratory experiments and field practices have shown that gas injection is an effective method to enhance reservoir pressure and single-well production (Hashemi and Pouranfard, 2014; Song et al., 2024; Shi et al., 2021; Xiao et al., 2024; Kong et al., 2023; Mahmoud and Rao, 2007; Liang et al., 2014; Bautista et al., 2014; Gai et al., 2022; Pu et al., 2021). Compared with the reservoir screening criteria of successful GAGD field practices (Yang et al., 2006; Zhou et al., 2017; Xiao et al., 2024; Kong et al., 2023; Mahmoud and Rao, 2007; Liang et al., 2014; Bautista et al., 2014; Gai et al., 2022; Pu et al., 2021; Tiwari and Kumar, 2001; Kulkarni and Rao, 2006; ROSTAMI et al., 2018; Chang et al., 2016; HAGOORT, 1980; Bangla et al., 1993) (Table 1), the X7 Block has good geological conditions for top gas injection. The reservoir in the Baikouquan Formation has confirmed configurations and sufficient reservoirs. The overall structure is a southwest dipping monocline, with local formation dip angles exceeding 10°. The formation dip angle and vertical permeability (Kv/Kh = 0.63) are suitable for gas-assisted-gravity-drainage. The top of the reservoir is controlled by the controlling boundary faults and has good sealing properties. The stable mudstone interlayer developed at the top of the Baikouquan Formation can ensure effective gas displacement and prevent gas leakage during injection.
TABLE 1 | Reservoir standards suitable for gravity displacement.	Parameter type	Standard	Pilot well
	Geological structure	Anticline, monocline, fault nose, etc	Monoclinic
	Lithology	Sandstone, conglomerate, carbonate	conglomerate
	Caprock	Stable caprock	Stable mudstone interlayer
	Primary gas cap	Having the original gas cap or having the conditions to form a secondary gas cap	Good sealing capacity, with the conditions to form a secondary gas cap
	Porosity (%)	No limit	10
	Permeability (mD)	>30	1.7
	Oil saturation (%)	>30	50–55
	Formation dip angle (°)	>5	7.8–14.2
	Burial depth (m)	<3,500	2,200
	Crude oil viscosity (mPa·s)	<10	4.12
	Crude oil density (g/cm3)	<0.87	0.84
	Vertical to horizontal permeability ratio	0.5–1.0	0.63
	Natural fractures	Undeveloped fractures or well-developed high-angle fractures	Undeveloped fractures


From the above analysis, it can be concluded that the reservoir has favorable geological conditions for top gas injection. Therefore, a typical area was selected in the X7 Block for top gas injection (pilot test). From the reservoir profile of the pilot area (Figure 2), it can be seen that the pilot area is located at the top of the reservoir, with an elevation difference of 320 m and dip angles range from 7.8° to 14.2°,with an average of 11.2°. Vertically, the two main reservoir series are T1b31 and T1b32, with an average porosity of 10.0%, an average permeability of 1.7 mD, an average oil saturation of 56.5%, and a reservoir thickness of 10∼18 m. A mudstone interlayer with a thickness range from 5.6 to 7.9 m is well-developed at the top of T1b31.
[image: Geological diagram showing oil saturation levels in a subsurface area. The color gradient ranges from blue (0) to yellow (0.8), depicting varying saturation. Two vertical lines labeled W1 and W2 are present, with scale markers and coordinates.]FIGURE 2 | Reservoir profile of the pilot area.3.2 The influence of formation dip angle on gas injection effect
3.2.1 Experimental method
The experimental method employs cores from the Baikouquan Formation reservoir of the X7 Block in the Mahu Depression. The long core has a length of 12.17 cm, an average porosity of 11.2%, and a permeability of 1.13 mD. Based on the gas-oil ratio, live oil is prepared using crude oil and natural gas from the wellhead in the study area. The live oil has a density of 0.82 g/cm3 and a solution gas-oil ratio of 70 m3/m3. The basic physical properties of the experimental core are shown in Table 2.
TABLE 2 | Parameters of basic core samples.	Number	Length (cm)	Diameter (cm)	Porosity (%)	Permeability (mD)
	1	2.473	2.705	6.83	0.613
	2	2.479	2.450	13.24	1.738
	3	2.482	2.077	14.22	1.247
	4	2.468	2.935	10.52	0.937


Core pretreatment and experimental steps are as follows:
	(1) The core is cleaned of oil and then dried.
	(2) The permeability and porosity of the dried core are measured.
	(3) The dried core is placed in a vacuum device and vacuumed for 24 h, then saturated with formation water under vacuum for another 24 h. Four core samples are connected in series, fixed with heat-shrinkable tubing, and placed in a long core holder. Prepared oil is injected into the core at a constant flow rate until the outlet is water-free and the flow rate is stable, at which point the pump is stopped.
	(4) The temperature of the incubator is adjusted to 65°, and the confining pressure of the core is gradually increased to 24 MPa (slightly higher than the reservoir pressure to ensure core integrity).
	(5) The injection pressure and back pressure are set to 23 and 22.8 MPa, respectively, with a differential pressure of 0.2 MPa, which is close to the miscibility pressure of CO2 and crude oil. CO2 gas is used for the gas flooding experiment, and the oil and gas production are recorded.
	(6) A secondary displacement is performed using petroleum ether, and the outlet fluid is recorded until no more oil is produced. After the petroleum ether evaporates, the volume of crude oil is recorded.
	(7) The core is cleaned of oil for a second time, and steps (3) to (6) are repeated. During the experiment, the angle of the core holder is adjusted to simulate different formation dips.

3.2.2 Analysis of experimental results
As shown in Figure 3, the oil displacement efficiency varies with different formation dip angles. When the formation dip angle is 0°, the oil displacement efficiency is 18.88%. As the formation dip angle increases to 10°, the oil displacement efficiency rises to 24.06%, representing an increase of 5.18% compared to the 0° formation. At a formation dip angle of 45°, the oil displacement efficiency is 31.14%, which is 7.08% higher than that at 10°. When the formation dip angle reaches 90°, the oil displacement efficiency is 32.59%, an increase of 1.45% compared to the 45°. By comparing the incremental oil displacement efficiencies of formations with different dips to that of a horizontal formation, it can be observed that as the formation dip angle increases, the gravity displacement effect becomes more pronounced when CO2 is injected from the top, and the oil displacement efficiency shows a clear upward trend. When the formation dip angle exceeds 45°, the oil displacement efficiency hardly increases anymore, indicating that the gravity displacement effect diminishes beyond this angle. At a formation dip angle of 10°, The gravity displacement effect is more pronounced compared to a horizontal formation. Additionally, under near-miscible conditions, the oil displacement efficiency can be improved, thus top gas injection demonstrates better oil enhancement effects. The average formation dip angle in the pilot area of the X7 Block is 11.2°, making top gas injection a feasible option for enhancing oil recovery. References (Hashemi and Pouranfard, 2014; Song et al., 2024; Shi et al., 2021) suggest that CO2 miscible flooding can improve oil recovery efficiency, while reference (Lei et al., 2022) indicates that CO2-assisted gravity drainage (CAGD) becomes increasingly effective when formation dip angles exceed 5°, which is consistent with the conclusion of this study.
[image: Line graph showing oil displacement efficiency versus time of displacement for formations with different dip angles: 0, 10, 45, and 90 degrees. Efficiency increases with dip angle, reaching about 38% at 5 hours for 90 degrees, compared to 10% for 0 degrees.]FIGURE 3 | Oil displacement efficiencies at different formation dip angles.3.3 The influence of permeability on gas injection effect
3.3.1 Basic information of the model
Based on detailed reservoir characterization, a 3D fine geological model of the X7 Block has been established. The model for the gas injection pilot area has a grid spacing of 20 m × 20 m×2 m, comprising 2.7878 million grids, and is vertically divided into two oil-bearing formations: T1b31 and T1b32. The fluid model adopts a component model fitted to the phase behavior, with formation crude oil density of 0.7432 g/cm3, formation crude oil viscosity of 4.12 mPa·s, initial solution gas-oil ratio of 69 m3/m3, and bubble point pressure of 18.0 MPa. The model utilizes Schlumberger’s Intersect simulator and the easyfrac plugin for simulation calculations. To investigate the feasibility of gravity drive in low-permeability reservoirs, based on the geological model of the pilot area, while keeping other parameters unchanged, the influence of reservoir permeability on the oil displacement effect of top CO2 injection is studied by varying the reservoir permeability. Referring to the volume fracturing and gas injection parameters in other blocks of the Mahu Depression, two gas injection wells are deployed at the structural top, and two horizontal wells are stereoscopically staggered 500 m away from the gas injection wells, targeting the two oil-bearing formations. The horizontal wells are nearly parallel to the structural trend and the maximum principal stress direction, with a horizontal section length of 1,400 m and a planar spacing of 200 m (Figure 4). The horizontal wells are designed for volume fracturing simulation upon completion. According to the actual fracturing monitoring data of Mahu, the effective fracture half length is 80–120 m, the effective support fracture height is 15–35 m, and the injection-production ratio is set to 1.2.
[image: A colorful topographical map with a color scale ranging from blue to red, labeled "SOX," indicating values from 0.00 to 0.80. The map features irregular patterns in shades of green, yellow, and black, with annotations such as "1155 Å," "1521 Å," "7231," and "7232" marked across the surface.]FIGURE 4 | Schematic diagram of numerical simulation well pattern.3.3.2 Analysis of model results
For the convenience of result comparison, the model’s gas breakthrough criterion is set as a rapid decline in production coupled with a CO2 component concentration in the produced gas exceeding 0.8. Figure 5 illustrates the normalized oil production and the recovery degree of produced reserves at the moment of gas breakthrough under different reservoir permeabilities (or at the end of year 20 if the gas breakthrough criterion has not been met by then). As permeability increases, pressure propagation and displacement front migration accelerate, leading to more obvious production well response. When the permeability is less than 0.85 mD, the displacement front migration is restricted, making it difficult to achieve gas breakthrough by the end of year 20, with a recovery degree of less than 15%. This indicates the production wells may face the risk of neither gas breakthrough nor effective response. When the permeability exceeds 0.85 mD, the production wells respond significantly, with higher reserve mobilization at the moment of gas breakthrough and a recovery degree greater than 35%. Numerical simulation methods determine that the permeability threshold for top CO2 injection in the X7 Block is 0.85 mD. When the reservoir permeability is below 0.85 mD, production wells are less likely to respond, and the recovery degree is low. When the permeability is above 0.85 mD, production wells respond markedly, and the recovery degree is high. The average permeability in the X7 Block is 1.7 mD, making top gas injection feasible.
[image: Bar and line graph showing the relationship between reservoir permeability (mD) and normalized cumulative oil production and recovery degree. The bar graph illustrates normalized oil production increasing with permeability, while the orange line denotes recovery degree peaking around permeability of 1.02, decreasing slightly thereafter.]FIGURE 5 | Normalized cumulative oil production and recovery degree under different reservoir permeabilities.4 OPTIMAL SELECTION OF GAS INJECTION MEDIUM FEASIBILITY STUDY ON TOP GAS INJECTION
Under formation conditions, the density of CO2 is close to that of crude oil (CO2 density: 0.6854 g/cm3), while the densities of N2 and hydrocarbon gas differ significantly from that of crude oil (N2 density: 0.2052 g/cm3, hydrocarbon gas density: 0.1520 g/cm3). This paper, based on the actual geological conditions of the X7 Block, compares the gas injection performance of different media mainly in terms of pressurization capacity, stability of the oil-gas interface, and capacity of suppressing gas channeling, to elucidate the advantages of top CO2 injection for enhanced oil recovery in tight reservoirs.
4.1 Advanced gas injection pressurization capacity
Numerical simulation study on advanced gas injection for pressure maintenance was carried out for X7 Block. The pressure distribution of different gas injection media under the same HCPV ratio is shown in Figures 6, 7. When injecting 0.028 HCPV, the reservoir pressure around the injection well rises to 31.9 MPa, the reservoir pressure around the production well at a distance of 500 m is 25.5 MPa, and the pressure difference between injection and production wells is 6.7 MPa. Under the same conditions, the pressure difference between injection and production wells is 5.9 MPa when N2 is injected in advance, while it is 5.4 MPa when hydrocarbon gas is injected in advance. Among the three injection media, CO2 has the strongest pressurization capacity.
[image: Three contour maps labeled (a), (b), and (c) show pressure distribution along a geological fault. Each map displays a color gradient indicating pressure from 20 to 32 MPa, with specific pressure points marked in red. Locations HW1521 and HW1155 are indicated in each map. Arrows show a measurement of five hundred meters.]FIGURE 6 | Advanced gas injection pressure profile of X7 Block (0.028 HCPV). (a) CO2. (b) Hydrocarbon gas. (c) N2.[image: Three contour maps illustrate pressure distribution in megapascal (MPa) with variations from blue to yellow, representing 20 MPa to 30 MPa, respectively. Maps feature locations marked HW1153, HW1521, X7202, and X7203 with varying pressure zones. Each map maintains a consistent spatial scale and orientation, focusing on pressure changes at designated points.]FIGURE 7 | Advanced gas injection pressure plan view of X7 Block (0.028 HCPV). (a) CO2. (b) Hydrocarbon gas. (c) N2.4.2 Gas chamber range
During top gas injection, the range of gas chambers formed by different gas media under the same HCPV number is compared (injection-production ratio of 1.2) and the same production time (20 years) (Figure 8; Table 3). The research results indicate that injecting hydrocarbon gas or N2 at the top has a large impact range, forming an approximately rectangular gas chamber and covering over 50% of the reserves; The range of CO2 injection is not as wide as that of hydrocarbon gas or N2, and the gas chamber is approximately elliptical, covering a reserve ratio of 37%, which is smaller than that of hydrocarbon gas or N2.
[image: Three 3D contour plots show the total mole fraction of components CO2, C1, and N2, respectively. Each plot has a gradient from blue (low fraction) to red (high fraction). Annotations RW1168, RW1521, and RW1522 are present along with a color legend indicating fraction values from 0.00 to 1.00.]FIGURE 8 | Gas chamber range diagram formed by different injection media after 20 years. (a) CO2. (b) Hydrocarbon gas. (c) N2.TABLE 3 | Sweep range and covered reserve of gas chamber after 20 years for different injection media.	Gas injection medium	Gas chamber length (m)	Gas chamber width (m)	Gas chamber area (km2)	Covered reserve ratio (%)
	N2	1,323	1,470	1.66	58
	Hydrocarbon gas	1,483	1,135	1.36	53
	CO2	1,424	856	0.97	37


4.3 Oil-gas interface migration velocity
From the component concentration profiles of different gas media at the same time (Figures 9–11), it can be seen that the migration of the oil-gas interface is greatly affected by the difference in oil and gas density. The density difference between hydrocarbon gas or N2 and crude oil is large, and the sweep range is large in the plane, with significant vertical differentiation. The density difference between CO2 and crude oil is small, and the migration in the plane is slow, while the vertical influence is uniform.
[image: Four subfigures compare nitrogen gas injection over time. Each subfigure depicts a vertical, color-coded distribution of gas fraction over distance for periods of 1 month, 1 year, 3 years, and 10 years. The color gradient represents fraction changes, highlighting gas dispersion and concentration variations through time.]FIGURE 9 | Distribution map of N2 component concentration at different times.[image: Four graphs compare the fraction of methane (CH₄) over time for advanced and top gas injection methods at intervals of one month, one year, three years, and ten years. Each graph features a color gradient from blue (low) to red (high) to depict CH₄ distribution, with increasing color intensity over time. The graphs show a diagonal section marked with various contour lines indicating CH₄ concentration levels.]FIGURE 10 | Distribution map of CH4 component concentration at different times.[image: Comparison of CO2 distribution in a reservoir over different time frames. Four graphs show CO2 saturation from one month to ten years for advanced gas and top gas injection. Color gradient indicates CO2 fraction levels, with blue representing lower and red higher saturation.]FIGURE 11 | Distribution map of CO2 component concentration at different times.Based on the oil-gas interface migration characteristics, the gas breakthrough time and oil-gas interface migration velocity of different media in different layers were finely characterized according to numerical simulation results. Among them, the identification criteria for single-well gas breakthrough in numerical simulation research are that component concentration exceeds 0.8, production starts to decline rapidly, the gas-oil ratio rises rapidly and exceeds 500 m3/m3. From the perspective of interface migration speed, N2 migration speed is the fastest, at 107.7 m/y, forming gas channeling in 6.5 years; The migration rate of hydrocarbon gas is second, at 66.2 m/y, and gas channeling occurs in 7.8 years; The CO2 migration rate is the slowest, at 36.3 m/y, forming gas channeling in 13.5 years. From the perspective of interface migration uniformity, there is a significant difference in the migration velocity of N2 in different layers, which poses a high risk of premature gas breakthrough; There is little difference in the migration velocity of hydrocarbon gas and CO2 in different layers, and the oil-gas interface is relatively uniform (Figure 12; Table 4).
[image: Four diagrams labeled (a) to (c) show fracture evolution over time. Each graph has a color gradient from blue to red indicating fracture fraction from zero to one. Distances of 500 or 700 meters and times of 6.5, 12.3, 7.8, 10.6, 13.5, and 19.3 years are marked, with arrows highlighting directions within the fracture. Axes show coordinates from five hundred to fifteen hundred horizontally and negative two thousand one hundred to negative eighteen hundred vertically.]FIGURE 12 | Gas component concentration profile during gas breakthrough. (a) N2. (b) CH4. (c) CO2.TABLE 4 | Migration velocity of oil-gas interface with different medium.	Gas injection medium	T1b31	T1b32
	Production well distance (m)	Gas channeling time (y)	Oil and gas interface migration velocity (m/y)	Production well distance (m)	Gas channeling time (y)	Oil and gas interface migration velocity (m/y)
	N2	700	6.5	107.7	500	12.3	40.7
	Hydrocarbon gas	700	10.6	66.2	500	7.8	64.5
	CO2	700	19.3	36.3	500	13.5	37.0


4.4 Capacity to suppress gas channeling
The set well shut-in condition is that the concentration of the medium component in the produced gas is 0.9. From the production performance and oil displacement efficiency of different gas injection media, it can be seen that after 20 years, CO2 displacement has the highest cumulative oil production, reaching 32.48 × 104 t, while N2 and hydrocarbon gas displacement have cumulative oil production of less than 25 × 104 t. The CO2 displacement has the highest recovery degree of recovered reserves, reaching 38.67%, while the recovery degree of N2 and hydrocarbon gas displacement are both less than 20%; In addition, The gas-oil ratio of CO2 displacement is relatively low and the degree of reservoir pressure maintenance is high (Figures 13–15; Table 5).
[image: Line graph showing cumulative oil production over time for carbon dioxide, hydrocarbon gas, and nitrogen from 2026 to 2046. Carbon dioxide (orange) has the highest increase, followed by hydrocarbon gas (blue), with nitrogen (green) showing the least growth.]FIGURE 13 | Cumulative oil production curves of different gas media.[image: Graph showing gas-oil ratios for carbon dioxide, hydrocarbon gas, and nitrogen from 2026 to 2046. Carbon dioxide increases steadily, hydrocarbon gas rises with fluctuations, and nitrogen sharply increases and drops.]FIGURE 14 | Gas-oil ratio curves for different gas media.[image: Line graph showing pressure in megapascal (MPa) over time from 2026 to 2045. Carbon dioxide decreases, hydrocarbon gas initially decreases then stabilizes, and nitrogen decreases until 2038 then sharply increases.]FIGURE 15 | Pressure curves of different gas media formations.TABLE 5 | Comparison of mobilization capacity and recovery degree of different gas injection media.	Gas injection medium	Cumulative production (×104 t)	Gas-oil ratio (m3/m3)	Reservoir pressure (MPa)	Recovery degree of gas chamber reserves (%)
	N2	15.95	1,015	20.3	12.09
	Hydrocarbon gas	22.02	996	20.9	18.32
	CO2	32.48	708	21.0	38.67


Considering the results of interfacial tension measurement by laboratory experimental, at reservoir temperature, the MMP (minimum miscibility pressure) between CO2 and crude oil is 22.3 MPa, the MMP between hydrocarbon gas and crude oil is 42 MPa, and N2 is still difficult to achieve miscible at a pressure of 45 MPa. Under reservoir conditions (reservoir pressure of 22.7 MPa), CO2 and crude oil can achieve miscibility or near-miscibility by advanced gas injection, while hydrocarbon gas and N2 are difficult to miscible with crude oil.
From the perspective of production performance, production wells by CO2 displacement exhibit relatively uniform gas breakthrough, with a gradual increase in the gas-oil ratio (GOR) and slow pressure decline. In contrast, Multi-stage fractured horizontal wells displaced by N2 or hydrocarbon gas show uneven gas breakthrough, characterized by rapid GOR increase with multiple abrupt changes. Among them, horizontal wells with early gas channeling experience rapid production decline and sharp pressure drop around the wellbore, making it difficult to maintain normal production and leading to well shut-in. This results in a temporary rebound in reservoir pressure. As GOR increases in horizontal wells with delayed gas channeling, the reservoir pressure decreases accordingly. The analysis of gas chamber stability and inter-phase migration reveals that CO2 achieves miscibility or near-miscibility with oil, minimizing phase behavior contrast and facilitating piston-like displacement front movement. Consequently, following gas breakthrough in producing wells, oil production declines slowly; the gas-oil ratio rises steadily; and pressure depletion occurs gradually, characterized by low gas channeling risk, robust stable production capacity, and high reservoir sweep efficiency. In contrast, hydrocarbon gas and N2 have weaker mutual solubility and miscibility with crude oil, resulting in significant differences in flow capacity between oil and gas phases. Therefore, after gas breakthrough, oil production declines rapidly; the GOR rises sharply; injected gas circulates inefficiently along dominant channels; and pressure drops rapidly, collectively exhibiting high gas channeling risk, poor stable production capacity, and low reservoir mobilization efficiency. Reference (Liu et al., 2023) points out that when hydrocarbon gas cannot be mixed with crude oil, the effect of assisted gravity gas flooding is not as good as that of water flooding. It emphasizes the importance of mixing relative to assisted gravity gas flooding, which is consistent with the conclusion of this study. References (Al-Obaidi and Al-Jawad, 2020a; Al-Obaidi and Al-Jawad, 2020b; Al-Obaidi et al., 2022; Al-Obaidi et al., 2024) highlight that bottom water presence delays gas channeling in CO2 immiscible gravity flooding, with more pronounced delays observed in reservoirs with larger aquifer volumes. However, tight conglomerate reservoirs exhibit underdeveloped aquifers, increasing the risk of gas channeling during immiscible gravity. Key focus areas for enhancing recovery in unconventional reservoirs include optimizing gas injection timing and injection-production parameters, improving gas-oil miscibility, and maintaining displacement front stability.
5 OPTIMIZATION OF GAS INJECTION WELL PATTERN
The formation dip angle of the pilot area ranges from 7.8° to 14.2°. Numerical simulation results indicate that CO2- Assisted-Gravity-Drainage demonstrates significant effects in pressure maintenance, oil displacement, and gas channeling control. However, the migration velocity of the oil-gas interface is relatively slow, at only 37.0 m3/y. To enhance oil production rate and shorten the investment payback period, a gas injection strategy is proposed: deploying gas injectors in structurally lower areas while maintaining top gas injection, forming a gravity-assisted and areal-coordinated multi-directional displacement pattern. This approach provides a pilot basis for establishing a full-reservoir gas injection well pattern.
Considering the gas injection characteristics of vertical and horizontal wells, a comparative design of gas injection via vertical vs. horizontal wells was conducted in the lower structural sections. The well pattern is illustrated in Figure 16. Production performance analyses (Figures 17, 18) show that, at the same HCPV ratio, replacing one horizontal well with three vertical wells results in higher cumulative oil production and lower gas-oil ratio. In terms of sweep characteristics:
	• Horizontal well exhibit strong injectivity and extensive areal sweep, but suffer from uneven vertical progression, high gas breakthrough risk, and poor suitability for dynamic control and three-dimensional development.
	•Vertical wells enable multi-layer gas injection, featuring smaller areal sweep but uniform vertical progression, higher overall sweep efficiency, and lower gas breakthrough risk.

[image: Comparison diagram showing well patterns, areal sweep extent, and vertical sweep extent for two scenarios. The left side features labeled well patterns with lines and points. The middle contains areal sweep extent heatmaps, using color gradients indicating fraction changes. The right displays vertical sweep extent heatmaps with similar color coding. Comparisons highlight differences in sweep extents and well patterns between the two scenarios.]FIGURE 16 | The gas injection coverage range of different well patterns.[image: Line graph showing cumulative oil production over time for vertical and horizontal well patterns. The vertical well pattern, in orange, consistently produces more than the horizontal pattern, in blue, from 2026 to 2046. Production is measured in ten thousand tons, starting below ten thousand tons and exceeding fifty thousand tons.]FIGURE 17 | Cumulative oil production curves of different well patterns.[image: Line graph showing the gas-oil ratio in cubic meters per cubic meter over time for vertical and horizontal well patterns. The vertical well pattern (orange line) and the horizontal well pattern (blue line) are plotted from January 1, 2026, to January 1, 2046. The horizontal well pattern peaks sharply around 2042, while both patterns generally increase over time.]FIGURE 18 | Gas-oil ratio curves of different well patterns.For the pilot area, a recommended well pattern is proposed: vertical wells for gas injection, horizontal wells for oil production, combined with gravity-assistance and areal-coordinated displacement.
6 DISCUSSIONS
This study systematically evaluates the feasibility of early-stage top CO2 injection in tight conglomerate reservoirs through integrated experimental and numerical simulations. The key findings validate the applicability of CO2-Assisted -Gravity-Drainage in low-permeability reservoirs while providing novel technical insights for developing analogous reservoirs. The discussion examines mechanistic interpretations, compares findings with existing literature, and explores field applications.
6.1 Critical geological parameters and miscibility effects
Experimental results reveal formation dip angle and permeability as fundamental controls on CO2 top injection efficacy. The identified threshold values reflect hydrodynamic and thermodynamic interactions unique to tight conglomerates. Formation dips below 10° provide insufficient gravitational potential to overcome viscous forces, resulting in CO2 accumulation rather than effective oil displacement. This explains the improved recovery observed at the X7 Block’s average dip angle of 11.2°. Similarly, permeabilities below 0.85 mD restrict CO2 diffusion, preventing adequate pressure continuity - a finding that challenges conventional GAGD screening criteria which typically require higher permeability. The synergy between these geological parameters and CO2’s near-miscibility (MMP = 22.3 MPa at reservoir conditions) enables stable displacement fronts, demonstrating how tight reservoirs require coupled gravitational and miscibility effects for effective recovery.
6.2 Comparative advantages of CO2 injection
CO2 demonstrates superior performance relative to alternative gases through interconnected mechanisms. Its density (0.6854 g/cm3), closer to crude oil than N2 or hydrocarbon gas, promotes stable frontal advancement and delays breakthrough. The near-miscible conditions minimize interfacial tension, facilitating oil mobilization from microporous networks that characterize conglomerate reservoirs. This combination yields a gas chamber recovery of 38.7%, substantially exceeding immiscible gas injection results. Furthermore, CO2 maintains stronger pressure support, with inter-well differentials measuring 6.7 MPa compared to 5.9 MPa for N2, thereby mitigating rapid pressure depletion observed with other injection media.
6.3 Theoretical context and advancements
The findings both corroborate and extend established knowledge in gravity drainage processes. While confirming the importance of dip angles for segregation efficiency, the results demonstrate how near-miscibility can compensate for marginally sub optimal structural configurations. The study also contrasts with conventional wisdom regarding permeability requirements, showing that appropriate gas selection and injection strategies can overcome traditional limitations. Notably, the work addresses a knowledge gap regarding miscibility’s role in gravity drainage stability, particularly in absence of aquifer support that features prominently in many successful conventional applications.
6.4 Implementation considerations and forward outlook
Field application benefits from the proposed hybrid well architecture combining vertical injectors with horizontal producers. This configuration addresses common challenges in tight reservoir development by improving vertical conformance and enabling dynamic flood management. The slower CO2 advance rate facilitates monitoring and adjustment, reducing premature breakthrough risks. However, several factors require further investigation, including potential long-term injectivity reduction from mineral trapping and the influence of fracture networks on displacement efficiency. These aspects highlight the need for integrated modeling approaches incorporating geochemical and geomechanical considerations.
The comprehensive analysis presented establishes CO2-Assisted -Gravity-Drainage as a technically viable strategy for tight conglomerates that concurrently addresses production enhancement and carbon management objectives. Future efforts should focus on validating the mechanisms through targeted experimentation and controlled field trials.
7 CONCLUSION
To address the challenges of gas segregation and rapid production decline in horizontal wells of tight conglomerate reservoirs, this study evaluates the feasibility of early-stage top CO2 injection through long-core-oil-displacement experiments and reservoir numerical simulation. The key conclusions are as follows:
	(1) Under the conditions of a formaiton dip angle greater than 10° and reservoir permeability exceeding 0.85 mD, injecting CO2 into the top of the Baikouquan Formation reservoir in the Mahu Depression demonstrates significant oil production enhancement, confirming the feasibility of CO2 injection at the top of tight conglomerate reservoirs.
	(2) N2 and hydrocarbon gas struggle to achieve miscibility with crude oil, making gas breakthrough and premature channeling prone to occur during gravity flooding. In contrast, CO2 establishes a stable oil-gas interface with crude oil under miscible or near miscible conditions, mitigating phase behavior and mobility disparities between the two phases. This enables more uniform displacement, delays gas breakthrough effectively, and enhances the sustained productivity of oil wells. Such mechanisms are pivotal for implementing efficient CO2-Assisted-Gravity-Drainage in tight conglomerate reservoirs.
	(3) Horizontal wells face high risks of planar gas channeling during gas injection, whereas vertical wells enable uniform longitudinal gas advance with high sweep efficiency and low channeling risks. A gravity-assisted displacement mode integrated with areal well pattern, featuring gas injection via vertical wells and oil production through horizontal wells, can improve oil recovery and enhance displacement efficiency.
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