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The frequent incidence of casing failure significantly hampers the efficiency of oil and gas development. Casing failure typically takes place at geological discontinuities, particularly at the formation interface during hydraulic fracturing operations. This occurrence is attributed to the high pressure generated, causing slippage at the formation interface and subsequently resulting in casing shear deformation. In this study, we present a fluid injection-driven slippage model incorporating a discontinuous medium to accurately depict the mechanical responses of the formation interface during the drilling and fracturing operations of a representative well in the Weiyuan gas field, China. The results indicate that interface slip predominantly occurs during the fracturing stage. The slip distance first increases and then decreases as the interface dip angle increases, and it is positively correlated with the permeability of the formation. The maximum interface slip position may not necessarily be at the wellbore due to the influence of the interface dip angle and the permeability difference between both sides of the interface. Furthermore, the maximum slip position tends to move away from the wellbore during fracturing operations. The stress induced by fracturing can alter the stress state near the wellbore, thereby affecting the direction of interface slip. When using low-viscosity fracturing fluid, the interface slip distance reached 0.63 mm, compared to 0.16 mm for high-viscosity fluid. This represents a 75% reduction in slip distance with increased fluid viscosity. Consequently, employing a multi-stage fracturing technique at the intersection of the horizontal wellbore and the discontinuities is recommended. In the early stages of fracturing, a low-viscosity fracturing fluid is suggested to reduce the breaking pressure of the reservoir and efficiently create fractures. In later stages, a high viscosity fracturing fluid can be employed to restrict the interface slip distance and further mitigate the risk of casing failure. This study provides actionable guidance for mitigating casing damage by suppressing interface slip during hydraulic fracturing, demonstrating significant value for field operations.
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1 INTRODUCTION
More than 30% of wells in the Sichuan Basin have experienced casing deformation during hydraulic fracturing since 2009 (Ch et al., 2020). Severe casing deformation jeopardizes wellbore integrity and increases the risk of subsequent gas production; the plug fails to reach the predetermined position, reducing the number of exploitable sections in horizontal wells (Chaowei and Degui, 2022; Chaowei et al., 2021). As shown in Figure 1a, four development stages were operated in Changning-Weiyuan shale gas field, in the first stage (2009–2010), four wells were fractured, among which two wells underwent casing deformation. In the second stage (2011–2012), ten wells were fractured and three wells experienced casing deformation. In the third stage (2013–2014), nine wells were fractured and four wells experienced casing deformation. In the fourth stage (2014–2016), seventy-seven wells were fractured and twenty-five wells experienced casing deformation. The overall casing deformation rate was 31.7%. One hundred and ten intervals were abandoned, and the casing deformation rate at the formation interface accounted for 61.7% of the total (Xueli et al., 2018; Yan et al., 2017). Casing deformation tends to occur at the formation interface. Records of Ying Oilfield showed that the casing deformation rate reached 84.6% at the mud-sandstone interface (Figure 1b) (Yin et al., 2018a).
[image: Graph a is a bar chart showing casing deformation ratios at four stages, with stages 1 and 3 having the highest deformation. Graph b is a pie chart depicting percentages of mudstone, sandstone, and sand-mud interface, with mudstone having the largest portion at 84.60 percent.]FIGURE 1 | The casing deformation ratio during the drilling process (a) the casing deformation ratio of the Weiyuan-Changning shale gas reservoir (b) the location of the casing failure in Ying Oilfield.The stress field around the wellbore varies during the drilling and fracturing processes. The interface slip could be induced by fluid injection at geological discontinuities such as faults, fractures, or formation interfaces (Qing et al., 2022; Hejuan et al., 2022; Hui et al., 2021; Sega et al., 2015). In particular, shear slip induced by fluid injection plays an important role in casing deformation. Thus it is essential to study the mechanical response at the discontinuity to ensure wellbore safety and integrity (Hongwei et al., 2002; Jun et al., 2021; Li et al., 2025; Qiang et al., 2025). At present, the basic research methods include displacement-driven and fluid injection-driven (Li et al., 2019).
Displacement-induced discontinuity slip tests can be conducted under constant confining pressure or constant normal stress (Ji et al., 2022). Direct shear tests have shown that the discontinuities are prone to slip when oriented at 30°–50° to the maximum principal stress (Giorgetti et al., 2019; Hayward and Cox, 2017). The slip characteristics are significantly affected by the stress evolution, as normal stress increases, the slip mode changes from stable slip to unstable slip (Buijze et al., 2021). A smaller friction coefficient on the discontinuity can promote increased slip distance and lead to an approximately exponential decrease in shear strength (Di Toro et al., 2006; Sheng et al., 2020; Kilgore et al., 2017). Displacement-driven numerical simulation could reveal the influence of discontinuity slip characteristics on casing, the results suggest a sinusoidal relationship between the casing deflection and its distance from the formation interface (Yin et al., 2018a; Liu, 2020). The maximum casing deformation occurs on both sides of the discontinuity, and presents noncontinuous vertical casing deformation on the fault surface (Yin et al., 2018b). Furthermore, parameter sensitivity analysis results have shown that casing deformation is most significantly affected by the intersection angle between the discontinuity and the wellbore (Zhang et al., 2021).
The displacement-driven study should assume the scale and direction of the slip on the discontinuity surface, as the interface slip is caused by the elevated pore pressure, the injection-driven study is better suited for replicating the actual field conditions (Ji et al., 2020). In the injection-driven experiment, when water is injected into the low-permeability sample at a high injection rate, the discontinuity surface is in local undrained state and causes uneven stress distribution, the induced fracture in high-stress area could lead to local instability and even reactivation of the discontinuity (Ji and Wu, 2020). The increasing pore pressure aggravates the inhomogeneity of stress distribution and leads to unstable slip on the discontinuity, and the stick-slip cases are triggered when the pore pressure increases at an accelerated rate (Scuderi et al., 2017; Proctor et al., 2020; Xing et al., 2019). The fluid injection-driven numerical simulation could be applied and the mechanical response characteristics of discontinuity during fluid injection could be studied from many perspectives (Liangjie et al., 2021). The increase of the total fluid volume and injection rate is beneficial to increase the slip distance of the discontinuity, and the effect of injection rate is more significan (Eyinla, 2022; Huang et al., 2020). With the increase of the distance between perforations and the discontinuity, the interface slip distance and the active range of the discontinuity first increase and then remain stable. Further, the interface slip distance could be reduced by optimizing the cluster spacing of the horizontal wells, the fracturing fluid viscosity and injection rate (Fengshou et al., 2020; Zhao et al., 2021). When the permeability difference between two sides of the layer interface is significant, high pore pressure will cause uneven distribution of stress, and the stress will be concentrated in the section with higher permeability, resulting in greater casing deformation in this section (Han et al., 2019; Xi et al., 2018). Wu et al. investigated controlling factors of hydraulic fracture-bedding interface interactions using the finite-discrete element method. Their results demonstrate that slip behavior along bedding interfaces governs HF crossing capability. Although high permeability of bedding interfaces delays crossing time, it does not prevent ultimate HF penetration (Wu et al., 2022). Humberto et al. investigated hydraulic fracture propagation in anisotropic formations. Their results demonstrate that fluid pressure remains stable when fractures deflect along bedding interfaces. Conversely, treatment pressure increases significantly during cross-interface propagation. Furthermore, higher elastic anisotropy promotes fracture penetration across interfaces (Celleri and Sánchez, 2024).
The mechanical response characteristics of structural surfaces during fluid injection are crucial for well drilling operations and fracturing design. Current research treats faults as continuous media and uses the Coulomb failure stress (CFS) of fault location obtained from fluid-solid coupling calculations as the criterion for fault activity (Fan et al., 2019; Haddad and Eichhubl, 2020). Empirical formulas are then used to predict fault slip distance, but some of these formulas require assumptions about the value of the dynamic friction coefficient or uniform distribution of shear stress, which may not reflect the actual conditions (Crouch, 1976). In our previous work, we used the shear displacement theory formula under uniform shear stress to characterize the sliding distance of faults (He et al., 2022). To minimize reliance on excessive assumptions in the theoretical model, this study employs a discontinuous medium to accurately portray the fault and employs the Mohr-Coulomb contact model to calculate the precise slipping characteristics of the fault under quasi-static, non-uniform shear stress conditions. Through a meticulous sensitivity analysis of parameters, the critical controlling factors influencing fault activity are identified. Subsequently, efforts are directed towards optimizing the processes of well completion and hydraulic fracturing, aiming to minimize slipping distance and effectively alleviate the risks associated with casing damage and deformation throughout the drilling and fracturing procedures.
2 METHODOLOGY
2.1 Governing equations
The crack initiation and propagation process is a dynamic coupling of hydraulic fracturing fluid flow and rock deformation. Based on Biot theory (Charlez, 1991; Chen et al., 1995), the linear elastic strain of reservoir rock and pore pressure variation can be represented by Equation 1 and Equation 2:
φct∂p0∂t−α∂∇·u∂t=∇·kμ·∇p0(1)
λ+G∂∇·u∂xi+G∇2ui−α∂p0∂xi=0(2)
where φ is porosity, ct is overall compression coefficient, t is time, α is the Biot coefficient, u is the displacement vector, k is the permeability matrix, μ is the fluid viscosity, p0 is the pore pressure, ∇ is the vector operator, λ and G are the Lamé constant, xi is the position vector.
The stress balance equation, derived from the principle of virtual work, can be expressed by Equation 3:
∫Vσ′+P0I:δευdV=∫SγδVυdS+∫VfδVdV(3)
where δε is the virtual strain rate; γ is the surface stress per unit area; f is the body force per unit volume; I is the identity matrix; V is the accumulated deformation volume; δV is the velocity field of the reservoir matrix; S is the loading area; and v is the strain rate of the reservoir matrix.
Assuming the fracturing fluid is an incompressible Newtonian fluid, the flow control equation of Newtonian fluid in hydraulic fractures can be obtained through the fracture pressure loss equation and the law of conservation of mass (Charlez, 1991), as shown in Equation 4:
∂∂xw312μ∂p0∂x=∂w∂t+V1x,t(4)
where w is the fracture width; μ is the viscosity of the fracturing fluid; and V1x,t is the fracturing fluid loss rate.
The leakage of fracturing fluid from the fracture into the rock matrix can be characterized by (Carter, 1957), as shown in Equation 5:
VL=−kyμ∂p∂y(5)
where ky is the permeability of the rock along the normal direction of the fracture surface, ∂p∂y is the pressure gradient along the normal direction of the racture surface.
2.2 Contact method
The interaction between contact surfaces includes normal and tangential action. As shown in Equations 6, 7, when the clearance h between surfaces satisfies h < 0, the surfaces are considered to be in contact with each other with contact pressure p > 0 (Figure 2). Conversely, for h ≥ 0, the contact surfaces are separated from each other with p = 0. 
p>0h<0close(6)
p=0h≥0open(7)
[image: Graph illustrating the relationship between clearance and contact pressure. The x-axis represents clearance, with the annotation "No pressure when no contact." The y-axis represents contact pressure, with the annotation "Any pressure possible when in contact."]FIGURE 2 | Contact pressure-interfacial clearance relationship.The slip type includes smooth straight slip and smooth curve slip. The node X1 in the linear slip segment is the node on the slave surface. The node X is the closest point to X1 on the master surface, and n and t are the normal and tangent unit vectors at node X, respectively. If the model boundary is a smooth straight line, the shear displacement segment trajectory can be determined using two nodes, X2 and X3 (Figure 3a). If the model boundary is a smooth curve, the shear displacement trajectory can be determined by establishing a quadratic equation using three nodes, X2, X3 and X4. If the contact occurs at the (convex) vertex of two segments, only a single node will enter the equations (Figure 3b).
[image: Two diagrams labeled "a" and "b" depict vector representations. Diagram "a" shows vectors \(n\) and \(t\), with \(n\) vertically and \(t\) horizontally along points \(X_2\) and \(X_3\). Diagram "b" shows a bent line with vectors \(n\) and \(t\) at point \(X\), connected to points \(X_2\), \(X_3\), and \(X_4\), with \(n\) perpendicular to \(t\).]FIGURE 3 | Schematic diagram of finite slip relationship (a) Linear slide line segment (b) Quadratic slide line segment.An interpolation function Nig is defined to get the position of node Xi, as shown in Equation 8:
nh=NigXi(8)
The tangent line t of node X could be expressed by Equation 9:
tdef=dXds=dNidgXi/dXdg(9)
Linearize Equation 10 yields the contact slip equation:
δnh+nδh=dNidgXiδg+NiδXi=tδs+NiδXi(10)
where δs and δh are the slip distance in the tangential and normal directions of the slip surface, respectively, expressed by Equations 11, 12:
δh=Nin·δXi(11)
δs=−Nit·δXi(12)
The stress stiffness of point X is obtained by derivation of functions for h and s, as shown in Equations 13, 14:
dδh=−δXindNidsNjt+tNidNjdsn+tNiρnNjt·dXj(13)
dδs=δXitdNidsNjt−nNidNjdsn−nNiρnNjt·dXj(14)
where ρn is the curvature of the slip segment.
2.3 Method validation
The simulation results were compared with experimental results by Wang et al. to validate the applicability of the proposed method (Wang et al., 2020). A cylindrical sandstone sample with a length of 1 m and a diameter of 0.5 m was prepared, a sawcut plane was located at the center of the cylinder with a dip angle α = 30°. The elastic modulus of sandstone was 15 GPa, Poisson’s ratio was 0.26, and the friction coefficient was 0.7.
The main test procedures were as follows. First, the sample was loaded until the required confining pressure of 35 MPa was reached, while the pore pressure was kept constant at 5 MPa. Subsequently, the shear strength (τss) was obtained by axial loading at an axial displacement rate of 1 μm/s. Next, the axial load was reduced with a displacement rate of 0.05 μm/s until the shear stress reached 0.92 × τss. The axial pressure was kept constant, and water was pumped into the sample to trigger fault slip. Notably, the confining pressure remained constant at 35 MPa throughout the test.
The top of the sample was sealed to create an undrained boundary condition and pore pressure was applied through Pump A at the bottom of the sample. In order to study the correlation between fault slip and fluid pressure, in the test the fluid pressure increased from an initial value of 5 MPa at a rate of 2 MPa/min, with each increment lasting 2 min. Subsequently, the pore pressure was kept constant for 8 min. Changes in pore pressure and slip character--ristics on the sawcut plane were recorded by acoustic emission (AE) sensors. The experimental setup is shown in Figure 4a.
[image: Diagram of a hydraulic testing setup: Panel a shows a setup with a permeable rock matrix, pressure transducers, and pumps. The matrix is held at a pressure of thirty-five megapascals with acoustic emission sensors. Panel b depicts a cylindrical rock model under similar conditions, highlighting pore pressure. Axes are marked X, Y, and Z.]FIGURE 4 | (a) Schematic diagram of the test and the (b) corresponding finite element model.A 3D hydro-mechanical coupling model was established referring to the experimental settings (Figure 4b). The model geometry, material parameters and stress loading strategy were consistent with those of the test. The friction coefficient was set to 0.7, the void ratio was 0.29. The specific parameters were listed in Table 1 (Wang et al., 2020).
TABLE 1 | Parameters used in the validation model (Wang et al., 2020).	Elastic modulus (GPa)	Permeability coefficient (m/s)	Poisson’s ratio	Friction coefficient	Friction angle (°)	Cohesion stress (MPa)	Dilatancy angle (°)
	15	1.0 × 10−9	0.26	0.7	31	2	15


The fluid pressures and the slip distance on the sawcut plane obtained by numerical model is compared with the experimental results (blue bar in Figure 5). In general, the results obtained by numerical model is basically consistent with the experimental results, the regression coefficient reaches 0.97, indicating the proposed method could be applied in further research.
[image: Bar and line graph showing experimental results, modeling results, and pore pressure over time in seconds. Interface slippage is measured in millimeters on the left axis, and pore pressure in megapascals on the right axis. Bars and lines indicate trends from 3600 to 7400 seconds.]FIGURE 5 | Comparative analysis of interface slippage: laboratory test (blue bar) vs simulation results (red bar) during pore pressure evolution (black line).3 INTERFACE SLIP DURING DRILLING AND FRACTURING PROCESS
3.1 Calculation model of formation interface slip
A numerical model of a vertical well was constructed based on the lithological parameters and fracturing strategy for a representative well in the Weiyuan gas field, Sichuan Basin. The buried depth of mudstone-sandstone interface was 3,200 m, the sandstone layer and mudstone layer were in angular unconformity, with a stratum dip angle of 40°. The friction coefficient was 0.7, and the void ratios of mudstone and sandstone were 0.1 and 0.2, respectively. The lithological parameters are shown in Table 2. The model size was set as 10 × 10 × 20 m, and the diameter of the well was 0.18 m (Figure 6a), and the mesh was finer near the wellbore to accurately capture the response characteristics of the interface (Figure 6b). The stress regime around the well was strike-slip type. The model employed fixed-displacement boundary conditions with an initial stress field defining in-situ stresses: maximum horizontal stress σH = 75 MPa, minimum horizontal stress σh = 55 MPa, and vertical stress σv = 60 MPa. A constant pore pressure boundary of 40 MPa was applied.
TABLE 2 | Parameters are used in the model.	Parameter	Elastic modulus (GPa)	Poisson’s ratio	Permeability coefficient (m/s)	Friction angle (°)	Cohesion stress (MPa)	Dilatancy angle (°)
	Mudstone	12	0.28	1.0 × 10−10	40	1	20
	Sandstone	24	0.25	1.0 × 10−9	25	7	12


[image: Panel a shows a vertical cross-section of a wellbore, with mudstone above sandstone, separated by an interface. A bridge plug is in the wellbore within the sandstone layer. Panel b is a grid pattern around the wellbore from a top view, indicating stress distribution. Panel c is a graph showing pore pressure over time in megapascals, with an initial increase, peak, and subsequent stabilization.]FIGURE 6 | Numerical model of mud-sandstone formation (a) side view (b) top view (c) bottom hole pressure variation with time.According to field reports, the drilling fluid density was 1,500 kg/m3 and the bottom hole pressure during the drilling stage was 60 MPa. During the multistage fracturing, the bottom hole pressure linearly increased from 60 MPa to 80 MPa (breaking pressure) over 1,200 s, then decreased to 70 MPa during 1,200 s–2,400 s, and finally stabilized at 70 MPa until 7,200 s (Figure 6c).
3.2 Calculation results
The pore pressure distribution and principal stress along the formation interface during drilling and fracturing process are shown in Figure 7. The pore pressure at the wellbore rose to 60 MPa after drilling, while the normal stresses σ1 and σ3 were reduced by 14.4 MPa and 6.97 MPa, respectively (Figure 7c). During fracturing, the pore pressure at the wellbore increased sharply and diffused outward. The permeability difference between the two sides of the formation interface and the dip angle hindered the lateral diffusion of the injected fluid, thus, the injected fluid to concentrate near the interface on the left side of the wellbore (Figure 7a), resulting in a larger pressure change on this side (Figure 7b). The pore pressure diffusion ranges on the left and right sides of the wellbore were 4.8 m and 3.5 m, respectively. The overpressure generated during the fracturing process led to a decrease in the contact stress at the interface, and the range of contact stress reduction increased with time. As shown in Figure 7c, the impact of pore pressure on the maximum principal stress was more significant than the minimum principal stress, thus reducing the stress difference around the wellbore. The contact stress near the wellbore reached 0 MPa, indicating that the tensile stress generated at the wellbore may open the interface.
[image: Illustration depicting pore pressure distribution and stress variation during drilling and fracturing. Panel (a) shows a color-coded pressure map with a highlighted fluid accumulation area. Panel (b) graphs pore pressure versus location, comparing time points and conditions. Panel (c) depicts stress variation with curves for different fracturing times and conditions.]FIGURE 7 | Variation of pore pressure and principal stress at formation interface with time. (a) Pore pressure distribution after fracturing (b) pore pressure variation along the formation interface with time (c) principal stress variation along the formation interface with time.The stress variation, interface opening and slip distance at the formation interface during drilling and fracturing process were shown in Figure 8. In the drilling process, the changes of contact stress and shear stress were only observed near the wellbore, and no slip occurred at the formation interface. After fracturing, the stress change on the left side of wellbore was more significant due to the uneven fluid pressure distribution (Figures 8a,b). The tension stress led to partial opening of the formation interface, and the opening near the wellbore first increased and then decreased with time. At 1,200 s the opening was 0.015 mm. Between 2,400 s and 7,200 s, after a linear reduction the pore pressure remained constant. Fluid leakage at the formation interface reduced the opening to 0.013 mm, but enlarged its range (Figure 8c). The slip occurred mainly during the fracturing stage, and the slip distance increases with the fracturing time. Influenced by the dip angle and the difference in rock permeability, the injected fluid concentrated on the left side of the wellbore, resulting in a more significant reduction in principal stress. The interface opening and contact pressure decrease led to significant slip at the formation interface (Figure 8d). Fluid aggregation near the wellbore progressively expanded the stress-affected zone, displacing the peak slip location along the formation interface farther from the injection point over time.
[image: Four line graphs labeled a, b, c, and d. Graph a shows contact pressure versus location, with curves for different stages: before drilling, after drilling, and fracturing at 1200, 2400, and 7200 seconds. Graph b illustrates shear stress, with similar stages. Graph c displays interface opening, and graph d shows interface slippage, all plotted against location in meters. The graphs show variations across different drilling and fracturing stages.]FIGURE 8 | Variations of stress, opening, and slip along the interface during drilling and fracturing.As shown in Figure 9, both contact pressure and shear stress at the wellbore decreased significantly by 2,400 s, but the contact pressure decreased more sharply than the shear stress. For this reason, slip occurred mainly in the first 2,400 s. After 2,400 s, as the contact stress and shear stress remained basically unchanged, the interface slip remained constant.
[image: Graph (a) displays contact pressure and shear stress over time in seconds. Contact pressure starts near 6 MPa and decreases gradually, while shear stress follows a similar but slightly lower trend. Graph (b) shows interface slippage over time, starting at zero and increasing to approximately 0.42 mm, then stabilizing.]FIGURE 9 | Evolution of stress and interface slippage at the wellbore with time.4 PARAMETER SENSITIVITY ANALYSIS
We conducted sensitivity analyses on key parameters governing formation interface slip, systematically evaluating the effects of in-stiu stresses, geological factors, and operational variables.
4.1 Formation interface dip angle
To study the mechanical response characteristics of different interface dip angles during fluid injection, the formation interface dip angle α was set to 0°–60° while other parameters kept constant. According to Equations 15,16 the contact stress and shear stress first increase and then decrease as α increases (Figure 10a,b). In addition, as shown in Figure 11b, when α = 10°, the direction of shear stress changed due to fluid injection, and it reached a maximum when α = 40°–50°.
σ=12σ1+σ3+12σ1−σ3cos⁡2α(15)
τ=12σ1−σ3sin⁡2α(16)
[image: Four graphs labeled a, b, c, and d display data on different angles ranging from 0° to 60°. Graph a shows contact pressure versus location, peaking in the center. Graph b shows shear stress versus location, with a similar central dip. Graph c shows interface opening versus location, peaking sharply at the center. Graph d shows interface slippage versus location, peaking near the start and end with a central dip. Each graph uses different colored lines to represent various angles.]FIGURE 10 | The impact of interface dip angle on (a) interface contact pressure, (b) interface shear stress, (c) interface opening and (d) interface slippage.[image: Four graphs labeled a, b, c, and d depict different metrics against location in meters. Graph a shows contact pressure in megapascals, peaking at 25. Graph b illustrates shear stress in megapascals, with curves similar to graph a. Graph c displays interface opening in millimeters, with a peak around 0.015. Graph d shows interface slippage in millimeters, reaching about 0.6. Each graph includes multiple curves representing different values indicated in scientific notation.]FIGURE 11 | The impact of permeability coefficient on (a) interface contact pressure (b) interface shear stress (c) interface opening and (d) interface slippage.Figure 10c presents the formation interface opening after fracturing. The opening first increases and then decreases as α increases. The slip distance at the formation interface after the fracturing follows a similar trend, reaching a high value for α between 40° and 50° (Figure 10d). The maximum slip distance occurred at the wellbore when the dip angle of the formation interface was between 0° and 20°. However, when the dip angle was between 30° and 60°, the injected fluid concentrated in the sandstone on the left side of the wellbore, resulting in larger induced stress, and the maximum slip occurred about 1 m to the left of the wellbore.
4.2 Permeability coefficient
The permeability coefficient of sandstone formation increased from 2.0 × 10−11 m/s to 1.0 × 10−10 m/s with other factors kept constant. The contact pressure of formation interface decreased as the increase of permeability coefficient (Figure 11a). As shown in Figure 11b, the shear stress decreased with the increase of sandstone permeability coefficient. Meanwhile, both the magnitude and range of the interface opening increased, extending from 4.5 m to 5.1 m (Figure 11c). The slip distance at the formation interface increased with permeability coefficient. The maximum slip distance was 0.45 mm, and the slip distance at the wellbore was 0.35 mm (Figure 11d). In addition, the maximum slip position at the formation interface occurred about 1 m to the left of the wellbore, which did not change with increasing permeability coefficient, indicating that the formation dip angle was the key control factor for the location of the maximum interface slip.
4.3 In-situ stress
The stress difference of the formation was adjusted by changing the maximum horizontal in-situ stress. The variation range of the horizontal maximum principal stress was set to 55 MPa–75 MPa, and the variation range of the horizontal stress difference was 0 MPa ∼ 20 MPa. As shown in Figure 12a, the contact pressure near the wellbore (within 1 m from the wellbore) decreased with the increase of the stress difference, indicating that the induced stress increased with stress difference, and shear stress similarly increased with stress difference. When the stress difference was 10 MPa–20 MPa, the model was in strike-slip state, and when the stress difference was reduced to between 0 MPa and 5 MPa, the model was in normal stress state, the direction of shear stress near the wellbore was reversed after fracturing (Figure 12b), leading to a change in slip direction in Figure 12d. As shown in Figure 12c, the opening of the formation interface increased as the stress difference rosed from 0 MPa to 20 MPa, and the opening range on the left side of the wellbore increased from 3.8 m to 4.9 m. Notably, when the stress difference was 10 MPa, fluid injection changed the local stress state near the wellbore from strike-slip to normal, causing slip direction vary along the interface and resulting in a smaller slip distance. Therefore, the slip distance around the wellbore first decreased and then increased with the increase of the stress difference, and the maximum slip distance was 0.36 mm when the stress difference rose to 20 MPa.
[image: Four graphs depicting mechanical properties across different locations:a) Contact pressure (MPa) vs. location (m), showing varying curves at 0, 5, 10, 15, and 20 MPa.b) Shear stress (MPa) vs. location (m), displaying distinct curves at the same pressures.c) Interface opening (mm) vs. location (m), with curves at 15, 20, 25, 30, and 35 MPa.d) Interface slippage (mm) vs. location (m), showing shifts at pressures of 0, 5, 10, 15, and 20 MPa.]FIGURE 12 | The impact of stress difference on (a) interface contact pressure (b) interface shear stress (c) interface opening and (d) interface slippage.5 DISCUSSION
The interface dip angle, the permeability coefficient and the horizontal stress difference all had a significant effect on the interface slip characteristics. The dip angle of the discontinuity cannot be changed. The permeability coefficient can be enhanced by reservoir volume fracturing, and the horizontal stress difference between fracturing clusters in a horizontal well can be reduced by optimizing cluster spacing.
Compared to other strategies of reducing interface slip distance, it was more feasible to optimize fracturing parameters such as the fluid pumping rate and fracturing fluid properties. Since the pump injection rate is closely related to the pumping pressure loading rate, the time for the bottom hole pressure to reach the breaking pressure was varied from 1,200 s ∼ 3,600 s (Figure 13). As shown in Figures 14a–c, the change in pump pressure loading rate shows an insignificant influence on interface contact pressure, shear stress and opening distance, and the change in interface slip distance is only 0.022 mm (Figure 14d), indicating that the fluid injection rate has limited effect on interface slip distance.
[image: Line graph showing changes in pore pressure (MPa) over time (seconds). Different colored lines represent measurements taken at intervals of 1200s, 1800s, 2400s, 3000s, and 3600s. Each line rises sharply to a peak between 80 and 85 MPa before declining and stabilizing around 70 MPa.]FIGURE 13 | Bottom hole pressure for different injection rate.[image: Four graphs labeled a through d show different measurements over time and location. Graph a plots contact pressure in megapascals (MPa) over location, showing a drop in pressure between 5 and 8 meters. Graph b displays shear stress in MPa, showing a similar drop pattern as graph a. Graph c presents interface opening in millimeters (mm), peaking around 6 meters. Graph d illustrates interface slippage in mm, with notable changes at locations around 6 meters. Each graph includes lines for times ranging from 1200 to 3600 seconds.]FIGURE 14 | The impact of fluid injection rate on (a) interface contact pressure, (b) interface shear stress, (c) interface opening and (d) interface slippage.The interface slip caused by fracturing can be reduced by using fracturing fluids of different viscosity. Water, slick water, guar gum and supercritical CO2 are commonly used as fracturing fluids in shale reservoir development, based on the lithological parameters in Table 2 and the stress state in Figure 6, the breaking pressure and expansion pressure for different fracturing fluids were calculated by the cohesive element model. For different fracturing fluid viscosities (water: 1.0 × 10−3 Pa·s, slick water: 6.0 × 10−3 Pa·s, guar gum: 2.0 × 10−2 Pa·s, supercritical CO2: 0.05 × 10−3 Pa·s), the breaking pressure and expansion pressure increase with fluid viscosity (Figure 15).
[image: Line graph showing pressure in megapascals (MPa) over time in seconds for four fluids: water, guar gum, slick water, and supercritical CO2. All start at high pressure around 80-100 MPa, then decrease sharply, stabilizing with guar gum showing a slight increase over time.]FIGURE 15 | The breaking pressure and expansion pressure of the reservoir corresponding to different fracturing fluids.Figure 16 illustrates the mechanical response characteristics of the formation interface after fracturing with different fracturing fluids. The results indicate that although the breaking pressure and expansion pressure of the reservoir are lower for low viscosity fracturing fluid (supercritical CO2, water). The strong diffusion significantly increases the range of induced stress and interface opening (Figures 16a–c), resulting in a maximum slip distance of 0.63 mm after supercritical CO2 fracturing (Figure 16d). When the high viscosity guar gum fracturing fluid is used, the breaking pressure and expansion pressure of the reservoir are significantly increased, but the corresponding lower permeability hinders the fluid diffusion and reduces the extent of formation interface opening. The maximum slip distance of formation interface (0.16 mm) occurs at the wellbore. Thus, the interface slip distance is negatively correlated with the fracturing fluid viscosity.
[image: Four graphs comparing different substances: a) Contact pressure with water, slick water, guar gum, and SC-co2. b) Shear stress for the same substances. c) Interface opening seen with peaks at different locations. d) Interface slippage with notable variation for SC-co2. Each graph uses a consistent color legend: black for water, red for slick water, green for guar gum, and blue for SC-co2.]FIGURE 16 | The impact of fracturing fluid type on (a) interface contact pressure, (b) interface shear stress (c) interface opening and (d) interface slippage.The pore pressure and slip distance variation with time are shown in Figure 17. Interface slip caused by the injection of low viscosity fracturing fluid (supercritical CO2, water) occurs during the initial fracturing stage (0–1,200 s), while the slip caused by the injection of guar gum fracturing fluid runs through the entire fracture initiation and propagation stage. Although high viscosity fracturing fluid (guar gum) corresponds to higher expansion pressures, the slip distance at the formation interface is smaller after fracturing. Therefore, multi-stage fracturing technology could be adopted at intersection of the horizontal well and the discontinuities. Low viscosity fracturing fluid is suggested in the early stages of fracturing to reduce the breaking pressure while creating fractures efficiently. In the later stages, high viscosity fracturing fluid could be adopted to carry proppant while effectively restricting the interface slip distance, further reducing the risk of casing failure.
[image: Graph showing interface slippage and pore pressure across various locations. Slippage is indicated for water (black), guar gum (green), slick water (red), and water with supercritical CO2 (blue). Pore pressure for water (black dashed), guar gum (green dashed), slick water (red dashed), and supercritical CO2 (blue dashed) is also shown. Slippage increases initially, then stabilizes, while pore pressure increases steadily across the distance.]FIGURE 17 | The pore pressure and slip distance at the wellbore corresponding to different fracturing fluids.The method used in this study assumes constant interfacial friction coefficient and permeability. However, as fluid is injected and the interface slides, the friction coefficient decreases to a dynamic friction coefficient, which is velocity-dependent. Under drainage conditions, the increase in pore water pressure near the interface leads to a decrease in effective stress, resulting in an increase in permeability due to the stress sensitivity of the rock. Furthermore, if the clearance becomes negative during the interface sliding process, the contact pressure will increase exponentially. In this study, the geological interfaces are mainly in an open state, and this process is not considered.
This study establishes a conceptual model for typical shale gas wells in the Weiyuan Block of the Sichuan Basin. Although most of the casing deformation in shale occurs in the horizontal well section, its deformation mechanism is the same as that of the model in Section 3, the conclusions drawn in this paper are applicable to shale reservoirs. In reality, significant anisotropy can be observed near the formation interfaces, and the reservoir rocks can experience hydration damage and alteration of their elastic-plastic parameters under the influence of drilling and fracturing fluids. These complex mechanisms will be further investigated in our future work to develop a constitutive model for hydration damage and to discuss its implications on interface sliding characteristics.
During actual well drilling and construction, when the wellbore trajectory has been designed, the construction parameters that can be optimized include only the fluid injection rate, fracturing fluid viscosity, fracturing fluid volume, and proppant type. The results of this study indicate that reducing interfacial activity can be achieved by optimizing the viscosity of the fracturing fluid. Compared to conventional fracturing methods, it is recommended reducing the proportion of pad and appropriately increase the viscosity of the slurry in geological interface and natural fracture development zones. Based on the site geology and construction conditions, the proportions of pad and slurry can be further quantified, thus providing precise guidance for on-site operations.
6 CONCLUSION
In this study, we have developed a 3D hydro-mechanical coupling model incorporating a discontinuous medium to investigate the mechanical responses of the formation interface during drilling and fracturing operations. The key conclusions drawn from our research are as follows:
	1. Interface slip predominantly occurs during the fracturing stage, and the presence of an interface dip angle and varying rock permeability on both sides of the interface results in an asymmetric distribution of slip around the wellbore. The overpressure generated during the fracturing process caused the contact stress at the interface decrease to 0 MPa, indicating that tensile stress generated at the wellbore can induce the opening of the interface.
	2. The slip distance exhibits a positive correlation with rock permeability. It initially increases and then decreases with an increasing dip angle of the formation interface. Conversely, it initially decreases and then increases with an increasing stress difference. The location of maximum slip is significantly influenced by the dip angle of the formation.
	3. The fluid pumping rate has a limited influence on the interface slip distance. While low viscosity fluids reduce the breaking pressure and expansion pressure of the reservoir, their high diffusion lead to an increased range of induced stress, enlarging the distance and range of interface slip. Conversely, the use of high viscosity fluids tends to result in smaller opening ranges and slip distances after fracturing.
	4. We propose a multi-stage fracturing strategy to minimize interface slip. Specifically, we recommend employing low viscosity fracturing fluids in the early stages of fracturing to reduce breaking pressure and efficiently create fractures. In later stages, high viscosity fracturing fluids can be utilized to restrict the interface slip distance, further mitigate the risk of casing failure.
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