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The oil–water two-phase flow mechanism is the critical issue for producing shale oil reservoirs after huge-volume hydraulic fracturing treatment. Due to the extremely low permeability of the shale matrix, the two-phase experimental measurement is impossible for shale samples. In this work, a pore network model is proposed to simulate steady-state oil–water flow with mixed wettability under consideration. The model is first applied in Berea sandstone, and the calculated relative permeabilities are validated with experimental studies for different wettability scenarios. Then, the three-dimensional FIB-SEM imaging of the Jimsar shale sample is used to extract a representative shale pore network with 13,419 pores and 31,393 throats. The mean values of pores and throats are 29.75 and 19.13 nm, and the calculated absolute permeability is 0.005 mD. With our proposed model, the calculated relative permeability curves show a high residual oil saturation for all the wettability conditions. Specifically, the oil-wet and mixed-wet conditions yield lower residual oil compared with the water-wet condition. For 50–50 mixed-wet conditions, the water phase relative permeability is much higher for smaller pores being oil-wet than the larger pores being oil-wet.
Keywords: shale oil, pore network modeling, two-phase flow, relative permeability, mixed-wettability
INTRODUCTION
Worldwide, the shale oil and gas reservoirs are important supplementary unconventional resources for the petroleum industry. The shale boom helps the United States to regain status as the top oil-producing country and changes the political and energetical situations for the whole world. In China, the Jimsar shale oil in Xinjiang province is one of the most high-potential shale pay zones (Yang et al., 2018). Because almost all the multifractured horizontal wells are commonly used to develop shale oil reservoirs, the oil–water two-phase flow becomes vital after a huge amount of fracturing water injection. Due to the extremely low permeability of the shale matrix, the two-phase experimental measurement is impossible for shale samples. The digital rock physics and pore-scale modeling methods are believed to be a substitute for laboratory multiphase flow experimental studies. Conventionally, the digital rock data set is obtained by a micro-CT scanner with a resolution of around 1 μm; however, the pore and throat sizes of the shale matrix are much smaller, and most pore diameters are less than 100 nm. Recently, the focused ion beam scanning electron microscope (FIB-SEM) imaging technique is introduced to reconstruct shale digital rock data (Kelly et al., 2016). This approach works by creating an image of the surface layer of a sample, which is then stripped away using a beam of charged particles to reveal the layer beneath. The new surface can then be imaged, and so on, through the whole sample.
As for pore-scale modeling methods, there are mainly two types: direct numerical simulation and pore network modeling. The former method consists of conventional grid-based CFD methods, e.g., VOF (Raeini et al., 2014), and the lattice Boltzmann method (Ramstad et al., 2010). As for the huge amount of the digital rock data, direct numerical simulation is almost impossible for multiphase flow simulation because of the high computational demand. The pore network modeling method relieves the computational effort by representing the detailed pore space via interconnected pores and throats. The pore network extraction algorithms include central axis extraction, maximum sphere filtration, watershed segmentation, etc. (Dong and Blunt, 2009; Rabbani et al., 2014). With the irregular, cross-sectional, triangular-shaped pores and throats, multiphase could coexist in a capillary balance, which leads to the birth of quasi-static pore network models (Øren et al., 1998; Valvatne and Blunt, 2004). To the best of our knowledge, the previous pore-scale modeling studies of fluids flow in shale mainly focus on single-phase flow and synthetic networks (Guo et al., 2018; Wang and Sheng, 2018).
In this work, a pore network model is proposed to simulate steady-state oil–water flow with mixed wettability under consideration. The model is first applied in Berea sandstone, and the calculated relative permeabilities are validated with experimental studies for different wettability scenarios. Then, three-dimensional FIB-SEM imaging of the Jimsar shale sample is used to extract a representative shale pore network used within our proposed model to investigate the oil–water flow mechanisms.
METHODOLOGY AND VALIDATION
Following the work by Ryazanov et al. (2009), the four-pointed, star-shaped, cross-sectional area is used to improve the representative accuracy of irregular triangles. The geometrical diagram is shown in Figure 1. Then, the crossing area[image: image], perimeter [image: image], and shape factor [image: image] of a pore or throat are given in Eqs 1–3.
[image: image]
[image: image]
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[image: Figure 1]FIGURE 1 | Four-pointed, star-shaped, cross-section area of pores and throats.
The crude oil within shale formations is supposed to be accumulated by primary drainage, where the initial water coexists and the corresponding water saturation can be calculated by the maximum drainage capillary pressure [image: image] in Eq. 4. The [image: image] is defined as the threshold pressure for the smallest throat being invaded.
[image: image]
where [image: image] and [image: image] are the receding contact angle and oil–water interfacial tension, respectively.
As for oil–water flow encountered in field practice, the steady-state water injection is used for pore scale simulating shale oil–water flow processes, in which the capillary pressure decreases from maximum value to zero and then to the negative maximum. Because the shale oil formations are believed to be mixed-wet, the displacement mechanisms are divided into water-wet and oil-wet pores.
First, for water-wet throats, spontaneous snap-off and piston-like filling are considered, and the corresponding threshold capillary pressures are given in Eq. 5 and Eq. 6.
[image: image]
[image: image]
where [image: image] is the advancing contact angle. Note that the snap-off will not happen if [image: image] and that piston-like filling is more favorable over snap-off if the throat is accessible by a filled pore body.
For water-wet pore bodies, cooperative pore filling is also considered, and the corresponding threshold capillary pressure is formulated in Eq. 7.
[image: image]
where [image: image], [image: image] is a random number within 0–1, and [image: image] is the number of oil-filled throats connecting to the pore body.
After inlet capillary pressure reduces to negative, the oil-wet pores and throats are filled by forced water injection, which is similar to the process of primary drainage except for the existence of sandwiched oil film. When [image: image], water invades and fulfills the oil-wet pores and throats, in which the corresponding threshold capillary pressure is the same as in Eq. 6 except the value is negative. When [image: image], sandwiched oil film formed after forced water intrusion, and the threshold capillary pressure is given by
[image: image]
where [image: image].
As for oil-wet throat forced snap-off, due to the minimum value of corresponding threshold pressure, the happening probability is quite low (Blunt, 2017), which is not considered in this work.
During the water injection process, the oil and water saturation are updated by the microdisplacement mechanisms as shown. The efficient graph-based NetworkX (Hagberg et al., 2008) package is used to recheck the trapped oil clusters. For every capillary pressure decreasing step, the phase conductance of every pore and throat are updated by their balanced water saturation. Then, an adjacent matrix is established by putting the conductance values on the corresponding positions. Given an arbitrary pressure drop between the inlet and outlet, the pressure of every pore and throat are calculated. Then, the outlet face flow rate is obtained. Finally, we apply Darcy’s equation, and the absolute and phase effective permeability are computed.
Applying the proposed pore network model to the Berea sandstone pore network data extracted using Dong and Blunt’s software, the absolute permeability yields 1.78 mD, which is close to the experimental value of 2.45 mD. The error is caused by the micro-heterogeneity. The relative permeability curves for water-wet and 50–50 mixed-wet scenarios are shown in Figure 2, in which the contact angle of water-wet and oil-wet pores are set as 60° and 120°, respectively. The experimental measured data matches the pore network calculated curves, which validates our model to predict oil–water flow mechanisms within a 3-D digitalized rock.
[image: Figure 2]FIGURE 2 | Pore network model–calculated relative permeability curves of Berea sandstone validated by experimental data (Valvatne and Blunt, 2004) (A) for water-wet, (B) for 50–50 mixed-wet.
PORE NETWORK MODELING OF OIL–WATER FLOW IN JIMSAR SHALE
The Jimsar shale sample is used in this study to digitalize the pore space in three dimensions. The FIB-SEM experiment is implemented, in which the resolution is 20 nm∗20 nm∗20 nm and the data size is 500∗500∗500. Applying the fast Fourier transformation, the noisy artifacts are removed from the 3-D image. The pore space is segmented by setting a threshold grayscale value, and the maximum sphere algorithm is used to extract the pore network. The 3-D pore space and pore network are visualized in Paraview (Ahrens et al., 2015) as shown in Figure 3.
[image: Figure 3]FIGURE 3 | Jimsar shale pore space and pore network visualization in Paraview; (A) pore space distribution, (B) pore network visualization.
There are 13,419 pores and 31,393 throats for the Jimsar shale pore network, and the connected porosity is 16.35%, which is close to the experimentally measured 19%. The loss of porosity is due to the unresolvable voxel for pores and throats less than 20 nm. Applying statistics of the pore network properties, the mean radius of pores and throats are 29.75 and 19.13 nm. The average pore–throat aspect ratio is 2.29 although we have several bigger pores and throats as shown in Figure 3.
Applying our proposed pore network model, the absolute Darcy permeability is calculated as 0.004–0.006 mD for x, y, and z flowing directions, which is also a reasonable value for the shale oil reservoir in the formation conditions. Note that the gas slippage and formation deformation (Sheng et al., 2019; Sheng et al., 2020; Pang et al., 2020; Pang et al., 2021) are not considered. With the 50–50 mixed-wet scenario, i.e., half of the pores and throats are water-wet and the other half are oil-wet. The contact angle of water-wet and oil-wet pores are set as 60° and 120°, respectively. Setting the larger or smaller half pores and throats to be oil-wet, the simulated relative permeability curves are shown in Figure 4.
[image: Figure 4]FIGURE 4 | Oil–water relative permeability of Jimsar shale with 50–50 mixed-wet conditions, (A) larger pores being oil-wet, (B) smaller pores being oil-wet.
According to the figure, both wettability scenarios indicate a high residual oil saturation (i.e., close to 40%) and a narrow two-phase flow region, which means that the oil recovery of shale oil is much lower than conventional highly permeable reservoirs. For larger pores being oil-wet, the water phase relative permeability is extremely low, and the endpoint value is less than 0.01, which means water within the shale matrix almost will not flow, which is quite similar to the phenomenon of permeability jail (Shanley et al., 2004). For the oil-wet smaller pore scenario, the water phase relative permeability increases much faster with the increase of water saturation, and the endpoint is around 0.3. The differences suggest that the larger pores contribute the most flow ability. When larger pores are oil-wet, water first fills the water-wet smaller pores, and then, the oil-filled larger pores are trapped with no escape channels. However, when larger pores are water-wet, water first fills them and then extends to smaller oil-wet pores. The distribution of oil-wet pores plays a significant role in the oil-water flow mechanisms even though the overall wettability of both conditions is 50–50 mixed-wet. The future studies need to enlarge the pore network model to be more representative of the shale formations, which induces two challenges: experimental requirements and computational demand. The first one can be relieved by generating topological effective pore networks. The second challenge needs a more efficient pore network simulator, which is under the development of our future work.
CONCLUSION
A pore network model is proposed to simulate oil–water flow with mixed wettability scenarios. The model is applied in Berea sandstone, and the calculated relative permeabilities are validated with experimental studies for different wettability scenarios. Then the three-dimensional FIB-SEM imaging of the Jimsar shale sample is used to extract a representative shale pore network and our proposed model is used to investigating the oil–water flow mechanisms. The mean values of pores and throats are 29.75 and 19.13 nm, and the calculated absolute permeability is 0.005 mD. The calculated relative permeability curves show a high residual oil saturation for all the wettability conditions. The distribution of oil-wet pores plays a significant role in the oil-water flow mechanisms even though the overall wettability of both conditions is 50–50 mixed-wet.
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Fracturing induced by disturbing stress of hydraulic fracturing is the frontier common core scientific problem of reservoir stimulation of coal bed methane and shale gas. The finite-discrete element method, numerical calculation method, is used to analyze the basic law of shear failure and tension failure of natural fractures induced by the disturbing stress of the hydraulic fracture. The simulation results show that when natural fractures and other weak structures exist on the front or both sides of hydraulic fracture, the shear stress acting on the surface of natural fracture will increase until the natural fracture failure, which is caused by the disturbing stress of hydraulic fracturing. The seepage area on the front and both sides of the hydraulic fracture did not extend to the natural fracture while the natural fracture failure occurred. It indicates that the shear failure of natural fractures is induced by the disturbing stress of hydraulic fracturing. When the hydraulic fracture propagates to the natural fracture, the hydraulic tension fracture and disturbed shear fractures are connected and penetrated. As the fluid pressure within the natural fracture surface increases, the hydraulic fracture will continue to propagate through the natural fracture. Meanwhile, due to the action of fluid pressure, a tensile stress concentration will occur at the tip of the natural fracture, which will induce the airfoil tension failure of the natural fracture. With the increase of the principal stress difference, the range of the disturbing stress area and the peak value of the disturbing stress at the front of the hydraulic fracture tip increase, as well as the shear stress acting on the natural fracture surface. During the process of hydraulic fracture approaching natural fracture, the disturbing stress is easier to induce shear failure of natural fracture. With the increase of the cohesive force of natural fracture, the ability of natural fractures to resist shear failure increases. As the hydraulic fracture approaches natural fractures, the disturbing stress is more difficult to induce shear failure of natural fracture. This study will help to reveal the formation mechanism of the fracture network during hydraulic fracturing in the natural fractures developed reservoir.
Keywords: hydraulic fracturing, stress disturbance, disturbing stress, natural fracture, tension fracturing, shear fracturing
INTRODUCTION
Hydraulic fracturing technology was first applied to the development of oil and gas wells to improve the flow capacity of fluids in oil and gas reservoirs. It is a key measure for increasing the production of oil and gas wells with broad application prospects. At present, it is also the main reservoir stimulation technology for oil and natural gas exploitation (Burrows et al., 2020; Liu et al., 2020; Zhang et al., 2020). In order to achieve sufficient gas flow rates in shale gas, tight gas, tight oil, and coalbed methane wells, it is usually necessary to perform hydraulic fracturing to improve the permeability of the reservoir. In recent years, it has been widely used in the coal industry. Significant results have been achieved in the use of hydraulic fracturing technology for hard roof control, hard top coal weakening, coal seam permeability improvement, coal and gas outburst prevention, and rock burst prevention (Huang et al., 2015; Huang et al., 2016; Huang et al., 2017).
In the process of hydraulic fracturing, with the initiation and propagation of hydraulic fractures, the magnitude and distribution of stress around the hydraulic fractures also change. It is called the “stress disturbance” effect of hydraulic fracturing, which is known as the “stress shadow” effect in the oil industry (Roegiers and Bennaceur, 1990; Cheng, 2007). The stress caused by the stress disturbance effect of hydraulic fracturing is called disturbing stress.
There are complex natural fractures in the coal seam, including joints, bedding, and cleats. These naturally developed weak structural planes together form the natural fracture network structure of the coal seam. When hydraulic fracturing is performed in the coal seam with developed natural fractures, the disturbing stress of hydraulic fracturing will induce the natural fractures breaking around the hydraulic fractures, that is, the fracturing effect induced by disturbing stress of hydraulic fracturing. The practice of hydraulic fracturing in underground coal seams with shock tendency shows that the process of hydraulic fracturing weakens the coal strength to prevent shock which may be accompanied by “coal cannon.” The position of the coal cannon is not necessarily exactly the same as the position of the hydraulic crack (Zhao, 2019) (Figure 1). It shows that the fractures formed during the hydraulic fracturing process not only include the fractures generated under the action of water pressure but also include the ruptures of natural fractures induced by the disturbing stress of hydraulic fracturing.
[image: Figure 1]FIGURE 1 | Position of “coal cannon” during hydraulic fracturing in underground coal mines.
Many studies have been done on the interaction between natural cracks and artificial cracks. Related experimental research results show that the propagation of hydraulic fractures becomes very irregular due to the interference of natural fractures. The existence of natural fracture media causes a large amount of fluid loss, which induce the main hydraulic fracture to propagate along the natural fractures (Chen et al., 2008; Yang et al., 2012; Chen et al., 2013; Hu and Ghassemi, 2021). These studies are all aimed at the object that high-pressure water drives the natural fractures to open and extend after the hydraulic fractures propagate to natural fractures and high-pressure water enters the natural fractures. There is no research involving the break of the natural fractures induced by the disturbing stress of hydraulic fracturing.
Based on the author’s previous study of the stress disturbance of hydraulic fracturing, this paper focuses on the disturbing stress of hydraulic fracturing inducing the break of natural fractures around the hydraulic fracture. The combined finite-discrete element method (FDEM) numerical calculation is utilized to analyze the basic law of shear failure and tension failure of natural fractures induced by the disturbing stress on the front and both sides of hydraulic fractures during the hydraulic fracturing process.
The fracturing induced by disturbing stress of hydraulic fracturing is a common and core scientific problem in the fracturing of coalbed methane, shale gas, and dry hot rock. The fractures caused by the disturbing stress are a component of the fracture network during fracturing in the natural fractures developed reservoir. The fractures induced by the disturbing stress and the hydraulic fractures together form a fracture network structure. Studying the fracturing effect induced by disturbing stress of hydraulic fracturing will help to reveal the formation mechanism of the fracture network during hydraulic fracturing in the natural fractures developed reservoir. The research result will provide a more comprehensive theoretical basis for determining the fracturing technology and parameters of coalbed methane and shale gas reservoirs.
FDEM NUMERICAL CALCULATION PRINCIPLE
FDEM is a numerical method originally developed by Munjiza et al. It allows dynamic simulation of the interaction between multiple objects. The simulated object can be a single complete domain or a complete domain composed of a group of discrete bodies. During the simulation process, these objects can undergo elastic deformation, translation, rotation, interaction, and fracture when the rupture criterion is met, thereby generating new discrete bodies. Then, the newly created object can move further, interact, deform, and fracture. FDEM can well simulate the transition from continuous to discontinuous behavior in rock masses. It combines the advantages of finite element method (FEM) in describing elastic deformation and the ability of discrete element method (DEM) to capture discontinuities. Finite element method (FEM) is used to deal with material deformation and the process of evaluating material failure. Discrete element method (DEM) is used to detect new contacts and deal with the translation, rotation, and interaction of discrete bodies (Munjiza et al., 1995; Munjiza and Andrews, 1998; Munjiza et al., 1999; Munjiza and Andrews, 2000; Munjiza and John, 2002). Therefore, the FDEM method can effectively realize the hydraulic fracturing simulation of coal and rock mass.
The Basic Principle of FDEM
In FDEM, the continuum is discretized into three-node triangular elements and four-node cohesive elements with no thickness initially embedded on the common side of adjacent triangular elements (Figure 2). The constant strain linear elastic triangle element is used to capture the elastic deformation of the material. The failure of the inelastic crack element is used to simulate the initiation and propagation of fractures in the continuum (Munjiza, 2004).
[image: Figure 2]FIGURE 2 | The continuum was discretized using cohesive elements interspersed throughout a mesh of triangular elements.
Control Equation
The triangular element updates the displacement and velocity of the node according to the unbalanced force of the node according to Newton’s second law. The generalized motion control equation can be expressed as follows (Lisjak and Grasselli, 2014):
[image: image]
where M and C are the system mass and damping matrix, respectively; x is the nodal displacement vector; and [image: image], [image: image], and [image: image] are the internal force, external load, and contact force, respectively. The internal force includes the elastic reaction force and the cohesive force between elements. The external nodal force is the boundary condition of the model. In order to simulate quasi-static phenomena through dynamic relaxation or nonlinear behavior, numerical damping C is used in the control equation to consider the energy dissipation of the system.
Material Damage and Failure Modes
Nonlinear fracture mechanics is used to simulate the failure process of materials. When the stress in the front area of the fracture tip reaches the tensile strength of the material, a fracture process zone is formed at the front of the fracture tip (FPZ) (Figure 3A). The material force in this region exhibits nonlinear behavior. Although the material in the fracture process zone FPZ has been damaged, it can still transmit the load to the fracture wall (Lisjak et al., 2017). In FDEM, assuming that the fracture surface coincides with the edge of the triangular element, the fracture process zone is characterized by the four-node bond fracture element (Figure 3B).
[image: Figure 3]FIGURE 3 | (A) Fracture process zone (FPZ) and (B) Numerical characterization in FDEM.
According to the local stress and deformation fields, the fracture unit will yield and fail. There are three failure modes, namely, Mode I tensile failure, Mode II shear failure, and mixed Mode I-II composite failure (Geomechanica Inc, 2018; Liu et al., 2018) (Figure 4).
(1) Mode I tensile failure: before the fracture initiates, the stress at the fracture tip has a linear relationship with the opening between the two triangular elements. When the opening [image: image] between the two triangular elements reaches the critical value [image: image], the Mode I fracture initiates and begins to propagate. The opening [image: image] when the Mode I fracture opens and initiates is related to the inherent tensile strength of the unit. After the fracture initiates, the normal cohesive force between the triangular elements will not disappear immediately, but will gradually decrease with the increase of the fracture opening. When the opening reaches the residual value [image: image], the normal cohesive force between the elements drops to zero, resulting in a stress-free surface, which is the real fracture surface (Figure 4A).
(2) Mode Ⅱ shear failure: the tangential cohesive force between triangular elements is a function of slip distance and normal stress (Figure 4B). When the tangential slip distance [image: image] between the fracture units reaches the critical value [image: image], the Mode II fracture initiates and begins to propagate. The slip distance [image: image] when the Mode Ⅱ fracture slips and initiates is related to the inherent tensile strength [image: image] of the element:
[image: image]
where [image: image] is the cohesive force; [image: image] is the friction angle; and [image: image] is the normal stress acting on the fracture element.
[image: Figure 4]FIGURE 4 | The failure modes in FDEM. (A) Mode I tensile failure; (B) Mode II shear failure; (C) mixed Mode I-II failure.
When the fracture slip distance is greater than the critical slip distance [image: image], the tangential stress between the triangular elements gradually decreases to the residual value [image: image]. At this time, the shear fracture surface is formed, and the shear stress is equal to the net frictional resistance:
[image: image]
where [image: image] is the residual friction angle.
(3) Mixed Mode I-II failure: in addition to pure tension failure and pure shear failure, the fracture unit will also have a mixed failure of two failure modes. Therefore, the coupling failure criterion of Mode I tensile failure and Mode II shear failure is defined (Figure 4C):
[image: image]
where [image: image] is the opening distance and [image: image] is the slipping distance.
The residual opening distance [image: image] and the residual sliding distance [image: image] depend on the Mode I energy release rate [image: image] and the Mode II energy release rate [image: image]:
[image: image]
[image: image]
The Hydraulic-Mechanical Coupling Principle in FDEM
When FDEM is used to simulate hydraulic fracturing, fluid pressure is applied at the injection node. The nodal force as the external load is calculated by Eq. 1. After hydraulic fracturing, a fluid flow channel is created through the interface between adjacent triangular finite elements. The Darcy’s law and parallel plate cube law are utilized to calculate the fluid flow process in the flow channel. The fluid pressure at the nodes of the fracture network is updated to drive the continuous propagation of the fractures (Labuz et al., 1985; Liu et al., 2018).
The hydraulic-mechanical coupling analysis in FDEM adopts a two-way explicit coupling analysis method. Iterative sequential solution is performed through data exchange between the mechanical solver and the hydraulic solver. The calculation of the mechanical field is affected by the fluid pressure between the internal cells. Meanwhile, due to the deformation and destruction of the solid, the calculation of the fluid field is affected by the opening between the finite elements.
FDEM NUMERICAL MODEL DESIGN
The disturbing stress concentration areas in the process of hydraulic fracture propagation are mainly distributed in the front of the fracture tip and on both sides of the main fracture. Therefore, two situations will be analyzed by two cases. Case 1 is the opening and propagation of natural fractures in front of the hydraulic fractures tip induced by disturbing stress. Case 2 is the opening and propagation of natural fractures on both sides of the hydraulic fractures induced by disturbing stress. The size of the numerical model is 60 m × 60 m.
Case 1: Disturbing Stress at the Front of Hydraulic Fractures Induces Natural Fractures to Open and Propagate
Numerical Model
An inclined natural fracture is set up in the direction of hydraulic fracture propagation in case 1. The length of the natural fracture is 23 m, and the distance from the hydraulic fracturing injection point is 27 m. When the hydraulic fractures are approaching natural fractures, the failure process of natural fractures induced by the disturbing stress at the front of the hydraulic fracture tip will be analyzed (Figure 5).
[image: Figure 5]FIGURE 5 | Numerical model for case 1. (A) Geometry model; (B) meshing.
Simulation Scheme and Parameter Setting
The numerical simulation scheme of case 1 is shown in Table 1. The influence of principal stress difference and natural fracture cohesion on the failure of natural fractures in the process of hydraulic fracture approaching natural fracture will be mainly studied. The fluid bulk modulus is 5 × 107 Pa, and the kinematic viscosity is 1.004 × 10–6 m2/s. The pump rate is 0.3 L/s. The input parameters of the model are shown in Table 2.
TABLE 1 | Numerical simulation program for case 1.
[image: Table 1]TABLE 2 | The input parameter for FDEM model for case 1.
[image: Table 2]Case 2: Disturbing Stress on Both Sides of Hydraulic Fractures Induces Natural Fractures to Open and Propagate
Numerical Model
Two inclined natural fractures are set up on both sides of the hydraulic fracture propagation direction, respectively, in case 2. The length of the natural fracture is 5.6 m, and the distance from the hydraulic fracturing injection point is 6 m (Figure 6). The failure laws of natural fractures under the action of the disturbing stress on both sides of the hydraulic fractures will be analyzed.
[image: Figure 6]FIGURE 6 | Numerical model for case 2. (A) Geometry model; (B) meshing.
Simulation Scheme and Parameter Setting
The stress field loading of case 2 is [image: image] = 12.5 MPa and [image: image] = 5.0 MPa, respectively. The fluid bulk modulus is 5 × 107 Pa. The kinematic viscosity is 1.004 × 10–6 m2/s. The pump rate is 0.5 L/s. The input parameters of the model are the same as in case 1 (Table 2).
DISTURBING STRESS AT THE FRONT OF HYDRAULIC FRACTURES INDUCES NATURAL FRACTURES TO OPEN AND PROPAGATE
The Failure Law of Natural Fractures in the Process of Hydraulic Fractures Approaching
The fracture shape and the distribution of fluid pressure, vertical stress, and shear stress in the process of hydraulic fracture approaching natural fracture are shown in Figure 7. When the injection time is 0.387 s, the peak water pressure in the hydraulic fracture is 8.1 MPa, the propagation length of the hydraulic fracture is 10.32 m, and the distance between the hydraulic fracture tip and the natural fracture is 10.05 m. At this time, the maximum vertical stress acting on the surface of the natural fracture is 14.2953 MPa, and the maximum shear stress is 1.05 MPa, both of which are located at the tip of the natural fracture (Figure 7A).
[image: Figure 7]FIGURE 7 | The distribution of fluid pressure, vertical stress, and shearing stress during hydraulic fractures propagation. (A) t = 0.387 s; (B) t = 0.430 s; (C) t = 0.882 s; (D) t = 1.462 s; (E) t = 1.634 s; (F) t = 3.354 s.
With the approach of hydraulic fractures, the shear stress acting on the natural fracture surface gradually increases. When the injection time is 0.430 s, the peak water pressure in the hydraulic fracture is 7.3 MPa, the propagation length of the hydraulic fracture is 11.18 m, and the distance between the hydraulic fracture tip and the natural fracture is 8.31 m. At this time, shear failure appears at the natural fracture. The maximum vertical stress acting on the natural fracture surface is 14.2967 MPa, and the maximum shear stress is 1.08 MPa, both of which are located at the shear fracturing (Figure 7B).
When shear failure appears at the natural fracture, the hydraulic fracture tip and frontier water seepage area have not propagated to the natural fractures, which indicates that the shear failure of natural fractures is not induced by water pressure, but the disturbing stress induced by the propagation of hydraulic fractures. That is, the disturbing stress at the front of the hydraulic fracture tip induces shear failure of the natural fracture.
With the hydraulic fracture tip gradually approaching the natural fracture, the shear stress on the natural fracture surface further increases and shear failure continues to occur. When the injection time is 0.882 s, the tip of the hydraulic fracture propagates to the natural fracture and connects with the natural fracture. Shear failure occurred at the junction of natural fractures and hydraulic fractures. At this time, the peak water pressure in the fracture is 7.1 MPa; the maximum vertical stress on the natural fracture surface is 14.50 MPa. The maximum shear stress is 1.74 MPa (Figure 7C).
After the hydraulic fracture is connected with the natural fracture, the water pressure gradually fills the natural fracture, which causes the water pressure acting on the surface of the natural fracture to gradually rise. When the injection time is 1.462 s, the hydraulic fracture propagates through the natural fracture. At this time, the peak water pressure in the fracture is 7.2 MPa, the maximum vertical stress on the natural fracture surface is 16.82 MPa, and the maximum shear stress is 2.73 MPa (Figure 7D).
When the injection time is 1.634 s, the airfoil tension failure occurs in the natural fracture. At this time, the peak water pressure in the fracture is 8.5 MPa, the maximum vertical stress on the natural fracture surface is 18.14 MPa, and the maximum shear stress is 3.60 MPa. After the hydraulic fracture propagates through the natural fracture, as the water pressure in the natural fracture increases, tensile stress concentration tends to occur at the tip of natural fracture. When the tensile stress reaches the tensile strength, the natural fracture will undergo airfoil tension failure (Figure 7E). As the pumping injection continues, hydraulic fracture and airfoil fractures of natural fracture alternately propagate (Figure 7F).
During the hydraulic fractures propagation, the front area of the hydraulic fracture tip is squeezed along the fracture propagation direction, resulting in a compressive stress concentration zone, that is, a disturbing stress area. When there are weak structures such as natural fractures in the propagation direction of hydraulic fractures, the disturbing stress generated by hydraulic fracturing will increase the shear stress of the natural fracture surface. It will induce shear failure of the natural fractures, that is, the fracturing effect induced by disturbing stress of hydraulic fracturing. With the propagation of hydraulic fractures, the disturbing stress on natural fractures gradually increases (Figure 8A). The shear stress also gradually increases (Figure 8B), and the range of shear failure of natural fractures increases accordingly. When the hydraulic fracture propagates to a natural fracture, the hydraulic tension fracture and the disturbed shear fracture will be connected.
[image: Figure 8]FIGURE 8 | The stress peaks of natural fracture during hydraulic fracturing. (A) Vertical stress peak; (B) shear stress peak.
In the process of hydraulic fractures approaching natural fractures, the failure mode of natural fractures includes both shear failure and tensile failure. Because the disturbance range of matrix stress during hydraulic fracturing is larger than the range of water seepage (disturbance range of pore pressure), the shear failure of natural fractures occurs before hydraulic fractures and pressure water seepage area propagates to natural fractures. Therefore, the reason for the shear failure of natural fractures is that the disturbing stress of hydraulic fracturing causes the shear stress acting on the natural fractures to increase. When the hydraulic fractures propagate to natural fractures, the water pressure gradually fills up the natural fractures. With the increase of water pressure in natural fractures, due to the existence of water wedge effect, tensile stress concentration is generated at the tip of natural fracture, which eventually induces the airfoil tensile failure and propagation of natural fracture. Therefore, the tensile failure of natural fractures is caused by the action of fluid pressure. As the natural fractures are filled with water pressure, the failure mode of natural fractures changes from shear failure to tensile failure.
Influencing Factors
The Influence of Principal Stress Difference
The hydraulic fracture propagation process and the distribution of fluid pressure, vertical stress, and shear stress under different principal stress differences are shown in Figure 9. When the principal stress difference is 7.5 MPa, shear failure of the natural fracture appears at t = 0.387 s. When the natural fracture occurs for the first time, the hydraulic fracture has not yet propagated to the natural fracture. At this time, the peak water pressure in the fracture is 7.3 MPa. The propagation length of the hydraulic fracture is 11.18 m. The distance between the hydraulic fracture tip and the natural fracture is 8.31 m. The maximum vertical stress on the natural fracture surface is 14.2967 MPa, and the maximum shear stress is 1.08 MPa, both of which are located at the shear fracturing (Figure 9A). Afterward, with the increase of water pressure in the fracture, the hydraulic fracture first passes through the natural fracture and continues to propagate. Then, airfoil failure occurs at the natural fracture. When airfoil propagation occurs in the natural fracture, the peak water pressure in the fracture is 8.5 MPa. The maximum vertical stress on the natural fracture surface is 18.14 MPa, and the maximum shear stress is 3.60 MPa (Figure 9B).
[image: Figure 9]FIGURE 9 | The distribution of fluid pressure, vertical stress, and shearing stress during hydraulic fractures propagation under different principal stress differences. (A) First failure of natural fractures; (B) airfoil propagation of natural fractures.
When the principal stress difference is 5.0 MPa, shear failure occurs at the natural fracture after the hydraulic fracture propagates to the natural fracture. At this time, the peak water pressure in the fracture is 9.4 MPa. The maximum vertical stress on the natural fracture surface is 14.32 MPa, and the maximum shear stress is 1.58 MPa (Figure 9A). Since then, as the pumping injection continues, the hydraulic fractures first pass through the natural fractures and continue to propagate, and then airfoil failure occurs at the natural fractures. When the airfoil propagation of the natural fracture occurs, the peak water pressure in the fracture is 11.0 MPa. The maximum vertical stress on the natural fracture surface is 17.97 MPa, and the maximum shear stress is 3.49 MPa (Figure 9B).
When the principal stress difference is 2.5 MPa, both shear and tensile failures occurs at the natural fracture after the hydraulic fracture propagates to the natural fracture. At this time, the peak water pressure in the fracture is 12.0 MPa, the maximum vertical stress on the natural fracture surface is 14.10 MPa, and the maximum shear stress is 1.41 MPa (Figure 9A). When the hydraulic fracture is connected to the natural fracture, due to the high water pressure in the fracture, the tensile stress at the fracture tip is relatively large so that the tensile failure and shear failure occur at natural fracture simultaneously. After that, as the pumping injection continued, airfoil failure occurs at the natural fractures. The hydraulic fractures did not propagate through the natural fractures. When airfoil crack propagates, the peak water pressure in the fracture is 14.0 MPa. The maximum vertical stress on the natural fracture surface is 17.00 MPa, and the maximum shear stress is 2.90 MPa (Figure 9B).
With the increase of the principal stress difference, the range and peak value of the disturbing stress in the front of the hydraulic fracture tip increase (Figure 10A), and the shear stress on the natural fracture surface also increases accordingly (Figure 10B). In the process of hydraulic fractures approaching natural fractures, the more easily the disturbing stress induces shear failure of natural fractures. On the other hand, as the principal stress difference decreases, the water pressure in the fracture rises accordingly. The tensile stress at the tip of the hydraulic fracture becomes larger. When the hydraulic fracture and the natural fracture are connected, natural cracks will also undergo tensile failure while shearing failure occurs. At the same time, the reduction of the principal stress difference leads to an increase in the ability of coal and rock mass to resist tensile failure during the hydraulic fracturing. After the hydraulic fracture propagates to the natural fracture, the ability to pass through the natural fracture is reduced. When the principal stress difference increases to a certain degree, after the hydraulic fracture propagates to the natural fracture, it will not pass through the natural fracture, but will undergo airfoil propagation along the natural fracture.
[image: Figure 10]FIGURE 10 | The relationship between the vertical stress peak of natural fracture and the difference of principal stress during hydraulic fracturing. (A) Vertical stress peak; (B) shear stress peak.
The Influence of Natural Fracture Cohesion
The hydraulic fracture propagation process and the distribution of fluid pressure, vertical stress, and shear stress under different natural fracture cohesions are shown in Figure 11. When the cohesion of a natural fracture is 1.0 MPa, shear failure of the natural fracture occurs at t = 0.387 s. When the natural fracture occurs for the first time, the hydraulic fracture has not yet propagated to the natural fracture. At this time, the peak water pressure in the fracture is 7.3 MPa. The propagation length of the hydraulic fracture is 11.18 m, and the distance between the hydraulic fracture tip and the natural fracture is 8.31 m. The maximum vertical stress on the natural fracture surface is 14.2967 MPa, and the maximum shear stress is 1.08 MPa, both of which are located at the shear fracturing (Figure 11A). Afterward, with the increase of water pressure in the fracture, the hydraulic fracture first passes through the natural fracture and continues to propagate, and then the airfoil failure occurs at natural fracture. When the airfoil propagation of the natural fracture occurs, the peak water pressure in the fracture is 8.5 MPa. The maximum vertical stress on the natural fracture surface is 18.14 MPa, and the maximum shear stress is 3.60 MPa (Figure 11B).
[image: Figure 11]FIGURE 11 | The distribution of fluid pressure, vertical stress, and shearing stress during hydraulic fractures propagation under different cohesive of natural fracture. (A) First failure of natural fractures; (B) airfoil propagation of natural fractures.
When the cohesion of the natural fracture is 1.5 MPa, the shear failure of natural fracture occurs at t = 0.667 s. When the natural fracture occurs for the first time, the hydraulic fracture has not yet propagated to the natural fracture. At this time, the peak water pressure in the fracture is 8.5 MPa. The propagation length of hydraulic fracture is 18.72 m, and the distance between the tip of hydraulic fracture and the natural fracture is 3.83 m. The maximum vertical stress on the natural fracture surface is 14.54 MPa, and the maximum shear stress is 1.59 MPa, both of which are located at the shear fracturing (Figure 11A). As the cohesion of natural fractures increases, the ability of natural fractures resisting shear failure increases accordingly. After the hydraulic fracture is connected with the natural fracture, with the increase of the water pressure in the fracture, there will be both shear failure and tension failure in the natural fracture, and shear fracture dominates. After that, the hydraulic fractures first pass through the natural fractures and continue to propagate, and then airfoil failure occurs at natural fracture. When the airfoil propagation of the natural fracture occurs, the peak water pressure in the fracture is 8.5 MPa. The maximum vertical stress on the natural fracture surface is 18.48 MPa, and the maximum shear stress is 3.60 MPa (Figure 11B).
When the cohesion of natural fractures is 2.0 MPa, the shear failure of natural fracture occurs at 0.925 s. When the natural fracture occurs for the first time, the hydraulic fracture has not yet propagated to the natural fracture. At this time, the peak water pressure in the fracture is 6.5 MPa, the maximum vertical stress on the natural fracture surface is 14.48 MPa, and the maximum shear stress is 1.28 MPa (Figure 11A). With the increase of water pressure in natural fractures, the hydraulic fracture propagates through the natural fractures, and then the natural fractures develop airfoil propagation. When airfoil propagation of natural fractures occurs, the peak water pressure in the fracture is 8.4 MPa. The maximum vertical stress on the natural fracture surface is 18.38 MPa, and the maximum shear stress is 3.60 MPa (Figure 11B).
As the cohesion of natural fractures increases, the ability of natural fractures to resist shear failure increases. In the process of hydraulic fractures approaching natural fractures, the less likely it is for disturbing stress to induce shear failure of natural fractures. With the increase of cohesion of natural fractures, when the disturbing stress of hydraulic fracturing induces the initial shear failure of natural fractures, the distance between the hydraulic fracture tip and the natural fracture is smaller (Figure 12). When the hydraulic fracture is connected with the natural fracture, the water pressure enters the natural fracture. Tension failure occurs at the same time as shear failure of natural fractures occurs. Besides, the area of natural fractures where shear failure occurs gradually decreases.
[image: Figure 12]FIGURE 12 | The relationship between the distance from the HF tip to NF and the cohesive of NF during the NF initiation.
In addition, the pumping rate, the shear angle of the natural fracture, the approach angle of the hydraulic fracture, and the natural fracture will also affect the process of natural fracture failure induced by the disturbing stress of hydraulic fracturing. Therefore, when hydraulic fracturing is performed in the reservoir with natural fractures developed, whether the natural fractures in front of hydraulic fractures occurs shear failure under the action of the disturbing stress of hydraulic fracturing is mainly determined by the disturbing stress field of the hydraulic fracturing and the shear strength parameters of the natural fracture.
DISTURBING STRESS ON BOTH SIDES OF HYDRAULIC FRACTURE INDUCES SHEAR FAILURE OF NATURAL FRACTURE
The failure process of natural fractures on both sides of hydraulic fracture and the distribution of fluid pressure, vertical stress, and shear stress are shown in Figure 13. At the pumping injection time of 0.645 s, the peak water pressure in the fracture is 7.0 MPa, and a compressive stress concentration occurs at the tip of the natural fracture. The peak horizontal stress in the tip area of the natural fracture on the left side of the hydraulic fracture is 8.77 MPa, the peak vertical stress is 25.73 MPa, and the peak shear stress is 5.75 MPa. The peak horizontal stress at the tip of the natural fracture on the right side of the hydraulic fracture is 8.80 MPa, the peak vertical stress is 26.85 MPa, and the peak shear stress is 6.28 MPa. The natural fracture surface is the compressive stress reduction zone (Figure 13A).
[image: Figure 13]FIGURE 13 | The fracturing process of natural fracture and distribution of fluid pressure, horizontal stress, and shearing stress during hydraulic fractures propagation. (A) t = 0.645 s; (B) t = 1.075 s; (C) t = 1.892 s; (D) t = 3.591 s.
With the propagation of hydraulic fractures, the shear stress on the natural fracture surface gradually increases. At the pumping injection time of 1.075 s, shear failure occurs at the natural fracture on the left side of the hydraulic fracture. At this time, the peak water pressure in the fracture is 8.3 MPa, the peak horizontal stress at the tip of the natural fracture on the left side of the hydraulic fracture is 11.94 MPa, the peak vertical stress is 26.70 MPa, and the peak shear stress is 7.26 MPa. The peak horizontal stress at the tip of the natural fracture on the right side of the hydraulic fracture is 12.47 MPa, the peak vertical stress is 27.63 MPa, and the peak shear stress is 6.06 MPa. The shear stress at the shear failure area of the natural fracture on the left is 2.49 MPa (Figure 13B).
With the further propagation of hydraulic fractures, shear failure occurs at the natural fractures on the right side of the hydraulic fractures at the pumping injection time of 1.892 s. At this time, the peak water pressure in the fracture is 8.0 MPa, the peak horizontal stress at the tip of the natural fracture on the left side of the hydraulic fracture is 12.15 MPa, the peak vertical stress is 27.71 MPa, and the peak shear stress is 5.98 MPa. The peak horizontal stress at the tip of the natural fracture on the right side of the hydraulic fracture is 13.34 MPa, the peak vertical stress is 28.64 MPa, and the peak shear stress is 6.22 MPa. The shear stress at the shear failure area of the natural fracture on the right is 2.58 MPa (Figure 13C). After shear failure occurs at the natural fractures on both sides of the hydraulic fracture, as the hydraulic fractures propagate, the shear failure area of the natural fractures on both sides will further expand (Figure 13D).
During the shear failure of natural fractures, the seepage area on both sides of hydraulic fractures did not propagate to the natural fractures. It indicates that the shear failure of natural fractures is induced by the disturbing stress of hydraulic fracturing. During the propagation of hydraulic fractures, there will be compressive stress concentration areas on both sides of the hydraulic fractures, that is, disturbing stress area. When natural fractures exist on both sides of hydraulic fractures, the disturbing stress generated by hydraulic fracturing will increase the shear stress of the natural fracture surface. When the shear stress reaches the shear strength of the natural fracture, the disturbing stress of hydraulic fracturing induces shear failure of the natural fracture.
CONCLUSION

(1) When natural fractures and other weak structures exist on the front or both sides of hydraulic fracture, the shear stress acting on the surface of natural fracture will increase until the natural fracture failure, which is caused by the disturbing stress of hydraulic fracturing.
(2) The seepage area on the front and both sides of hydraulic fracture did not extend to the natural fracture while the natural fracture failure occurred. It indicates that the shear failure of natural fractures is induced by the disturbing stress of hydraulic fracturing.
(3) When the hydraulic fracture propagates to the natural fracture, the hydraulic tension fracture and disturbed shear fractures are connected and penetrated. As the fluid pressure within the natural fracture surface increases, the hydraulic fracture will continue to propagate through the natural fracture. Meanwhile, due to the action of fluid pressure, a tensile stress concentration will occur at the tip of the natural fracture, which will induce the airfoil tension failure of the natural fracture.
(4) With the increase of the principal stress difference, the range of the disturbing stress area and the peak value of the disturbing stress at the front of the hydraulic fracture tip increase, as well as the shear stress acting on the natural fracture surface. During the process of hydraulic fracture approaching natural fracture, the disturbing stress is easier to induce shear failure of natural fracture.
(5) With the increase of the cohesive force of natural fracture, the ability of natural fractures to resist shear failure increases. As the hydraulic fracture approaches natural fractures, the disturbing stress is more difficult to induce shear failure of natural fracture.
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Deformation bands are widely formed and distributed in Triassic high-porous rocks as a result of multistage tectonic movement. In this research, core observation, the rock thin section (fluorescence and casting thin section), FIB-SEM, X-ray diffraction, Raman laser, and thermometry of fluid inclusions were employed to describe the macro- and micro characteristics of deformation bands and their associated relationship with microfractures. Results indicate that the main types of deformation bands formed in the Lunnan Triassic high-porosity sandstone during the Yanshanian and Himalayan periods under different temperature and pressure conditions are compaction shear bands, and their quantity increases evidently with the distance of thrust faults. The density of deformation bands near the fault is about 15/m; porosity and permeability decrease sharply compared with those of the host rock. Microscopically, two obtained fluid-inclusion planes (FIPs) can be distinguished as 51 samples collected from 12 wells by the cutting relationship and mechanical characteristics. The homogenization temperature of associated aqueous inclusion is generally characterized by two peaks, mainly 70–80°C and 110–120°C, which were formed in the Late Yanshanian and Late Himalayan periods. The formation period of deformation bands induced by the intragranular microfractures improved the reservoir seepage capacity. In the later stage, as the interlayer and barrier with low porosity and low permeability affects the distribution of oil and gas, which is an important factor in this study of the local fluid dynamic field and high-quality reservoir evolution distribution.
Keywords: deformation band, FIP, homogenization temperature, fault seal, reservoir characteristics, Tarim basin
INTRODUCTION
In general, fault zone structures with different lithology properties caused by various tectonic movements are significantly different (Fossen et al., 2007; Fossen et al., 2018). High-porous rocks fail to develop fractures during the deformation process; instead, the mineral particles are rolled, rearranged, and even broken by tectonic stress, and then the fault zone was formed (Fossen and Bale, 2007; Schultz and Fossen, 2008; Ballas et al., 2014; Pei et al., 2015; Philit et al., 2018). Deformation band is a kind of brittle-ductile sub-seismic deformation structure that develops particularly in consolidated or semi-consolidated high-porosity rocks, which is the intuitive response of the host rock to the velocities and displacements imposed by tectonic movements, and the direction, distribution, and types of deformation bands developed by specific boundary conditions and tectonic structures have certain regularity (Fossen et al., 2007; Philit et al., 2018). Factors affecting the deformation mechanism and the resulting type of the deformation zone include not only the rock composition, grain size, shape, sorting, and initial porosity of the host rock but also the atmospheric conditions of temperature and pressure. Fossen classified deformation bands into disaggregation band, phyllosilicate band, cataclastic band, and solution-cementation band according to the combining mineralogical characteristics, cementation degree, porosity, and stress state of deformation bands (Exner et al., 2013; Soliva et al., 2013; Pei et al., 2015; Bossennec et al., 2018; Fossen et al., 2018). It can also be divided into dilatation band, shear band, and compaction band according to the type of stress; the most common type is the compaction shear band (CSB) formed by both shear and compaction (Fossen et al., 2018). Deformation band reduces permeability by up to 6 orders of magnitude compared to that of the host rock (Fisher and Knipe, 2001). The deformation band cluster is effective in sealing approximately the 140 m height of the oil column under experimental conditions (Torabi and Fossen, 2009; TorabiBraathen et al., 2013). The variability of its inherent physical properties affects the migration and preservation of hydrocarbons to a certain extent, and its distribution rules and relevant characteristics are influential scientific issues for reservoir inhomogeneity and exploration prediction in petroliferous basins.
The fluid-inclusion plane (FIP) is an assemblage of fluid inclusions capturing paleo-fluids during the healing process which are linearly arranged in the microfractures of mineral grains caused by tectonic movement (Onasch, 1990; Anders and Wiltschko, 1994; Boullier, 1999; Anders et al., 2014). Although the solubility of silica is low, rehearing of microfractures is probably rapid because surface areas for silica dissolution and precipitation are large, and bridging of microfracture walls should occur readily (Parnell et al., 2001; Laubach et al., 2010; Lander and Laubach, 2014). Notably, the mechanical direction and feature of the tectonic motion can be preserved as the quartz grains have anisotropic homogeneous mechanical properties, and the homogeneous temperature of fluid inclusions in the healing microfracture can reflect the formulation time. Thus, FIP can be used as an indicator of paleo stress direction, paleo temperature, and geochemistry in various tectonic contexts, revealing the composition and migration of paleo fluids, which is significantly necessary for the research of tectonic motion (Anders and Wiltschko, 1994; Boullier, 1999; Anders et al., 2013; Hooker et al., 2018; Miao et al., 2020).
The development of deformation bands in the study area has not been reported in previous studies. Mesozoic Triassic located at the Lunnan uplift is an important petroliferous horizon in the northeast of the Tarim Basin, characterized by large burial depths and high-quality reservoir properties, as well as multiple periods of strong tectonic movements controlling the migration and preservation of hydrocarbons. Thus, the Triassic sandstone of the Lunnan uplift provides a typical case for the developmental characteristics of deformation bands in a deep burial environment and investigation of the influence on fluid flow.
The objectives of our study include 1) investigation of the characteristics of different deformation bands formed in deep burial environments through cores 2) and determination of the formation time and geological significance of the FIP characteristics simultaneously formed with different deformation bands.
GEOLOGICAL SETTING
Location and Structural Evolution of the Lunnan Uplift
The Tarim Basin is the largest petroliferous onshore basin in China, with an area of 560,000 km2 (Yang et al., 2007; Miao et al., 2018). The Lunnan uplift is located at the central east of the Tabei uplift in the Tarim Basin, and it belongs to a secondary-order sub-tectonic unit of the Tabei uplift. The northern side is bounded by the Luntai fault, and the southern edges, by the Manjiaer depression, with an area of 4,420 km2 (Figure 1). During the evolution process from marine to onshore facies, the tectonic stress field undergoes multiple tension-extrusion transitions and led to the formation of the present large nose structure of the Lunnan uplift, which is the highest part located at the north side of the Lunan fault horst belt and dips to the southwest (Zhang et al., 2011; Zhang et al., 2012; Su et al., 2013).
[image: Figure 1]FIGURE 1 | (A) Simplified structural map of the Lunnan uplift and the study area. The study area has two fault horst belts and the intermediate areas. The location of the study area is colored in gray. The regional boundary is shown as a dotted line. (B) Stratigraphy and lithology sections of LN3 well located at the Lunnan fault horst belt. (C) The oil and gas accumulation model in the study area from the northeast to southwest (Yang et al., 2007). O, Ordovician; C, Carboniferous; T, Triassic; J, Jurassic; K, Cretaceous.
The evolution of the Lunnan uplift can be divided into the Late Caledonian–Early Hercynian initial formation phase, the Late Hercynian–Indosinian definitive period with strong extrusion and lifting, the tectonic inversion period of the Late Yanshan–Early Himalayan, and the ultimately definitive period of the Himalayan (Yang et al., 2007; Zhang et al., 2011; Zhang et al., 2012).
A total of four major fault systems have developed in the Triassic (Zhang et al., 2011; Zhao et al., 2012; Su et al., 2013): the Late Caledonian NNE–SSW–oriented left strike-slip faults, in which two groups of faults in the east and west of the Lunnan area are formed; the Late Hercynian left-slip shear conjugate faults, which are mainly distributed in the south and east of Lunnan; the Indosinian–Yanshanian growth faults, which are formed in the Lunnan and Sangtamu fault horst belt; and the Late Himalayan left-slip en-echelon faults, which are mainly distributed in the south of the study area (Figure 2).
[image: Figure 2]FIGURE 2 | Sketch of the fault system of the Triassic strata in the study area. The principal faults formed in different periods are highlighted by different colors. The wells marked in the figure are the selected sampling wells in this research.
Characteristics of Petroleum Geology
The Lunnan uplift of the Triassic is related to Jurassic, Carboniferous, and Ordovician regional unconformity. Sedimentary was affected by the Luntai fault growth due to the large difference of elevation between the hanging wall and the footwall (Yang et al., 2007). Several sets of fan-braided deltaic sandstones are characterized by the decreasing percent of conglomerates and water-flow energy, which are developed from the north to south along the footwall. The profile suggests three sets of fining-upward positive cycles. These sandstones are deeply buried to a depth of 4.2–5.4 km and divided into three oil groups by a development program; total thickness approaches 80∼200 m (Figure 1B). The II oil group is not developed in the southern part of the study area; the planar distribution and vertical variation of the I and III oil groups are stabilized.
The Lunnan Triassic is the most important oil and gas development layer in the Mesozoic. The early formed faults were reactivated by the late tectonic effects, and the Paleozoic oil and gas migrated through the faults and accumulated in the structural culmination of the Lunnan and Sangtamu fault horst belt and formed Mesozoic secondary oil and gas reservoirs subsequently (Sun and Li, 2004; Yang et al., 2007; Zhang et al., 2012; Sun et al., 2018). And most of the traps are anticlines with oil and gas–water boundaries and area controlled by tectonic lines, with typical features of high abundance and wide range (Figure 1C).
METHODS
A total of 51 samples collected from 15 wells are investigated in this study, which are taken from a depth ranging from 4,369 m to 4,824 m located at different tectonic units and large-scale fault systems. Core physical data and the distribution of the Triassic fault in the Lunnan uplift were obtained from the China National Petroleum Tarim Oilfield E&P Research Institute. All experiments involved in this study were carried out at the Key laboratory of deep oil and gas, China University of Petroleum (East China), China.
Petrology Analysis
A total of 37 samples were prepared and processed as standard 30-μm-thick thin sections filled with blue resin from representative deformation bands and host rocks. With the utilization of the polarizing microscope, textures, rock and mineral composition, diagenesis, pore types, and visual porosity can be analyzed.
X-ray diffraction (XRD) analysis of whole-rock samples and quantitative clay minerals was performed on 45 core samples to identify species and contents of major minerals and relative contents of different clay minerals.
Microstructural Analysis
In order to observe the characteristics of grain crushing and authigenic minerals developed in deformation bands, 37 representative core samples (from the main reservoir sandstone of key wells with hydrocarbon) were coated with gold and examined with a Hitachi S-4800 scanning electron microscope (SEM) equipped with a Bruker Quantax 100 energy-dispersive X-ray spectroscope (EDX). Cathodoluminescence (CL) analyses of 20 typical core samples, in which physical properties and oil-bearing properties significantly decreased compared with that of host rocks, were completed using an Olympus microscope equipped with a CL8200-MKS CL instrument.
Fluid Inclusion Analysis
As for fluid inclusions (FI), 51 core samples were selected to record the petrographic characteristics including distribution, size, shape, phase, number, and color in transmitted and ultraviolet light. Petrographic studies were carried out using a Nikon 80I dual-channel fluorescence microscope equipped with transmitted and reflected light. Fluorescence quantification of hydrocarbon inclusions during UV excitation was performed using a Maya 2000 Pro spectrometer.
The composition of fluid inclusions from 9 samples of deformation bands and host rocks on the perimeter was detected using a Renishaw RM2000 laser Raman spectrometer, and the experimental results were analyzed by Labspec5 software. A source power of 5 mW and an argon ion laser with the wavelength of 514 nm are used for the detection. The charge-coupled device area is 20 μm2, and the accumulation time is 30 s for each scan. The spectral range falls between 100 and 4,000 cm−1 for the analysis of the vapor and liquid phases.
Microthermal measurements of fluid inclusions were performed using a calibrated Linkam THMS600 cooling-heating stage. A thermal cycling method was used to determine the homogenization temperature (Th) of the fluid inclusions (Goldstein and Reynolds, 1994). When the initial heating rate was set as 15°C/min, switching to 5°C/min when the two-phase liquid vapor was homogenized to a single-phase liquid or gas, the measurement accuracy was estimated to be ±0.1°C.
RESULTS
Host Rock
The Triassic reservoirs consist of conglomerates and coarse sandstones in the Lunnan uplift, both are mainly fan-braided deltaic deposits (Figure 3B). Detrital quartz, feldspar with plagioclase, and K-feldspar are the major types of rock grains, clay, and cement in the pores, accounting for 30–45 vol%, 15–29 vol%, 29–42 vol%, less than 5 vol%, and less than 7 vol%, respectively (Figure 3D). Sandstones are of relatively low compositional maturity and low textural maturity, controlled by the provenance and sedimentary facies. The feldspar content shows an increasing trend with the increasing grain size. The grain shape ranges from angular to sub-angular. The primary intragranular pore is the main pore type. The types of grain contacts are dominated by point-contact and line-contact. According to the division standard of the diagenetic phase, the Triassic falls in the B stage of the early phase (Zhang et al., 2012).
[image: Figure 3]FIGURE 3 | (A) Ternary diagram showing the framework grain composition of the study area sandstones, plotted on the Folk (1968) diagram (Folk and Ward, 1957). F, feldspar; L, lithic grains; Q, quartz. (B) Grain size distributions of sandstones in the Lunnan area. (C) Core-measured porosity versus core permeability cross-plots at 56 mPa (8,145 psi) net confining stress for sandstones in the Lunnan area. (D) X-ray diffraction data of sandstones in the Lunnan area.
The rock porosity and permeability under net overburden pressure in line with conventional reservoir conditions indicate that porosity ranges from 12 to 26 vol%, and permeability ranges from 0.6 to 1,000 mD (Figure 3C). The high permeability is mainly attributed to the primary intragranular pore dominating the pore systems, observed by petrography and SEM studies.
Core Observations
The Triassic was continuously subjected to regional intensive compression and associated shearing at different directions during the Late Hercynian, Indosinian–Yanshanian, and Himalayan Periods (Zhang et al., 2011), which acts as a prominent role in controlling the distribution of deformation bands around the tectonic setting and large-scale fault systems. Based on the core observation, deformation bands can be visually recognized in the sandstone cores of several wells, and combination patterns such as parallel and crossover can be identified. And the internal oil content is much lower than that of the host rock on either side, which in some cores shows the bands as an interbedded layer or barrier restricting oil flow and distribution in sandstone reservoirs (Figure 4B). The extension length of the deformation bands is not visible in the core observation. The width of a single band visible to the naked eye is mostly 0.15∼3 cm, and the width of a cluster of deformation bands can reach a maximum of about 5 cm. The dip angle varies from 70° to horizontal, and small faults that are formed by the inherited development of the cluster deformation band can be identified (Figure 4C). The density of the deformation bands in the reservoir near the Himalayan fault is greater than or equal to 30 bands/m, and it gradually decreases and stabilizes as the distance from the fault increases. Moreover, the vertical distribution has the greatest density on both sides of the fault damage zone, which is inversely proportional to the distance of the fault damage zone (Ballas et al., 2013; Schueller et al., 2013).
[image: Figure 4]FIGURE 4 | (A) Core samples collected from the T2 oil group, LN58 well (depth: 4,369–4,373 m). (B) Abundant deformation bands near the fault zone; its density increases while approaching the fault zone. The single band is indicated using a red line, and the cluster band boundary is indicated using a red dotted line. (C) Characteristic of the single band. (D) Characteristic of the cluster band.
Microstructures
Few disaggregation bands (Figure 5A) formed in the poorly lithified stage can be identified from a small series of thin sections, which were formed in an environment with low stress and temperature conditions, and the dominant deformation mechanism is the granular flow (Fossen et al., 2007). The internal brittle grain rotational displacement compared to the host rock has the characteristic of long axis isotropic arrangement, and the spatial distribution rule fails to be recognized.
[image: Figure 5]FIGURE 5 | (A) The microscopic characteristics of the disaggregation band, LN2-3-1, 4,871 m, porosity is shown in blue, plane-polarized light (PPL). (B) The microscopic characteristics of the CSB, feldspar, and quartz grains in the CSB are fragmented as crush micro-breccia and block the primary pore throats, LN31, 4,745 m, PPL. (C) Deformed biotite squeezed into the primary pore, LN30, 4,714 m, PPL. (D) Comparison of the composition and grain size of the host rock and deformation band; feldspar (blue luminescent) has a higher level of fragmentation compared to quartz (non-luminescent), LN44, 4,971 m, CL. (E) “Hertzian” contact points, which is a singular contact between two grains, formed preferred orientation of fractures through grains, SEM. (F) Microfractures and quartz-filled microfractures (FIP) formed in the quartz grains, LN44, 4,971 m, SEM. Qtz, quartz, KF, K-feldspar, Bt, biotite, DB, deformation band, red dotted lines is the band boundary.
The major types of the deformation band that can be macroscopically recognized in the core are compactional shear bands (CSBs) (Figure 5B) caused by grain reorganization and cataclasis (Fossen et al., 2018). Cathodoluminescence (CL) and X-ray diffraction patterns show minimal differences in the mineralogical composition between the deformation bands and the host rock (Figure 5D). The host rock without deformation has high porosity, excellent pore–throat connectivity, intact grains, and few microfractures. Microscopic analysis of thin sections revealed that the composition of CSB contains fractured grains (intragranular microfractures), smaller grain fragments, and clay. CL revealed that the brittle grains such as quartz and feldspar within the deformation bands are highly fragmented, having diameters lower than 10% of the grain diameter of the host rock in the bands. The preferential fracture of feldspar grains relative to quartz grains can be observed (Radjai et al., 1998; Torabi and Fossen, 2009; Lommatzsch et al., 2015; Beke et al., 2019), and grain contacts are dominated by planar and concave–convex surfaces with poor sorting. Plastic grains such as biotite are deformed by extrusion stress and squeezed into the primary pore. The brittle grains on both sides adjacent to the host rock are tightly packed, with no significant change in size compared to the host rock. And the number of microfractures and quartz-filled microfractures (FIP) formed in the quartz grains during the same generation has increased significantly (Hooker et al., 2018), mainly that formed in single grains and rarely seen through multiple grain fractures (Figure 5E). The FIP type is dominated by conjugate microfractures caused by compressive shear stress. Scanning electron microscopy shows that the conjugate microfractures developed by quartz grains are flat and highly closed, and the inner walls of the microfracture are smooth and sharp (Figure 5F).
Inclusion Petrography
In sedimentary basins, secondary inclusions trapped by microfractures related to the tectonic action can reveal the specific tectonic stress field characteristics. The composition, temperature, and pressure information of the corresponding paleo-fluids as the microfractures sealing can be an extremely rapid process (Lander and Laubach, 2014). Microscopic observations show that microfractures of various sizes and combinations are generated within the quartz grains during the formation of the deformation bands, and they exhibit a strong preferred orientation (Figure 6). Focusing on whether the fluid inclusions contain hydrocarbons, the inclusions of secondary fluids captured by microfractures are first classified into three categories: hydrocarbon inclusions, hydrocarbon-containing inclusions, and non-hydrocarbon inclusions, and then they are subdivided according to the mineralogical sequence, cutting relationship, inclusions composition, and homogeneous temperature (Th) into two generations of conjugate FIP. Several individual fluid inclusions were measured in each FIP to assure the reliability of homogenization temperatures from each microfracture. The Th variation was generally less than 3°C.
[image: Figure 6]FIGURE 6 | Thin section images of samples in plane-polarized light (A, C, E, G) and ultra-violet light images of the same areas (B, D, F, H). (B) X-shaped conjugated HFIP in quartz grains. (E) “Hertzian” contact points formed preferred orientation of microfractures and FIPs through the grain and quartz overgrowth which is indicated using a red dotted line. (G) Different generation microfractures and HFIP in crosscutting.
After serious analysis, the first-generation FIP is developed by compression-shear tectonic stress under brittle tectonic conditions, approximately 20–30% of the total number. Few detrital quartz grains can observe overgrowths. The longest intragranular microfractures cut across the single detrital quartz grain and stop at the dust lines of grain overgrowths, indicating that the FIP preceded the formation of the quartz grains overgrowths. The most common microfractures have straight traces marked by arrays of fluid inclusions. At room temperature, FIs trapped in microfractures contain coexisting two-phase inclusions, liquid-rich aqueous inclusions, and single-phase liquid inclusions, ranging from spherical to angular. The single-phase liquid inclusions are less than 1–3 μm in size. The two-phase liquid-rich aqueous inclusions contain 7–12 vol% vapor and are less than 4–7 μm in size. Final ice-melting temperatures were recorded in the range of approximately −2.5 to −5°C, using the experimental phase diagram to determine the salinity of the fluid, corresponding to salinities of 4–8 wt% NaCl equivalent (Bodnar, 1993), with a dominant range at approximately 5 wt% NaCl. The laser Raman spectrum indicates that the vapors of two-phase liquid-rich aqueous inclusions are mainly carbon dioxide.
The second-generation FIP is formed by compression-shear tectonic stress under brittle tectonic conditions, and the abundance is much greater than the above generation 1. The longest intragranular microfractures cut across the single detrital quartz grain and the dust lines of grain overgrowths (Anders et al., 2013) (Figure 6D). The most common microfractures show slightly curved traces marked by arrays of fluid inclusions (Figure 6E). At room temperature, microfracture-trapped FIs contain hydrocarbon inclusions and aqueous inclusions, which can be further divided into two-phase inclusions and single-phase inclusions, ranging from spherical to angular, with the fluorescence colors of near-green and green-yellow. Most of the hydrocarbon FIs have experienced oil and gas cracking and bitumen, which can be observed. The single-phase liquid inclusions are less than 1.5–3 μm in size. The two-phase inclusions contain 10 to 15 vol% vapor and less than 4–9 μm in size. Final ice-melting temperatures of aqueous inclusions were recorded in the range of approximately −5.2 to −17°C, corresponding to salinities of 8.1–20.2 wt% NaCl equivalent, with a dominant range at approximately 12 wt% NaCl. The laser Raman spectrum shows that the vapors of two-phase liquid-rich aqueous inclusions are mainly carbon dioxide, and a few inclusions contain ethane.
Fluid Inclusion Microthermometry
As most of the hydrocarbon FIs have experienced oil and gas cracking and bitumen, it can be demonstrated that its homogeneous temperature cannot represent the real formation temperature. When hydrocarbon and aqueous inclusions were captured simultaneously, the homogenous temperature of the aqueous inclusions can typically represent the capture temperature of both types of inclusions without pressure correction (Nedkvitne et al., 1993). Considering that the quartz grains in the host rock may contain inherited FIPs if tectonic movements are experienced in the source region, the FIPs can be formed during the burial compaction process of the strata (Hooker et al., 2018; O’Kane et al., 2007). However, the Triassic reservoirs experienced a complicated burial history due to the compressional uplift, and fluid inclusions with the same homogenization temperature may be trapped more than once. Hence, in this study, only the aqueous FIPs of quartz grains are consistent with the mechanical characteristics of the deformation bands.
Fluid inclusion was trapped in quartz microfractures from 51 Triassic reservoir sandstone samples. As depicted in Figure 7, the distribution of the homogenous temperatures of the coexisting oil and aqueous inclusions in all samples is analyzed and presented. In detail, microthermometric analyses indicate that all the selected fluid inclusions can homogenize to a single liquid phase. The homogenous temperature of inclusions in samples from wells LN2-3-1, LN206, and LN2-2-J1, located at the circumference of the fault horst belt, is mainly distributed in the range of 70–140°C, with the main peak range distributed in the range of 70–80°C and 110–120°C. It can be divided into two intervals, and the main peak of aqueous inclusions associated with hydrocarbon inclusions is 110–120°C and has the highest abundance. The FIP abundance in samples from well LN101 well located at the middle of the two-fault horst belt is significantly lower than that in samples in the fault horst belt circumference wells, especially the FIP abundance with the homogenous temperature of 70–80°C.
[image: Figure 7]FIGURE 7 | Homogenization temperature data from 12 wells, with the main peak distributed in the range of 70–80°C and 110–120°C.
DISCUSSION
Associated Relationship Between Deformation Bands and the FIP
The macroscopic tectonic fault features of the highly porous sandstone formation under compression-shear tectonic stress are triggered by the microscopic grain failure. And the deformation structures evolve in the direction of the maximum principal stress with the strength and nature of the tectonic movement influencing the number and distribution of the deformation bands. The evolution process from the microscopic deformation structure to the macroscopic fault structure can be revealed through multi-scale observation and investigation (Fossen and Hesthammer, 2000; Parnell et al., 2004; Parry et al., 2004; Mitchell and Faulkner, 2009; Solum et al., 2010). As cleavage cracks within brittle minerals such as feldspar and calcite are formed by external stress according to the crystallographic nature (Fossen and Hesthammer, 2000; Sun et al., 2019a), the research on microstructural petrography needs to consider not only the strength and nature of tectonic movements but also the selection of mineral grain types, microfracture characteristics, and the generation relationship of fluid inclusions.
As the host mineral, quartz grains subjected to regional stress cracking develop microfractures that are independent of mineral crystallographic properties and can be easily healed to trap fluids as fluid inclusions (Onasch, 1990; Boullier, 1999; Parnell et al., 2001). The conjugate shear FIP is composed of two crossing rupture surfaces, which are formed as a result of shear stress acting on the mineral grains exceeding the shear strength of the grains (Figure 8A) (Anders et al., 2013), and the fractured rupture surface angle is restricted by the properties of the grains and the external temperature and pressure conditions during formation. Under the brittle tectonic conditions, the direction of the acute angle bisector of the two crushing surfaces points to the direction of the maximum principal stress σ1. Under the brittle domain deformation condition, the direction of the acute angle bisector of the two crushing surfaces points to the direction of the maximum principal stress σ1 (Figure 8B) (Soliva et al., 2013; Anders et al., 2014). The microfracture abundance is proportional to the intensity of large-scale tectonic movements, and the FIP assemblages formed by more than one tectonic movement exhibit cutting relationships with each other in space.
[image: Figure 8]FIGURE 8 | (A) Thin-section photomicrograph of the X-shaped conjugated FIP which is indicated using a red dotted line, LN2-3-1, 4,870.7 m. (B) The relation between the maximum principal stress direction and X-shaped conjugated FIP.
Microscopic analysis of thin sections revealed fragmented grains occur along the boundary between the host rock and deformation band subjected to contact stresses which have “Hertzian” contact points (Figure 9) (Radjai et al., 1998) with magnitudes much greater than the average stress. The force chains are recognized by obliquely intersecting the deformation band (Figure 9B). We interpret the preferred orientation of the microfracture and FIP is parallel to the maximum compression direction at the time of deformation (Figure 9C) (Ballas et al., 2013; Soliva et al., 2013). Permeability and porosity transient increasing during the shear-induced dilatant phase of failure may result in hydrocarbon flow into sandstone reservoirs. FIP-trapped hydrocarbon fluid inclusions crosscutting quartz grain overgrowths occur in the damage zone of the deformation band, which show that oil charging postdated the deformation band formation or performed at the same time (Parnell et al., 2004; Sun et al., 2020).
[image: Figure 9]FIGURE 9 | (A) Thin-section photomicrograph of microstructures from the host rock and deformation bands; the boundary is indicated using red dotted lines. (B) Illustration of the relation between maximum principal stress direction, microstructures, and the force chains. (C) The geometry of the “Hertzian” contact, FIP, and geometry of force chains as inferred from grain contact points, modified from Soliva et al. (2013).
Formation Time of the Deformation Band
Based on petrography and microthermometry, it is suggested that there were two generations of deformation bands formed because of the presence of two-generation conjugate FIPs observed in the CSB damage zone. The latter generation is closely related to oil and gas charging. By the integration temperature data from aqueous inclusions trapped in two generations conjugate FIPs of 51 samples collected from 12 wells with the burial plot, we can predict the time and depth of the deformation band formed.
Generally, the Triassic reservoirs are shallowly buried (0–2,000 m) within a long period and then become rapidly buried into a deeper depth (>4,500 m) in the Late Himalayan period. Integration of the minimum Th of two generation aqueous fluid inclusions in the conjugate FIPs of 51 samples, collected from 15 wells by coeval with the thermal history plot for selected wells, inferred that two-generation deformation bands are formed, respectively, in the Late Yanshan period (75∼57 Ma) and the Late Himalayan period (14∼4 Ma), coinciding with the regional uplift and extrusion.
Implication for Hydrocarbon Exploration
Deformation bands in sandstone reservoirs can act as fluid pathways or barriers for fluid flow, depending on the timing relationship between the hydrocarbon charge and deformation. The mechanism of fluid sealing can be divided into the formation of cis-layer cement at the early stage (Baron et al., 2008; Exner et al., 2013; Sun et al., 2019b) and the significant decrease of physical properties compared with the host rock at the late-generation stage under the compression and torsion (Fossen et al., 2007; Solum et al., 2010). Also, the decrease of permeability by three orders of magnitude compared with that of the host rock is the threshold value for influencing fluids (Solum et al., 2010); therefore, the investigations on the influence of deformation bands on fluids not only include the present-day physical characteristics but also need to restore their dynamic evolution process, which makes them important to investigate the associated relationship between hydrocarbon charging and deformation band formation.
Two generations of shear compaction bands can be observed and identified in the Triassic reservoir by FIP characteristics and homogeneous temperature (Figure 10B). And the early-formed shear deformation bands mainly show that extrusion and crushing of brittle grains, deformation of plastic grains, and intragranular microfractures emanating from contact points are common. The microscopic conductive properties of the sandstone layer were improved, and the physical properties showed little variation compared to those of the host rock. As the extrusion intensity of the tectonic movement and the temperature of the buried environment increase, the later formed deformation bands turn into an interlayer with regular spatial combination, which can be regarded as densely spread deformation bands separating oil and water layers. Some of the deformation bands with internal quartz grains trapped hydrocarbon inclusions, implying that the oil charge would have not been affected by the deformation-related structure. In summary, the deformation bands in the research area mainly affect the physical adjustment of the hydrocarbon distribution in the later stage and the present flow properties of the reservoir and have a slight influence on the hydrocarbon migration and the charge of Triassic reservoirs.
[image: Figure 10]FIGURE 10 | (A) Burial and thermal history and deformation band formed time for well LN10. (B) Characteristic patterns of deformation band evolution in the Lunnan uplift, modified from Fossen et al. (2007), Pei et al. (2015).
CONCLUSION
Comprehensive characteristics of deformation bands from Triassic high-porous reservoirs in the Lunnan uplift, Tarim Basin, are reported for the first time. The dominant deformation mechanisms are controlled by the strength and nature of tectonic movements. Experimental observations in terms of core samples indicate that the deformation bands can act as interbedded layers or barriers restricting the oil flow capacity. Integrated studies of fluid inclusions demonstrate the time and depth of the two-generation deformation band formed during the Yanshanian and Himalayan periods. In particular, the hydrocarbon charge has not been affected by deformation band formation because the oil-trapping quartz microfracture is cut by deformation bands. The deformation bands in the research area mainly affect hydrocarbon distribution and the present seepage flow properties of reservoirs, which may promote reservoir compartmentalization.
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Strike-slip deformation belts are interesting structures in the crust and are of significance in petroleum exploration. The Shunbei 5 fault belt (SB5), a long strike-slip deformation belt in the Tarim Basin, played an important role in the formation of a recently discovered major oilfield known as the Shunbei oilfield. In this study, models of plan view and vertical profile were established to interpret SB5 with multi-cycled tectonic activities. To this end, its structural framework, tectonic evolution, and associated plate tectonics were investigated using 2D and 3D seismic data. SB5 was formed as a dextral simple shear belt at the end of the Middle Ordovician. In the plan view, R-shears and P-shears with local transpressional and transtensional structures were observed. Along the vertical profiles, various structural styles occurred at various depths and strata in response to various stratigraphy mechanisms. Although these structures show clear boundaries between them, they correspond to the same formation time, indicating that they underwent deformation simultaneously. The second activity of SB5 occurred at the end of the late Ordovician, during which it was a dextral transtensional strike-slip deformation belt consisting of left-stepping en echelon R-shears. The R-shears were transtensional during the progressive deformation. Subsequently, SB5 underwent several strike slips of weak strength. Notably, SB5 cut through a deep Middle Cambrian gypsum salt layer and connected the deep Lower Cambrian source rock with deep Lower and Middle Ordovician carbonates to form the oil and gas reservoirs. The established models are of reference value in the interpretation of other subsurface strike-slip deformation belts.
Keywords: strike-slip deformation belt, structural style, interpretation model, oil and gas reservoir, Tarim Basin
INTRODUCTION
Strike-slip faults are an important tectonic feature in nature. A strike-slip deformation belt commonly consists of various structures with different mechanics, such as normal faults, shear faults, and reverse faults or folds (Riedel, 1929; Chinnery, 1963; Wilcox et al., 1973; Sylvester, 1988). These structures can form petroleum traps in a basin. Moreover, strike-slip faults may cut deep below the surface to form petroleum migration pathways. Therefore, strike-slipping structures are of important significance in petroleum exploration (Lowell, 1985; Allen and Allen, 2013; Chen et al., 2018; El Ghamry et al., 2020).
In recent years, the China Petroleum and Chemical Corporation (Sinopec) discovered a major oilfield known as the Shunbei oilfield around the Shunbei 5 well in the middle west of the Tarim basin (Figure 1). The oil and gas reservoirs exist in Lower and Middle Ordovician carbonates, unevenly distributed along faults at depths exceeding 7,000 m (Cao et al., 2020). Its total resource is estimated at 17 × 108 t, of which oil and gas account for 12 × 108 t and 5,000 × 108 m3, respectively (Jiao, 2018). The reservoirs are fractures and caves and are characterized by ultra-depth, and ultra-high pressure and temperature.
[image: Figure 1]FIGURE 1 | Plate tectonics and tectonic units of the Tarim Plate (Basin).
The formation of the Shunbei oilfield is related to the Shunbei 5 strike-slip deformation belt (SB5). The strike-slip faults in this belt connected the deep Lower Cambrian source rock with the Ordovician carbonates. The complex structural framework of SB5 determined the uneven distribution of oil and gas along the fault (Cao et al., 2020). However, the interpretation of the structural framework of SB5 is debatable (Deng et al., 2018; Li et al., 2019; Liu, 2020; Wang et al., 2020). The active time of SB5 is difficult to determine and its formation mechanism is not clear. U-Pb isotopic dating of calcite in fractures in Ordovician Carbonate rocks indicated that the formation of SB5 began at the end of the Middle Ordovician (Wu et al., 2020). However, according to seismic data, the formation time of strike-slip faults in the Tabei and Tazhong uplifts was in the late Ordovician and the strike-slip faults in the Tazhong uplift formed earlier than those in the Tabei uplift (Wu et al., 2012; Zhen et al., 2015; Han et al., 2017; Deng et al., 2018; Wu et al., 2018; Huang, 2019).
In this study, models were constructed to determine the kinematic types and analyze the plane structural framework of strike-slip deformation belts from the perspective of structural geology theory. Indicators for identifying the formation time of strike-slip faults in the vertical profile and plan view were initially established. Based on these models and indicators, the structural framework and formation time of SB5 were interpreted. Integrating plate tectonics, the formation mechanism of SB5 was discussed and its significance in petroleum geology was addressed. The presented formation mechanisms of the strike-slip faults can provide guidance for the exploration of the Shunbei oilfield and contribute to better understanding of global strike-slip faults.
GEOLOGICAL SETTING
The Tarim Basin is located in the Xinjiang Uygur Autonomous Region of China, with an area of 56 × 104 km2. It is situated on the Tarim plate and is surrounded by mountains such as the Tianshan mountains to the north, Kunlun mountains to the south, and Altyn-Tagh mountains to the southeast (Figure 1). SB5 is located in the central Tarim Basin, across the Tazhong Uplift, Awati Depression, and Tabei Uplift (Figure 2).
[image: Figure 2]FIGURE 2 | 2D Seismic profile showing some tectonic units of the Tarim Basin. (N + Q)-Neogene and Quaternary, E-Paleogene, (J + K)-Jurassic and Cretaceous, T-Triassic, (D3 + C + P)-Upper Devonian and Carboniferous and Permian, (S + D1-2)-Silurian and Lower and Upper Devonian, O3-Upper Ordovician, O1-2-Lower and Middle Ordovician, Cam3-Upper Cambrian, Cam1-2-Lower and Middle Cambrian, Z-Sinian
The sedimentary cover includes Nanhua, Sinian, Paleozoic, Mesozoic, and Cenozoic sediments (Figure 3). The late Proterozoic Nanhua system comprises continental rift sediments; the rift occurred during the breakup of the Rodinia supercontinent (Wu L. et al., 2016; Shi et al., 2016; Ren et al., 2018; Shi et al., 2018). During the Sinian, the Tarim Basin entered a thermal depression with the deposition of cold climate marine and ice ocean carbonates, clastic rocks, and moraine and volcanic clastic rocks (Deng et al., 2019).
[image: Figure 3]FIGURE 3 | Generalized stratigraphy of the Shunbei 5 strike-slip deformation belt in Tarim Basin (Modified after Lu et al., 2015; Deng et al., 2019; Han et al., 2021).
During the Cambrian, the south and north margins were passive margins, and the inner basin was a successive basin with marine carbonates, mudstone, gypsum salt rocks, and siliceous mudstone. The marine carbonate sedimentation continued to the end of the Middle Ordovician when the first episode of the Caledonian movement occurred (Han et al., 2021). During the Upper Ordovician, marine clastic sediments with thick mudstone were deposited, developing suitable cap rocks (Lu et al., 2015). During the Silurian, marine clastic sediments were deposited. The late Caledonian movement at the end of the late Ordovician and the early Hercynian movement caused regional unconformity between the Silurian and Upper Devonian (Figure 3).
From the late Devonian to the Triassic, the tectonic regime of the Tarim Basin changed into margin subduction and collision with interactive marine and terrestrial deposits. The Upper Devonian and Carboniferous strata comprise marine clastic rocks. The Permian and Triassic strata comprise terrestrial clastic rocks and volcanic rocks (Figure 3). The Middle Hercynian movement occurred at the end of the Carboniferous, the late Hercynian movement at the end of the Permian, and the Indochina movement at the end of the Triassic.
From the Jurassic to the Oligocene, the Tarim Basin experienced inner plate tectonics after collision, with the deposition of terrestrial clastic rocks and gypsum salt rocks (Figure 3). The middle Yanshanian movement occurred at the end of the Jurassic, the late Yanshanian movement at the end of the Cretaceous, and the early Himalayan movement at the end of the Paleogene.
In the Neogene, the Tarim basin was a reactive foreland basin, with the deposition of terrestrial clastic rocks and gypsum salt rocks.
The Tarim Basin is rich in oil and gas resources, with estimated oil reserves of 59.94 × 108 t (Zhou et al., 2005), ordinary gas reserves of 117398.96 × 108 m3, and non-ordinary gas reserves of 3 × 1012 m3 (Zhou et al., 2005; Huang, 2019). Through extensive exploration works covering more than 30 years, the source rocks, structural styles, trap types, and reservoir model have been well established in three hydrocarbon-bearing systems, the Kuqa depression, platform basin area, and the southwest depression (Du et al., 2019).
DATA AND METHODOLOGY
The Shunbei-5 strike-slip deformation belt and its related structures were determined based on 2D and 3D seismic data provided by Sinopec between 2009 and 2016 (Figure 2). The geochronologic calibration of the seismic reflectors was performed by the Institute of Exploration and Development and Northwest Petroleum Bureau, Sinopec. The seismic data were interpreted in OpenWorks (Halliburton Landmark). Seismic coherence slices were used to identify the individual fault segments (Bahorich and Farmer, 1995). The coherence slices of surface T70 (stratigraphic boundary between the Kepingtage and Sangtamu Formations) and T74 (stratigraphic boundary between the Upper Ordovician and Middle Ordovician) were used to analyze the structural characteristics of faults and fault combinations.
A strike-slip deformation belt has various types of structures (Allen and Allen, 2013). Here, a composite strike-slip deformation belt is defined as a large-scale strike-slip deformation belt with multiphase activities, various mechanics, and directional structures both superposing in vertical sections and arraying in maps. Based on physical modeling of a wrench zone, en echelon tensional fractures (T-fracture) and shear fractures were identified (Riedel, 1929). Synthetic shears (R-shears) and antithetic shears (R'-shears) were defined as Riedel shears (Skempton, 1966; Hills, 2012). Other secondary structures in a wrench zone include P-shears, Y-shears, and convergent structures such as folds and reverse faults (Harding, 1974; Schreurs, 1994; Xu et al., 2017; Chen, 2020b; Chen, 2020a). Applying these methods and theories, the formation time and formation mechanism of SB5 were determined.
STRUCTURAL FRAME WORK OF THE SHUNBEI 5 STRIKE-SLIP DEFORMATION BELT
The Shunbei 5 strike-slip formation belt (SB5) is located in the central part of the Tarim basin (Figure 1). In this study, emphasis was placed on the central part of SB5.
Usually, the wrench direction of a subsurface strike-slip deformation belt is determined by the arraying styles of faults (Figure 4; Ghosh and Chattopadhyay, 2008). Both right-stepping tensional faults and right-stepping R-shear faults indicate a sinistral strike-slip fault (Figures 4A,C). Both left-stepping tensional faults and left-stepping R-shear faults indicate a dextral strike-slip fault (Figures 4B,D). Regarding SB5, in the T70 reflector, the faults array in a right-stepping en echelon belt (Figures 5A,B, 6A,B. The echelon angles of the faults generally range from 14° to 35°, with some at 44° ± 5° (Figures 6A,B). Along the vertical profiles, the faults appear to be normal faults (T-fracture) (Figure 7, Figure 8). Considering Figures 4B,D, these faults were deduced to be R-shears, and they indicate a dextral transtensional strike-slip fault. In the T74 reflector, the faults array in complex patterns (Figures 5C,D, 6C,D). The echelon angles of the faults generally range from 16° to 32° (counterclockwise), and from 9° to 12° (clockwise), with some at 43° (Figures 6C,D), corresponding to R-shears, P-shears, and several spreading branches of R-shears, respectively (Figures 4B, 5). Nevertheless, these faults present the characteristics of dextral strike-slip faults on the coherence slices of surface T74, accompanied by alternating transtensional and compression zones.
[image: Figure 4]FIGURE 4 | Wrench directions and fault arraying types. (A) Right-stepping tensional faults indicating a sinistral strike-slip fault system, (B) Left-stepping tensional faults indicating a dextral strike-slip fault, (C) Right-stepping R-shear faults indicating a sinistral strike-slip fault system, (D) Left-stepping R-shear faults indicating a dextral strike-slip fault system. α is the angle between the direction of principal displacement zone and the T fracture, and β is the angle between the direction of principal displacement zone and R-shears.
[image: Figure 5]FIGURE 5 | 3D coherence slice of the Shunbei 5 strike-slip deformation belt (SB5). (A) T70 reflector indicating the bottom of the Silurian, (B) Fault interpretation of a, (C) T74 reflector indicating the bottom of the Upper Ordovician, (D) Fault interpretation of c.
[image: Figure 6]FIGURE 6 | Strike-weighted rose diagrams for each fault set in the bottom of the Silurian (T70) and the bottom of the Upper Ordovician (T74). (A) The north segment of SB5 in T70; (B) The south segment of SB5 in T70; (C) The north segment of SB5 in T74; (D) The south segment of SB5 in T74. PDZ = principal displacement zone. The boundary between the northern and southern segments of SB5 is the turning pint of SB5 in Figure 5B.
[image: Figure 7]FIGURE 7 | 3D seismic profiles of the Shunbei 5 strike-slip deformation belt (SB5) (see Figure 6 for locations).
[image: Figure 8]FIGURE 8 | 3D seismic profile of a transtensional part of an R-shear (see Figure 6 for location).
Although strike-slip deformation belts are complex, those with a small slip distance would have a simple structure. In general, the fault mechanics of strike-slip deformation belts are determined by the mechanical properties of the rocks (Chen, 2020b). These faults can form various structural assemblages along the horizontal plane. Figure 9 shows a dextral simple shear with a small slip distance as an example. Both physical modeling and numerical simulations such as PFC calculation indicate that R-shears commonly occur earlier, followed by P-shears and Y-shears (Cho et al., 2008). Y-shears occur parallel to the main displacement zone, such as P1 and P11 in Figure 9. P-shears occur in the oversteps of R-shears, being the boundaries of convergent bends such as P3. Central parts of R-shears appear to be transtensional, such as P2. Direct slip will occur at the transitional zone between R-shears and P-shears, such as P7. In SB5, transpressional structures formed at the oversteps (Figure 5D). Transpressional structures are characterized by reverse faults or folds in seismic profiles, as shown in Figures 7A,C,E,G,I–K. Transtensional structures formed in the central part of the R-shears (Figure 6). Transtensional structures are characterized by normal faults or grabens in seismic profiles, as shown in Figures 7B,F,H. Parallel normal faults were observed in the T74 reflector along an R-shear (Figures 6D, 9). The fault arraying patterns were identical to those shown in Figure 4. A total of eight transpressional zones and five transtensional zones were identified in SB5, alternating with each other.
[image: Figure 9]FIGURE 9 | Structures in a dextral strike-slip fault deformation belt with one-time activity and a small strike-slip distance.
TIME AND MECHANISM OF THE SHUNBEI 5 STRIKE-SLIP DEFORMATION BELT
Due to the differences in the thicknesses and mechanical properties of rocks, various structural assemblages may superpose on vertical sections to form composite superposition relationships. Consequently, the formation time of wrench formation becomes difficult to determine. Although structural assemblages on vertical sections are very complex, the wrench time can be determined from the strata cut by the strike-slip faults. As strata mechanics and rock thicknesses vary, the same tectonic movement may lead to different structural styles in various strata. In other words, various strata may exhibit different structures along the vertical profile. As shown in Figure 10A, these structures have clear boundaries between them, but these were correspond to the same formation time. A1 is a superposition of a compressive structure (e.g., a fold) overlain by extensive structures (e.g., normal faults), A2 a superposition of normal faults overlain by a compressive fold, A3 a superposition of normal faults overlain by other normal faults, and A4 a superposition of a compressive fold overlain by other compressive fold and reverse faults. If various structures with different mechanical properties occur in a layer boundary, they correspond to two tectonic movements (Figure 10B). B1 is a superposition of first reverse faults interspersed by secondary normal faults, B2 a superposition of first normal faults interspersed by secondary reverse faults, B3 a superposition of first normal faults interspersed by other secondary normal faults, and B4 a superposition of first reverse faults interspersed by other secondary reverse faults.
[image: Figure 10]FIGURE 10 | Possible vertical superposition of wrench related structures in various strata. (A) Structures formed in one movement, (B) Structures formed in two movements; Ml1-Mechanical layer 1, Ml2-Mechanical layer 2, FS-First time structure, SS-Second time structure
The formation time should be determined based on the strata cut by wrench related faults, unconformities, and arraying patterns of the wrench related structures. In Figures 7, 8, each profile exhibits different structural styles from deep to shallow areas. Through the superposition of structures from the T90 and T74 reflectors, the following patterns could be identified: transpressional–transtensional–transpressional (Figure 7A), transpressional–transtensional (Figure 7B), transpressional–transpressional (Figure 7C), transtensional–transtensional (Figure 7D), transpressional–transtensional–transpressional (Figure 7E), transtensional (Figure 7F), transtensional–transpressional (Figure 7G), transpressional–transtensional (Figure 7H), transtensional–transpressional (Figure 7I), transpressional– transpressional (Figure 7J), and transtensional–transpressional (Figure 7K). Regarding Figure 8, the superposition reveals a transtensional shear. These structures were delimited by layer beddings, and referring to Figure 10A, they were deduced to be formed at the end of the Middle Ordovician. This time is identical to the age of the first periodic calcite vein in fractures (Wu et al., 2020; Wang et al., 2021). Except for the transpressional structures in Figures 7C,E, the structures in the T70 reflector were mostly transtensional zones, appearing as en echelon patterns on the plan view (Figure 5B) and normal faults in vertical profiles (Figures 7, 8). The normal faults cut into the T74 reflector, and referring to Figure 10B, their formation time was found to be different, which is the end of the Ordovician. This time is identical with the age of another penetrative calcite vein in fractures (Yang et al., 2020). As mentioned above, SB5 underwent several times of activities after the two times of activities (Figures 2, 7, 8).
The formation of the SB5 strike-slip fault is related to plate tectonics around the Tarim Plate (basin). The activity at the end of the Middle Ordovician was caused by the near N-S compression, which is related to the closing of the Proto-Tethys Ocean (Wu et al., 2020), during which the SB5 strike-slip fault was a simple shear belt. The activity at the end of the late Ordovician is related to the southward subduction of the Northern Kunlun Ocean, the northwestward subduction of the Altyn Ocean and the southward subduction of the Northeast Tianshan-Junggar Ocean (Wu G. H. et al., 2016; Wu et al., 2020), during which the SB5 strike-slip fault was a transtensional zone. From the Silurian to Middle Devonian, the east Kunlun-Qaidam Plate and middle Kunlun terrain attached to the Tarim Plate, causing the closing of the Altyn Ocean and the Northern Kunlun Ocean, respectively. At the end of the Permian, the north Tianshan-Junggar Ocean and the south Tianshan Ocean closed, making the Tarim Plate become a part of the Eurasian Plate. At the same time, the southern part of the Tarim Plate changed from a passive margin into an active margin with volcanic arcs. Collisions occurred between the Tianshuihai terrain and the Tarim Plate, and between the Qiangtang terrain and the Eurasian Plate in the early Triassic and at the end of the Triassic, respectively (Hendrix et al., 1992; Graham et al., 1993; Pan et al., 1997). In the Jurassic, the Tethys Ocean Plate was subducted beneath the Qiangtang Plate. With the Lasa collision (140–125 Ma), the Lasa Plate attached to the Qiangtang Plate. In the late Cretaceous, the Kexisitan Plate collided the Lasa Plate at the southwest part (Hendrix et al., 1992; Graham et al., 1993), causing local erosion. The Himalayan collision occurred in the middle-late Cenozoic (45 Ma), attaching the Indian Plate to the Eurasian plate and closing the Tethys Ocean. This collision caused an extensive N-S compression.
CONTROL OF THE SHUNBEI 5 STRIKE-SLIP DEFORMATION BELT ON THE FORMATION OF THE OIL RESERVOIR
The SB5 reservoir is a typical reservoir with a total oil production of 2.86 × 104 t (Figure 11).
[image: Figure 11]FIGURE 11 | Reservoir modeling (A) and vertical profile (B) of the Shunbei 5 reservoir.
Although there are four sets of source rocks in the Tarim basin, source analysis proved that the oil and gas in the Shunbei oilfield are contained in the source rock at the bottom of the Cambrian strata (Song et al., 2016; Gao et al., 2018; Ma et al., 2018; Gu et al., 2020; Chen et al., 2021). Analyses of the physical and geochemical properties and fluid inclusions in rocks indicate that the time of the first hydrocarbon charging in the Shunbei oilfield was in the late Silurian, following which several charging events might have occurred (Wang et al., 2019; Cao et al., 2020; Wang et al., 2020). The time of the first hydrocarbon charging agrees with the hydrocarbon expulsion peak in the Tarim Basin (Wang et al., 2020).
The reservoir lies in the Middle Ordovician stratum overlain by Upper Ordovician marl and mudstone, which serve as the cap rocks (Figure 11). The source rock is the base of the Lower Cambrian. The Middle Cambrian includes gypsum and salt rock formations, which are suitable cap rocks (Chen et al., 2021). SB5 played an important role both in the hydrocarbon migration from the Cambrian source rock to the reservoir and in the formation of the Ordovician reservoirs. Firstly, a strike-slip fault can cut deep to connect deep source rocks with shallow reservoirs. Normal faults and thrust faults may cut along a detachment, similar to salt layers, but they cannot penetrate deep source rocks. A typical strike-slip fault alternates between transtensional and transpressional areas; the former provide suitable migration paths and the latter form suitable traps. Transtensional areas have been found to offer higher oil output per unit pressure drop than transpressional areas (Liu, 2020). Secondly, wrenching improves the porosity and permeability of rocks. In the Shunbei oilfield, the accumulation spaces are fractures and caves; the former is related to the wrenching and the latter is related to carbonate rock corrosion along the strike-slip faults (Jiao, 2018; Qi, 2019; Lv et al., 2021).
CONCLUSION
The Shunbei 5 strike-slip deformation belt (SB5) of the Shunbei area of the central Tarim Basin is an important intracratonic strike-slip fault system with high potential for oil and gas exploration. Based on detailed structure characterization and geometric analysis, the tectonic architecture and structural evolution of SB5 were determined and proposed, respectively. Moreover, the control of the strike-slip deformation belt on the formation of oil and gas reservoirs is discussed. The main findings can be summarized as follows:
1) The Shunbei 5 strike-slip deformation belt (SB5) was formed at the end of the Middle Ordovician with the closing of the proto-Tethys Ocean, during which it was a dextral parallel strike-slip fault belt comprising R-shears and P-shears. In the plan view, transpressional and transtensional structures are alternately arranged. Along the vertical profile, the lithological strata exhibit different structural styles, attributable to the varying mechanisms.
At the end of the late Ordovician, SB5 was affected by the southward subduction of the Northern Kunlun Ocean, the northwestward subduction of the Altyn Ocean, and the southward subduction of the Northeast Tianshan-Junggar Ocean, during which it was a transtensional dextral strike-slip fault belt. The structures were left-stepping R-shears with transextension in the progressive deformation.
2) SB5 cut through the Middle Cambrian gypsum salt layer to connect the Lower Cambrian source rock with the Ordovician reservoirs, leading to the formation of the oil and gas reservoirs of the Shunbei oilfield.
3) A simple shear strike-slip deformation belt with a small displacement may consist mainly of R-shears. The oversteps may include transpressional structures with P-shears. Outside the oversteps, the main structures may be transtensional. Moreover, the transition of the R-shears and P-shears may exhibit a parallel pattern. Even with one tectonic movement, various rocks may exhibit various structures with different mechanical properties according to differences in their mechanical properties. This finding may facilitate a deeper understanding of other strike-slip deformation belts around the world.
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Based on the distribution of complex fractures after volume fracturing in unconventional reservoirs, the fractal theory is used to describe the distribution of volume fracture network in unconventional reservoirs. The method for calculating the fractal parameters of the fracture network is given. The box dimension method is used to analyze a fracturing core, and the fractal dimension is calculated. The fractal index of fracture network in fracturing vertical wells are also firstly calculated by introducing an analysis method. On this basis, the conventional dual-media model and the fractal dual-media model are compared, and the distribution of reservoir permeability and porosity are analyzed. The results show that the fractal porosity/permeability can be used to describe the reservoir physical properties more accurately. At the same time, the flow rate calculating by conventional dual-media model and the fractal dual-media model were calculated and compared. The comparative analysis found that the flow rate calculated by the conventional dual-media model was relatively high in the early stage, but the flow rate was not much different in the later stage. The research results provide certain guiding significance for the description of fracture network of volume fracturing vertical well in unconventional reservoirs.
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INTRODUCTION
Unconventional reservoirs in the world are rich in resources, and have poorly reservoir porosity/permeability (Song et al., 2018; Wang et al., 2019; Chen et al., 2020). It is necessary to adopt stimulation enhancement measures to improve the physical properties in order to achieve economic development (Li et al., 2015). Considering the distribution of natural fractures in unconventional reservoirs, through technologies such as optimized displacement and low liquid viscosity, the net pressure in the fracture during volume fracturing is achieved, and the fracture opening conditions are achieved (Zhang et al., 2021). So as to extend along the wall of the main fracture and communicate with multi-scale secondary fractures, then the complex fracture network is finally formed in the formation (Manchanda et al., 2020; Qi et al., 2020; Sheng et al., 2020).
Scholars have studied the distribution of fracture network of volume fracturing from many aspects. Cheng et al. used the discrete fracture network model and line network model to characterize the complex fracture network of volume fracturing in shale reservoirs, and obtained the fracture network geometry parameter (Cheng et al., 2013). Wang et al. used numerical simulation to study the factors affecting the productivity of volume fracturing vertical wells, and the results showed that the complex fracture network formed after volume fracturing in tight reservoirs can greatly increase the productivity (Wang et al., 2013). Li et al. used dual-media numerical simulation to simulate the fracture network from volume fracturing and optimize the parameters of fracture network (Li, 2020). They believed that the dual-media simulation method can accurately describe the complex fracture network composed of native natural fractures and artificial hydraulic fractures. The dual-media simulation method can also reflect the flow characteristics within fracture network and matrix after volume fracturing. Based on the characteristics of complex fracture network and flow mechanism of volume fracturing in tight reservoirs, Su et al. proposed a coupled dual-media composite flow model considering the limited stimulated reservoir volume, and optimized the parameters of fracture network (Su et al., 2014).
The previous research fully demonstrated the influence of the fracture network on reservoir flow and made a preliminary description of fracture network (Li, 2020). However, the distribution of fracture network cannot describe by a simple approach, such as analytical equations (Meng et al., 2020). The complex fracture network was formed based on communicating and extending natural fractures (Li et al., 2020), so the fracture network structure is consistent with the distribution of natural fractures in the reservoir. Pfeiferper and Avnir (1983), Katz and Thompson (1985), Krohn (1988) used adsorption method, electron microscope observation and mercury intrusion method to study the microscopic pore and natural fracture structure of unconventional reservoirs. A large number of research results show that the microstructure of unconventional reservoirs has fractal characteristics (Song et al., 2019), which can be studied by fractal theory. Yortsos et al. used the fractal reservoirs for the first time to describe natural fractured reservoirs (Chang and Yortsos, 1990). Aprilian et al. (1993) and Acuna et al. (1995) respectively used fractal reservoir-based well testing analysis methods to explain the well test results of complex reservoirs that were difficult to explain by conventional methods, and obtained results consistent with the actual data. Wang et al. introduced the fractal theory into trilinear flow model, and proposed a mathematical model considering complex fractures and fractal flow for pressure transient analysis of fractured horizontal wells in unconventional reservoirs. In the work, the fractal dimension and fractal index were used directly to describe the fractal fracture network (Wang et al., 2015). To tell the truth, the calculation of fractal dimension and fractal index is more important for fracture network description. The fractal dimension is usually calculated by box counting method, which is based on the specific fracture geometry. Combined with the inversion method of fracture network, the fractal dimension can be easier calculated. However, the fractal index is hardly to obtain. The fractal index is usually obtained by random walker method (O Shaughnessy and Procaccia, 1985), which is not easier in the calculation of fractal index of fracture network. Sheng et al. further gave the calculation method of the heterogeneity fractal index based on the fractal dimension, and obtained the fracture porosity and permeability distribution with the fractal fracture morphology (Sheng et al., 2019). This work presents an effective method to determine the fractal index, and make the fractal theory more reasonable to apply to the description of fracture network. However, there is no work combine the fractal index calculation method with flow simulation.
Therefore, considering the fracture network morphology in unconventional reservoirs, this paper uses fractal theory to describe the distribution of induced fracture network in unconventional reservoirs. The calculation method of fractal parameters is given, and the distribution of physical properties and the production rate from conventional dual-media flow model and the fractal dual-media flow model are compared and analyzed.
DESCRIPTION OF FRACTURE NETWORK IN UNCONVENTIONAL RESERVOIRS
Researches show that the microstructure of natural fractures in unconventional reservoirs has fractal characteristics. Based on the characteristics of natural fractures in unconventional reservoirs, Hydraulic fracturing communicate with multiple induced fractures and micro-fractures, and finally generates a complex fracture network in the reservoir. Therefore, the resulting fracture network presents a multi-scale distribution and shows a certain degree of self-similarity in a statistical sense (Figure 1). In the conventional model, the fracture density is used to characterize the number of induced fractures, but the fracture density cannot accurately describe the tortuosity and self-similarity of the fracture network. Fractal geometry breaks through the traditional integer dimension thinking and has superiority in describing extremely complex geometric forms. When using fractal theory to characterize the structural characteristics of the fracture network, two parameters, fractal dimension and fractal index, are generally used.
[image: Figure 1]FIGURE 1 | Fracture network morphology in unconventional reservoirs (Guo et al., 2015).
Fractal Dimension
The fractal dimension is often used in fractal geometry to reflect the density and complexity of fracture network. The experimental method to calculate the fractal dimension have the disadvantages of cumbersome operation when determining the fracture network parameters. The box dimension method based on the microseismic data is used to obtain the fractal dimension of the fracture network, which has a good effect. The specific process is: 1) divide the geometry into a grid with a square of length R, 2) count the number of grids with fractures in the grid N(R), 3) repeat the above process continuously by changing the size of R, and 4) the fractal dimension can be obtained by drawing the curve of ln (R) and ln (N(R))
[image: image]
Where R is the length of the square; N(R) is the number of grids with fractures in the square of length R.
Assuming that the fractures are distributed inside a square with side length L after hydraulic fracturing (the fractal dimension has nothing to do with the value of L, this work assumes L = 1), as shown in Figure 2, the fracture distribution area is continuously divided.
[image: Figure 2]FIGURE 2 | Fracture distribution in different squares.
Calculate the number of grids with fractures at different grid sizes (R), and draw the curve of ln(R) and ln (N(R)), as shown in Figure 3. It can be seen from the figure that the ln(R) and ln (N(R)) have a strong linear relationship, and the fractal dimension of the fracture network shown in Figure 3 is 1.086.
[image: Figure 3]FIGURE 3 | The fractal dimension from box dimension method.
Fractal Index
Since there are many branch and bifurcations in fractal fractures, the longer the fluid flow in the fractures, the slower the flow rate will be. This characteristic in the fractal fracture network is called fractal anomalous diffusion. The fractal index is used to characterize the fractal anomalous diffusion. The value is usually estimated by random walking method, and its absolute value is between 0 and 1. In reservoir simulation, the abnormal diffusion mainly affects the permeability.
Sheng et al. (2019) obtained the fractal index of fractal network distribution, which can be expressed as
[image: image]
Where rw represents a reference length, cm; r is the length from the reference point, cm; d is the fractal dimension; θ is the fractal index; sfw is the fracture width at the reference point, cm.
Fractal Porosity/Permeability Equation
Based on the fractal dimension and fractal index, the fractal permeability and porosity equation of the reservoir with complex fracture network can be obtained
[image: image]
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Where kf is the equivalent permeability of fracture network in the dual media model, mD; [image: image] is the equivalent porosity of fracture network in the dual media model.
PHYSICAL PROPERTIES AND PRODUCTION OF RESERVOIRS WITH FRACTAL FRACTURE NETWORK
Physical Properties Distribution
The fractal theory is used to accurately describe the physical parameters of fracture network in unconventional reservoirs. Assuming that a well is in the center of a circular reservoir, the wellbore radius is 12.4 cm, the permeability at the wellbore is 2.3 mD, the porosity at the wellbore is 0.6, the radius of stimulated reservoir is 10 m, the reservoir permeability is 0.23 mD, the reservoir porosity is 0.108, and the reservoir radius is 1000 m, the fractal dimension is 1.8 and fractal index is 0.1. Plotting the distribution of porosity and permeability in the reservoir is shown in Figure 4A. When the conventional dual-media flow model is used to describe the reservoir physical properties, the reservoir permeability and porosity will undergo abrupt changes at the boundary of the stimulated area. While when the fractal theory is adopted to describe the physical properties of the stimulated area, the permeability and porosity of the reservoir can smoothly transition between the stimulated boundary and the unstimulated boundary, which is more consistent with the actual geological characteristics. Therefore, the dual-media flow model can more accurately characterize the fluid flow in the stimulated unconventional reservoirs.
[image: Figure 4]FIGURE 4 | Physical properties distribution and production in stimulated unconventional reservoirs. (A) is the physical properties distribution, (B) is the production curve.
Dynamic Production of Reservoirs With Fractal Fracture Network
Assuming that there is a vertical well in the middle of a circular reservoir, producing at constant pressure. The initial reservoir pressure is 20 MPa, and the bottom hole pressure is 8 MPa. Using the above parameters and the calculated fractal dimension, daily production rate from the conventional dual-media flow model and fractal dual-media flow model are calculated, as shown in Figure 4B. It can be seen from the figure that the difference between the production calculated by the two models occurs in the early stage. When considering the distribution of the fractal fracture network, the early stage of production is smaller than the calculation result of the conventional dual-media flow model. However, it is close to the actual production data of the stimulated unconventional reservoirs. The results calculated by the two models are relatively similar in the middle and late stages of production.
CONCLUSION

1) Based on the complex fracture distribution of unconventional reservoirs after hydraulic fracturing, this paper uses fractal theory to describe the distribution of fracture networks, and proposes a calculation method of fractal parameters for hydraulic fracturing vertical wells in unconventional reservoirs.
2) The fractal theory are used to describe the distribution of fracture network, it can be seen from the physical property distribution that using fractal theory to describe the physical properties of stimulated area can make the reservoir permeability and porosity smoothly transition between the stimulated boundary and unstimulated boundary, which is different from the conventional methods.
3) The production changes from the conventional dual-media flow model and the fractal dual-media flow model were calculated respectively. The comparative analysis showed that the difference mainly occurred in the early stage of production, and the production considering the fractal fracture network is relatively small.
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Phase separation is widely observed in multiphase systems. In this study, it has been investigated using Shan–Chen lattice Boltzmann method. The adhesion parameter in SC model leads to the desired fluid–fluid phenomenon, which was varied to specify the strength of separation between two phases to present emulsified performance in oil production. In order to describe such behaviors quantitatively, graphical distributions were described with time and were corresponded with a statistical index–Fourier structure factor that is able to predict complex phase separation behaviors, thereby providing a measurement for calculating such random distribution during the process of separation as well as evaluating heterogeneous degrees of the entire domain. The repulsive interactions are specified as low, intermediate, and high values. Phase separations with clear boundaries have been observed and each stage of separation evolvement has been discussed in this study. Magnitudes of structure factors are increased with higher degrees of fluctuations.
Keywords: phase Separation, LBM, structure factor, emulsion, oil recovery
INTRODUCTION
One of phase separation principles is to utilize inherent immersion in an anti-solvent way of separating, for example, emulsification (Mukherjee et al., 2019) (Fournanty et al., 2008), nuclear condensates (Zhang et al., 2019), droplet formation, and movement in microchannels. So, the underlying principle of phase separation involves utilizing the two or more fluids, such that they separate into their respective phases (Dauyeshova et al., 2018). Its fully understanding will serve as the emulsified behavior occurring in heavy oil cold production and other areas.
To understand this mechanism which can be used to manipulate the breakdown or onset of such instability, many studies have been conducted via experimental works (Peters et al., 1990) (Goldburg and Huang, 1975) (Giaconia et al., 2007). Although experiments show that critical parameters of chemical emulsifiers are associated with rheology of the oil–water interface (Moerman et al., 2018) (Wang et al., 2014) (Cui et al., 2021) (Man et al., 2018), the theoretical work for this purpose that has been developed for production scenarios remains problematic (Wu et al., 2021) (Cui et al., 2020).
However, it is impractical to obtain micro systematic and completely separate evolutions using molecular dynamics due to massive computational power, and macroscopic behaviors are not sensitive. The lattice Boltzmann method (LBM) can describe microscopic behaviors of the fluid and represent macro scale behaviors. Such a mesoscopic scheme has become a useful tool to study a variety of industrial processes including the aforementioned processes. Phase separation in lattice Boltzmann evolves from an immiscible fluid with the respective equilibrium state of each component. The Shan–Chen model proposed interaction forces acting on fluid particles, which will be discussed later. Statistical behaviors will also be used to analyze instability due to the tangential velocity difference of the fluids, from initial random distribution to band-like structures and to the growth of droplets over the entire domain.
The structure factor of droplet evolvement via self-assembly in larger droplets is to the degree of spatial heterogeneity. In this study, it was applied to emulsification used in oil recovery engineering. Regarding the binary mixtures, we emphasize the strength of heterogeneity from emulsions inducing phase separation. If the interfacial properties and the pore size are included, we discuss how to control the spatial heterogeneity and phase separation.
METHODOLOGY
Shan–Chen Multiphase LBM
The SC LBM has been implemented in two dimensions for the multiphase system. The distribution function is introduced for fluid components. And it satisfies the following lattice Boltzmann equation:
[image: image]
where [image: image] is the density distribution function which represents fractions of fluid molecules with a specific velocity [image: image] at a specific position and time t when time and space are discretized by [image: image] and [image: image]; [image: image] is a relaxation time which is related to the kinematic viscosity as follows:
[image: image]
The equilibrium distribution function [image: image] can be calculated as
[image: image]
where [image: image] is the discrete velocity. For the D2Q9 model, they are given by 
[image: image]
And where [image: image] is the weighting factor:
[image: image]
where [image: image], [image: image] is the ratio for lattice spacing [image: image], and the time step is [image: image]. In Eq. 2, [image: image] is the density of fluid, which can be obtained from [image: image]. Macroscopic velocity [image: image] is given by
[image: image]
where [image: image] is a velocity which is defined as
[image: image]
In Eq. 5, [image: image] is the force acting on the fluid component, including fluid–fluid cohesion [image: image] and excluding fluid–solid adhesion.
Fluid–Fluid Cohesion
The cohesive force acting on the fluid component is defined as
[image: image]
where [image: image] and [image: image] denote two different fluid components, and [image: image] is a parameter that controls the strength of the cohesion force.
RESULTS AND DISCUSSIONS
Qualitative Analysis
In this study, the initial density is set to be 1. The periodic boundary conditions are used for all boundaries in the 301 × 301 mesh. Initially, droplets are distributed uniformly in the domain. Small droplets grow up gradually by dispersion leading to a high degree of heterogeneity because larger droplets are able to minimize surface energy. Small droplets became less by coalesce due to dispersion and local flow behaviors. In the entire domain, the interface between two phases was decomposed into several high-density zones and low-density zones. Later, phase zones can further coalesce and grow up resulting minimized total lengths of the interface under surface tension. When the computations reached to the equilibrium state, two phases will separate completely. Small structures tend to have a spherical shape with a smooth surface before evaporating by diffusion (Reis and Phillips, 2007).
Various interactive forces have effects on speeds of phase separations. The density ratio and viscosity radio between two phases are represented as [image: image] and [image: image], respectively. As expected, higher interactive strengths lead to more clear and quick separations. A two-phase system with small interaction may fail to separate. In Figure 1, the system with the intermediate interactive strength is able to represent similar structures like those in the system with a low interactive strength earlier. At the final stage (Figure 1D), phase separation was shown as top and bottom bands. Initially, intermediate and final stages of phase separations with the highest interaction show the most clear interface boundary. Initial random structures have grown up into larger band-like structures and then coalesce. Under surface tension, the bands reshape into small droplets or bubbles for minimizing surface energy. At last, the domain was full of stably moving big droplets. If the simulation time is long enough, all droplets will merge into one. When we observe the separation behaviors at one specific time in a row, the interaction with a small interactive strength requires more time to evolve until the separation process is complete.
[image: Figure 1]FIGURE 1 | Density fields under isothermal conditions for phase separation procedures with [image: image].2 and [image: image] = 1 using the interactive strengths with [image: image] = −1 at four times: (A) 100 ts, (B) 200 ts, (C) 300 ts, and (D) 1800 ts.
Phase separation happens in a system with an intermediate specified interactive force; see Figure 2. A clearer structure involving separated behaviors can be seen quickly. Distinctive band structures are formed with random swings but are hardly evolved into further structures within the simulation time.
[image: Figure 2]FIGURE 2 | Density fields under isothermal conditions for phase separation procedures with [image: image].2 and [image: image] = 1 using the interactive strengths with [image: image] = −30 at four times: (A) 100 ts, (B) 200 ts, (C) 300 ts, and (D) 1800 ts.
When the interactive strength is risen to a high level with the magnitude of -100 shown in Figure 3, the exceptional separated structures are shown. Many smaller band structures are displayed in the earlier stage (Figure 3B). Subsequently, such “bands” are further combined (Figure 3C) and then reshaped into some round bubbles (Figure 3D).
[image: Figure 3]FIGURE 3 | Density fields under isothermal conditions for phase separation procedures with [image: image].2 and [image: image] = 1 using the interactive strengths with [image: image] = −100 at four times: (A) 100 ts, (B) 200 ts, (C) 300 ts, and (D) 1800 ts.
Structure Factor
Structure factor is used by the Fourier transform of spatial distributions of droplets or bubbles to present instabilities observed. Here, the first structure factor evolution will be showed as the function of simulation time. The structure factor shows heterogeneity changes due to phase separation (Zou et al., 1994). The structure factor is defined based on the fluctuation–dissipation theorem within integration of the imaginary part of the density response function. For a discrete system we are studying, it is given by
[image: image]
where [image: image] is the total number of grid points in the domain. [image: image]; [image: image], and [image: image] is the linear lattice size. [image: image] is the special average of [image: image] at time t.
Structure factor is a quantitative measure of the structure along a prescribed direction. A value at a given wave number indicates the presence of heterogeneity in the periodic domain. Here, we present the first structure factors along the x and y directions. These structure factors are associated with heterogeneities developed to the size of the computational domain.
The onset of phase separation is defined as the time when the structure factor is above zero. In order to evaluate fluctuations from phase separation behaviors, graphic distributions are used corresponding to structure factors at selective times. Initially, random uniformed structures are specified in the domain, with a low value of structure factors; see Figure 4A. Then, small droplets start to merge with the neighboring ones, and therefore, relative bigger droplets or chunks were distributed with an increasing fluctuation presenting by higher structure factors, in Figure 4B. In Figure 4C, the structure factor of low interactive strengths is observed to be a peak. As separation continues, some droplets become larger than others, which results in uneven structures in the domain. These larger and more nonuniformed structures were verified by maximum of the mean structure factor value at the approximate 300th step. In Figure 4D, high- and low-density phases at the 1800th step were alternately distributed, and values of mean structure factors in Figure 4 remain.
[image: Figure 4]FIGURE 4 | Temporal evolution of mean structure factors over entire domain in the phase separation system with interactive strengths of [image: image] = −1 at four times: (A) 100 ts, (B) 200 ts, (C) 300 ts, and (D) 1800 ts.
Structure factors of the system with medium interactive strengths are shown in Figure 5. Similarly, the initial random uniformed distribution is shown in Figure 5A, which corresponds to low structure factors in Figure 5. And such low-level fluctuations are able to stay longer until approximately 200 steps as shown in Figure 5B due to increasing repulsive interaction compared to the low interactive strength. When large droplets further combine with neighboring same materials, some laminated structures appeared, and mean structure factors reach a peak at the approximate 800th step (Figure 5C). Although similar band structures are seen as those in the system with the low interactive strength, a clearer boundary between two phases is revealed.
[image: Figure 5]FIGURE 5 | Temporal evolution of mean structure factors over entire domain in the phase separation system with interactive strengths of [image: image] = −30 at four times: (A) 100 ts, (B) 200 ts, (C) 300 ts, and (D) 1800 ts.
When the interactive strength is increased to 100, quite clear phase separation is observed as shown in Figure 6. Highest values of mean structure factors among three systems are shown. From the beginning, distinct boundaries enclosing large droplets or chunks were taken shape as shown in Figures 6A and B. But, structure factors are low because degree of heterogeneity at these stages is relatively small. At the approximate 300th step (Figure 6C), structure factors are gradually fortified as a variety of sizes of droplets or chunks. Additionally, structure factors in this systems exhibit a smooth profile that is different from previous two systems with curved trends. This suggests that a two-phase system with strong repulsive interaction involves continuous fluctuations rather than abrupt changes.
[image: Figure 6]FIGURE 6 | Temporal evolution of mean structure factors over entire domain in the phase separation system with interactive strengths of [image: image] = −30 at four times: (A) 100 ts, (B) 200 ts, (C) 300 ts, and (D) 1800 ts.
CONCLUSION
Phase separation is studied via the LBM-SC model and analyzed quantitatively using structure factors.
• Evolution of phase separation is observed in spatial distribution in four stages within periodic domains.
• Uniformed droplets aggregate into larger ones under interactive forces.
• The structure factors of the binary mixture develop in time that corresponds to changes of fluctuation due to phase separations.
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Emulsified behaviors are of importance for chemical flooding. Properties of emulsifiers relate droplets coalescence and transport. Since experiments do not provide access to observables of interest. Numerical simulations with mesoscale scheme pose attractive method to gain insight into emulsifying stability, which is defined as a period of oil droplets movements at fixed ranges. A phase field based lattice Boltzmann model is used which simulate interface behavior. Various parameters including emulsified droplet size, interface thickness, viscosity ratio and density ratio have been discussed. The aim of this study is to provide a critical suggestion that predictive emulsifying behaviors of small oil droplets immersed in water environment.
Keywords: emulsion, phase field model, LBM, time window, surfactant
INTRODUCTION
Chemical flooding is an effective technique that plays an important role in oil production at the middle and late stages, in which basic theory is to improve mobility of the hydrocarbon by altering the interfacial conditions. Interfacial tension between oil and water can be realized by adding surfactant. Generally, some additives including high-viscosity polymer are injected with water to improve oil displacement efficiency, and therefore, oil recovery is enhanced. We found that the interfacial phenomenon produced by an emulsifier greatly impacts its emulsifying performance (Sun, Z., et al.). However, the knowledge of the interfacial properties is still lacking (Mohammed and Babadagli) (Sun, Z., et al.) (Cui, Ren, et al.) (Dicharry et al.) (Moran et al.) (Wang et al.) (Temple-Heald et al.) (Cui, Pei, et al.).
Many surfactant studies in oil production have been focused on designs of molecular structures and corresponding evaluations (Dong et al.) (Zhang and Feng) (Ding et al.) (Zhang et al.). In fact, the response time provided by an emulsifier in a target environment is directly and firstly related to its emulsifying performance. However, there are few studies regarding emulsion response time to investigate interfacial behavior. The interfacial interaction can be treated as the attractive/repulsive forces, or as both representing emulsion in numerical models (H.Nour et al.).
Unfortunately, capturing interfacial properties accurately is a challenge, numerically. The interface in numerical treatment has different strategies due to the steep gradients of properties in the normal direction. Here, the lattice Boltzmann equation (LBE) is proposed to study interfacial behavior, which should integrate both microscopic models for the interface and meso-scopic kinetic equations (Lamura et al.) (Song et al.). In the present study, the LBE with interface capturing is used to solve the velocity field, and the basic idea is developed by (Zheng et al.). Instead of recovering the fluid momentum macrodynamic equation (Swift et al.), it has better performance by recovering the fluid velocity based one (Zheng et al.).
GOVERNING EQUATIONS OF MOTION FLUIDS
Phase Field Theory
A brief outline of this method will be in this section and for more detailed discussion refer to Jacqmin (1999). An order parameter [image: image] is used to define two fluids in this diffuse interface method, and a Landau free energy function is defined as
[image: image]
[image: image] is the control volume, k is the coefficient of surface tension,[image: image] is the bulk free energy density (Tóth and Kvamme), which is related to physical intermolecular interactions in gas or fluids. The free energy density in an isothermal system can be used:
[image: image]
Where [image: image] is the constant dependence on the interfacial properties including thickness and surface tension. [image: image] and [image: image] are the constants based on the equilibrium state corresponding marked bulk fluids A and B, respectively (Van Der Sman and Meinders). Generally, [image: image]. The free energy [image: image] yields the chemical potential
[image: image]
[image: image]
Where [image: image]. The interface plane profile can be obtained by solving [image: image]then the interface is
[image: image]
Where[image: image] is the coordinate normal to the interface and [image: image] is the interfacial thickness that is given by
[image: image]
The surface tension between fluid and fluid is represented as
[image: image]
Cahn and Hillard approximated interfacial diffusion fluxes which is proportional to chemical potential gradients (Zu and He). The interface profile can be described with respect to [image: image]:
[image: image]
Where [image: image] and t are the velocity and time, and [image: image] is a mobility coefficient.
Hydrodynamic equations in the phase-field model for incompressible multiphase flows are given by
[image: image]
[image: image]
[image: image] is the density of fluid; [image: image] is the hydrodynamic pressure which emphasizes incompressibility; [image: image] is the viscous stress tensor, and[image: image]is the dynamic viscosity; [image: image] is the force associated with surface tension.
LBE for a Velocity Based Method
A standard LBE form for hydrodynamic properties is represented as
[image: image]
For particle distribution function in the phase space, it has the microscopic velocity [image: image] and an external body force may be added [image: image] at the [image: image] space coordinate and time [image: image]; [image: image] is the its corresponding equilibrium state; [image: image] is dimensionless relaxation time for velocity field; [image: image] is a time step.
In the present study, a 2-dimensional 9-velocity (D2Q9) LBM structure is used to solve the field in 2D.
The particle velocity in the D2Q9 structure can be given using Gauss-Hermite quadrature in
[image: image]
Where [image: image] and [image: image] is the streaming length. In performing LBM in recovering the incompressible flow condition, we introduced a set of relations to be compiled by the zeroth, first and second moments of the equilibrium distribution function [image: image]:
[image: image]
[image: image]
To satisfy the function above, the following equilibrium distribution function is.
Introduced as:
[image: image]
For D2Q9 model, weighting factor [image: image] is given by
[image: image]
The reference speed of sound [image: image].
Interface Capturing
Interface capturing is proposed to be given as:
[image: image]
Where [image: image] is the distribution for the order parameter; [image: image] is its corresponding equilibrium state; [image: image] is a relaxation time for the order parameter; and [image: image] is a constant as [image: image].
The moments of the equilibrium distribution satisfy
[image: image]
[image: image]
Then, density can be calculated according to mass conservation as in Owengrub and Truskinovsky (1998)
[image: image]
The viscosity distribution within interface in the LB is given by
[image: image]
Discretization
The Laplacian of the force terms can be discretized and interfacial force is adopted
[image: image]
[image: image]
Where [image: image] is any macroscopic quantity. We use second-order central difference to the directional derivatives in [image: image]direction as
[image: image]
[image: image]
VALIDATION
A test with one static droplet is to verify the phase field multiphase lattice Boltzmann model. Initially, a static water droplet is placed in the middle region of a computational domain. Periodic boundary conditions are applied to all boundaries. Physical properties of two phases are given by [image: image], [image: image], and surface tension is 0.0005 N/m the lattice spacing [image: image] is 1 [image: image] in physical units. [image: image]. Order parameter relaxation time [image: image] is [image: image]. At last, the bubble reaches the equilibrium. The pressure difference [image: image] across a static bubble is related to the surface tension [image: image] according to Laplace’s law:
[image: image]
The radius of the droplet [image: image] occupies several lattice units, which are surrounded by a quiescent phase. The boundaries of the computational domain are set to be periodic.
There is a good agreement between simulation results and the theoretical predictions, see Figure 1. The maximum error is less than 2.5%. This indicates that the surface tension simulations in the LB multiphase model have great accuracy.
[image: Figure 1]FIGURE 1 | Theoretical prediction (solid line) and numerical measurements of Laplace law (circles).
RESULTS AND DISCUSSIONS
The parameters in the model are specified as dimensionless ratios between oil and water including viscosity and density ratios that represent external conditions. Interface thickness reflects the chemical properties of various surfactants. Radius depicts the size of the potential emulsified droplet.
Simulations of the binary droplet collision were carried out. Slip and no penetration boundary conditions are imposed at all boundaries of the computational domain. Two droplets are initially located at a far-center distance of 4[image: image], and are moved towards each other by an attractive force until contact.
Head-On Collisions and Pre-coalescence of Binary Droplets
In order to evaluate the effects of various dominant parameters on emulsifier performance, a measurement is proposed. Two moving oil droplets immersed in water (light fluid) have interfacial behavior with the following procedures, see Figure 2. Initially, two bodies move from far afield. When the two reach the region where the distance between the two body centers is smaller than 2R, the first time is reckoned in as [image: image]. The two droplets continue to move until they make contact; the second time point is then recorded at the contact, [image: image]. Later, they start to merge into one, since the interface with double thickness would become small, if enough time would be given.
[image: Figure 2]FIGURE 2 | Temporal snapshots of two moving droplets within the time window from start time point to contact time point: [image: image], surface thickness d = 25 lattice units, viscosity ratio, and density ratio are set to be 10.
To quantify the balance between surface tension and interactive strength numerically, the selection of time window is defined as effective moving time. Here, effective moving time starts from the distance between droplets smaller than two radiuses to the nearest boundary distance equal to twice interface thickness, [image: image]. This time window represents degree of emulsified stability, i.e. the larger the time window is offered by specified emulsion, the better performance is showed, and vice versa.
Quantitative Measurements of Time Windows
To advise engineers to select one surfactant with good expectation, the effects of various parameters on the time window have been studied quantitatively.
Sizes of Existing Droplets, [image: image] and Interface Thickness [image: image]
Surface tension is used to reflect the interactive strength of the two emulsified droplets and has significant effect on two phase interfacial behavior, and thereby the time window within effective contact distance between two droplets is measured as defined in Head on Collisions and Pre Coalescence of Binary Droplets. In order to keep surface tension acting on two phase systems at a reasonable level, various parameters are evaluated. In Figures 3, 4, effective time windows are decreased with the increase of magnitudes of surface tensions in systems with different radiuses and surface thicknesses. Weak interfacial strengths from two phases induce large time windows in which emulsifiers perform small surface tensions that are convenient for managing and controlling the cost of emulsifying stability.
[image: Figure 3]FIGURE 3 | Effects of droplets sizes on time windows: circles ([image: image]= 35 lu), squares ([image: image]= 25 lu) and triangles ([image: image]= 15 lu) represent three specified droplet sizes, respectively; empty symbols stand for thick surfaces (d = 10 lu) and solid symbols mean thin surfaces (d = 5 lu), respectively.
[image: Figure 4]FIGURE 4 | Effects of surface thicknesses on time windows with [image: image] and [image: image]: empty symbols stand for thicker surfaces (d = 10 lu) and solid symbols mean thin surfaces (d = 5 lu), respectively; squares ([image: image]= 35 lu), triangles ([image: image]= 25 lu), and circles ([image: image]= 15 lu) represent three specified droplet sizes, respectively.
Figures 3, 4 both show the same trends on sizes of dispersed phases in terms of the effective time window. Smaller droplets have a wider time window due to increased total surface energy. Therefore, smaller ones are able to perform better stability and improve flow capability. On the other hand, larger droplets remain with a short duration that is used to govern contact behavior.
Shells of oil droplets and dimensions of emulsified droplets relate to emulsifying performance from chemical components of a specified emulsifier. To assess the effects of surface thicknesses and droplet radius on the time window, two thicknesses were specified on droplets surfaces as 5 and 10 lattice units and three droplets R = 15, 25 and 35 lattice unit (lu) are simulated, respectively. As the interface thickness is increased (empty symbols), the overlapped symbols indicate that sizes of internal phases have little effect on effective contact time. Meanwhile, if the thin shells with small surface thicknesses are attached onto oil droplets, the impact of the existing droplet dimension becomes significant, especially when surface tension is small. This means that the emulsifier with a capability of forming small oil droplets and a thick interface would be recommended. Furthermore, slopes of systems with thicker interfaces in both figures point out that it is sensitive to interface thickness as it changes faster at relatively high surface tension coefficients from 2.0[image: image] to 2.5[image: image] mu/ts2. Surface energy of the dispersed phase under high surface tensions is declined, so droplets carrying thicker interfaces are easier to shrink. Therefore, time windows are decreased dramatically.
Effect of Density Ratio, μ∗
In Figure 5, differences in viscosities between oil and water are dimensionlized as [image: image] = [image: image]. Simulation results imply that emulsified heavy oil droplets have less time than emulsified lighter oil droplets due to narrow time windows in high viscosity ratio systems, while this does not mean, conflictingly, that heavy oil is easier to emulsify. Once the oil phase has been emulsified, such a dispersed state would have stayed longer in the water phase. Decreased viscosity differences between oil and water can increase the retention time of the dispersed phase, so some emulsifiers like polymer with high viscosities have been widely applied to enhanced oil recovery. The emulsifiers with different properties are represented by three different surface tensions, but the same interfacial thickness is kept. It suggests that to decreased surface tension is still an efficient way to manage emulsifying behavior easily. Besides, decreasing the dimension of droplets can enhance the impact on time windows shown from more dispersed symbols (empty). It is thereby confirmed that some emulsifiers can make small droplets stay dispersed longer when the viscosity of the external phase is high, and it does agree with our common sense.
[image: F5]FIGURE5 | Effects of viscosity ratio [image: image] on time windows: solid symbols represent large droplets (R = 25 lu) and empty symbols stand for small droplets (R = 15 lu), respectively; diamond ([image: image]= 1[image: image] mu/ts2), squares ([image: image]= 2[image: image] mu/ts2) and circles ([image: image]= 2.5e-4 mu/ts2) represent three specified surface tensions, respectively.
Effect of Density Ratio [image: image]
Density is one of the most remarkable parameters in oil production. Density ratios in our LB simulations are varied from 0.8 to 1.4 recovering ranges of light to heavy oil extraction in reality. Simulation results from Figure 6 demonstrate that emulsifiers having increasing probability of emulsifying smaller droplets are recommended which not only show good emulsifying performance, but also are beneficial to manage the emulsifying process due to the large time windows left for engineers. Generally, physical properties of oil and water are fixed, small slopes (empty symbols) of systems with small droplets impact on time windows denote that increased density ratios between oil and water that can ensure relatively long durations of being dispersed. Therefore, the emulsifier carried by water should be designed to increase the density of the external phase comparing the density of the internal phase. This is to say that the less difference in density between the internal and external phases, the better emulsifying performance should be expected.
[image: Figure 6]FIGURE 6 | Effects of density ratio [image: image] on time windows: solid symbols represent large droplets (R = 25 lu) and empty symbols stand for small droplets (R = 15 lu), respectively; circles ([image: image]= 1[image: image] mu/ts2), squares ([image: image]= 2[image: image] mu/ts2) and triangles ([image: image]= 2.5[image: image] mu/ts2) represent three specified surface tensions coefficients, respectively.
REMARK CONCLUSIONS
In this study, an effective time window is defined to measure emulsifying properties via staying times of dispersed phases. Interfacial tension, interfacial thickness, and differences of density and viscosity between dispersed and continuous phases have been simulated for the management and design of the emulsifiers.
1)Emulsifiers with a capability of forming small droplets and a thin interface outside are suggested, since small time windows indicate the good emulsifying performance can keep the droplets dispersed longer.
2)Small interfacial tensions provided by emulsifiers are still desired.
3)Decreasing differences of viscosities and densities between oil and water are also advised to design a binary emulsifying system.
4)A suitable emulsifier is not controlled by only one parameter. The difficulty in designing better performing emulsifiers relies on balancing these various parameters.
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Acidizing technology is an effective reformation method of oil and gas reservoirs. It can also remove the reservoir pollution near wellbore zones and enhance the fluid transmissibility. The optimal injection rate of acid is one of the key factors to reduce cost and improve the effect of acidizing. Therefore, the key issue is to find the optimal injection rate during acid corrosion in fractured carbonate rock. In this work, a novel reactive flow mathematical model based on two-scale model and discrete fracture model is established for fractured carbonate reservoirs. The matrix and fracture are described by a two-scale model and a discrete fracture model, respectively. Firstly, the two-scale model for matrix is combined with the discrete fracture model. Then, an efficient numerical scheme based on the finite element method is implemented to solve the corresponding dimensionless equations. Finally, several important aspects, such as the influence of the injection rate of acid on the dissolution patterns, the influence of fracture aperture and fracture orientations on the dissolution structure, the breakthrough volume of injected acid, and the dynamic change of fracture aperture during acidizing, are analyzed. The numerical simulation results show that there is an optimal injection rate in fractured carbonate rock. However, the fractures do not have an impact on the optimal acid injection rate, they only have an impact on the dissolution structure.
Keywords: fractured carbonate rock, two-scale model, the discrete fracture model, reactive flow, numerical simulation
INTRODUCTION
Since the 1980s, many scholars have conducted systematic research on matrix acidizing. Hoefner (Hoefner and Fogler, 1989; Fredd et al., 1997) and (Fredd et al., 1997) first undertook studies on the dissolution patterns of porous media. They injected the inorganic acid into limestone, then, injected the low melting point alloy into limestone after acid etching. They studied the dissolution structure of porous media by observing the shape of the alloy. (Hoefner and Fogler, 1988) used the network model to study the wormhole propagation and formation in the porous media and performed a series of experiments to analyze the mechanism of wormhole formation and many numerical simulations to study the characteristics of the mass-transfer limited regime and reaction-limited regime. These results suggested that the branch length of the main channel will never exceed the distance between the branch and the main channel. Next, based on this mathematical model, (Budek and Szymczak, 2012) improved the extended pore network model to qualitatively characterize the dissolution patterns at different Damköhler numbers and analyze optimal injection velocity. (Kim and Santamarina, 2015) explored how CO2 dissolves into water and flows into the reservoir with a 2-D pore network model. (Wang et al., 1993) adopted the core displacement method to study the influence of temperature, acid concentration, and the velocity of the injected acid on the wormhole. Finally, (Frick et al., 1994) also found the optimal injection rate at different acid concentrations and temperatures in the radial core. These analysis result consistent with their mathematical model, which can predict the wormhole diameter and the permeability influences the breakthrough time in the cross-section of the core.
(Bazin et al., 1995) proposed a pressure drop function based on morphology after acidizing. (Daccord et al., 1989) used water flowing on gypsum to simulate wormhole formation, three dissolution patterns were obtained: compaction, wormhole, and uniform. (Bazin, 2001) studied the optimal injection rate of injected acid using CT scanning technology and (Ziauddin and Bize, 2007) discusses the influence of the heterogeneity of porous media on the dissolution patterns based on CT scanning technology, NMR, and SEM technologies. (Zhang et al., 2017) studied the dissolution structure of acid-etched core by CT scanning technology, undertaking (He, 2009) an acid erosion experiment on carbonate rocks with undeveloped fractures, but the permeability is so low that the injected acid struggles to form a wormhole and break through the core end. (Yang and Pan, 2000) studied the influence of the injection rate and type of acid on dolomite based on the mechanism of acid filtration. (Daccord et al., 1989) described the dissolution structure based on fractal theory. (Golfier et al., 2001) studied the reactive flow combined with Brinkman. They found that the optimal condition was related to the acid concentration and the length of the core. This was the first confirmation that the acid capacity number affects the breakthrough time of injected acid.
A.D.Hill (Hill et al., 2009) built a model of wormhole formation considering acid filtration theory. (Liu et al., 1997) developed a simulator to describe the dissolution patterns. (Chen and Ying, 2006) deduced the equations of acid diffusion and acid surface reaction rate of reactive flow. (Catherine, 2004) injected the CO2-enriched water into the limestone to study the relationship between porosity and permeability, which are distinct at different dissolution stages in the core. (Andersen and Evje, 2016) considered flow through a fracture coupled with diffusion to the surrounding matrix, where the reaction occurring presented a reactive flow model in the fractured medium. (Nierode and Williams, 1971) established description equation for reactive flow based on the reaction kinetics, indicating that the mass transfer coefficient of solute in acid affects the result of acidizing treatment, and the effect of matrix acidizing was related to the injection rate of acid in the ground.
The above physical experiments and numerical simulation experiments did not consider the influence of natural complex fractures on the dissolution patterns and the dynamic change of fracture aperture during acid-rock reaction time. In response, this paper established a novel mathematical model of reactive flow in a fractured medium based on the two-scale model and the discrete fracture model. The numerical simulation of reactive flow in the fractured medium was realized.
In The Mathematical Model for Matrix of this paper, the two-scale mathematical model in matrix is presented. The Mathematical Model for Fracture outlines the mathematical model of reactive flow in a fractured medium based on the discrete fracture model. Then, in Dimensionless the governing equations and boundary conditions are written in a dimensionless formula. Validation of the Model verifies the theoretical model by examining the conclusions of previous studies. In Numerical Results and Discussion, the numerical simulation of reactive flow is studied in different conditions. Finally, the paper is summarized by conclusions in Conclusion.
THE MATHEMATICAL MODEL FOR MATRIX
Darcy Scale Model
The flow equation of injected acid in a porous medium is described by Darcy’s law, the formula is written as:
[image: image]
Where, v is the vector of Darcy’s velocity, m/s; K is the tensor of permeability in study region, m2; μ is fluid viscosity, mPa·s; P is fluid pressure, Pa. The continuity equation is derived from the law of mass conservation, the formula is as follows:
[image: image]
Where, ϕ is the porosity of carbonate rock; t is reaction time, s. Qmf is the normal flow rate through the interface between the matrix system and the fracture system.
Generally, when the acid is injected into the carbonate rock, the equation of acid transport in the rock is described by the following mass balance equation.
[image: image]
Where, Cf is acid concentration in a liquid phase, mol/m3; De is the tensor of the diffusion coefficient, m/s2; Φmf is solute mass transmitted into the matrix system through the interface between matrix medium and fracture medium. R is reaction term, its physical significance is that the amount of acid transferred to the liquid-solid surface is equal to the consumption of surface reaction, the formula of reaction term is expressed as:
[image: image]
Where, av is specific surface area, m−1; kc is local transport coefficient of acid, m/s; Cs is the acid concentration of liquid-solid surface in core pore, mol/m3, it is calculated by:
[image: image]
The porosity will change as acid corrodes carbonate rock. The calculation formula of dynamic change of porosity is as follows:
[image: image]
Where, α is the dissolving power of acid, kg/mol; ρs is the density of carbonate rock, kg/m3.
Pore Scale Model
The porosity, radius of the pore, and specific surface area of rock are decided by pore structure. It is a dynamic process and the injected acid changes the pore structure of rock when it continuously erodes porous media. This means that the different kinds of physical parameters of carbonate rock will change dynamically. There are two methods to compute the physical parameters of carbonate rock in reactive flow (Panga et al., 2005; Kalia and Balakotaiah, 2009; Maheshwari et al., 2013; Ghommem et al., 2015; Liu et al., 2020). In the first method, these various physical parameters are computed based on the dynamic change of pore structure obtained through the laboratory. Another method is to calculate the various physical parameters of rock according to empirical or semi-empirical formulas. This paper adopts the modified Carman Kozeny equation to describe the dynamic change of porosity and permeability, the formulas are as follows:
[image: image]
Where, rp is pore radius, m; [image: image] is initial specific surface area, m-1; k0 is initial permeability, m2; ϕ0 is initial porosity; β is a constant that depends on the structure of the medium.
When solute of liquid phase flows in the pores, the velocity of solute in the acid through the pore flows from liquid phase to pore surface and contact with the pore surface is expressed by the rate of the mass transfer. It can be seen from Eq. 1.5 that the effect of the rate of mass transfer on reactive flow cannot be ignored when the acid system is certain, because its magnitude makes a difference to the chemical reaction. (Panga et al., 2010) defined a dimensionless number to the analysis of the associated factors, it is referred to the Sherwood number and represents the dimensionless mass transfer coefficient, it is given by:
[image: image]
Where, rp is the average pore radius of porous media, m; Dm is the molecular diffusion coefficient, m/s2; Sh∞ is asymptotic Sherwood number of the pore, b is a constant number related to the structure of porous media, b = 0.7/m1/2, where, the m is the ratio of pore length to pore radius, Rep is pore Reynolds number, Rep = 2urp/ν, where, ν is hydrodynamic viscosity; Sc is Schmidt number, Sc = νk/Dm, νk is hydrodynamic viscosity.
Diffusion Coefficient
When the acid is transported in the homogeneous and anisotropic matrix, in 2D, the diffusion tensor is characterized by axial diffusion coefficient DeX and transverse diffusion coefficient DeT. There is only solute molecular diffusion in the liquid phase and the transverse diffusion coefficient equals the axial diffusion coefficient when the fluid does not flow, the formula is as follows:
[image: image]
Where, Dm is the molecular diffusion coefficient, m/s2; αos is a constant related to the structure of porous media (such as tortuosity or connectivity between pores). The two-dimensional diffusion coefficient of acid relates to the geometry of porous media, the flow pattern of pore scale, and the properties of acid. Researchers usually define a dimensionless Peclet number to describe the contrast between convection and diffusion. The expression formula of the Peclet number is found to be
[image: image]
Where, |v| describes the magnitude of Darcy’s velocity, m/s; dh is pore diameter of porous media, m.
The formula of diffusion coefficient derived by Panga (Panga et al., 2010) is used to describe the diffusion of acid in porous media in this paper. the diffusion coefficient can be computed as:
[image: image]
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Where, the subscript of X and T denotes the injection direction and vertical transverse direction of acid injection; αos, λT, and λx are constants that have typical values of 0.5, 0.5,0.1 for a packed-bed of spheres (Kalia, 2008; Kalia and Balakotaiah, 2009; Liu et al., 2017), respectively.
Initial Conditions and Boundary Conditions
The pressure at the outlet is constant and the outlet boundary is a constant pressure boundary. The upper and down boundaries are closed boundaries. The specific expression of boundary conditions is given by:
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Where, u0 is initial injection velocity, m/s; C0 is a concentration of injected acid at the inlet, mol/m3; Pe is a constant, it is boundary pressure at the outlet, Pa.
A random function [image: image] is defined to simulate the heterogeneity of rock. Its value varies from -Δϕ0 to +Δϕ0 and satisfies the random function of uniform distribution, the generated initial porosity field is shown in Figure 1. The heterogeneity of fracture aperture is defined in this way.
[image: Figure 1]FIGURE 1 | Initial porosity field.
THE MATHEMATICAL MODEL FOR FRACTURE
The governing equation of the fracture system is written as:
[image: image]
Where, vf is the velocity vector of injected acid in the fracture system, the subscript f denotes fracture, d is fracture aperture, ϕf is fracture porosity; Qmf is the flow exchange between the matrix system and fracture system. According to the cubic law, the flow velocity of injected acid in fracture system is expressed by the Poiseuille equation, the expression equation of flow velocity is given as:
[image: image]
The expression equation of permeability in fracture system is derived as:
[image: image]
Similarly, the convection-diffusion equation in fracture system is obtained as:
[image: image]
Where, Cf is the concentration of injected acid in the fracture system, De,f is the effective diffusion coefficient of solute in acid in the fracture system. Φmf is solute mass transmitted into the fracture system through the interface between matrix medium and fracture medium. Fracture aperture changes when the acid flow in the fracture system alters. The dynamic change process of fracture aperture can be obtained as:
[image: image]
The effective diffusion coefficient (Steefel and Lichtner, 1998) of solute in acid in fracture system is as follows:
[image: image]
Where αf is constant, which is equal to 0.5 in this paper.
DIMENSIONLESS
Many factors affect the process of reactive flow. The above governing equations and boundary conditions are written in a dimensionless formula to make the numerical solution of reactive flow easier and numerical simulation results more clear. The expression equations are defined:
[image: image]
Where the superscript ∗ denotes dimensionless; L is a characteristic length of the research area of the mathematical model; x,y are parameters of the coordinate system; U∗ indicates that velocity vector is dimensionless; K∗ indicates that the permeability vector is dimensionless; k0 is initial permeability of porous media; [image: image] is average pore radius of porous media; [image: image] is initial specific surface area, B indicates that fracture aperture is dimensionless; the subscript f denotes fracture; Df∗ indicates diffusion coefficient is dimensionless; K∗ indicates that permeability vector of fracture is dimensionless. Da represents the rate of reaction velocity to convection velocity at the core scale.
Based on the expression of the above-mentioned variables, dimensionless variables are substituted into governing equation. The dimensionless equations are obtained:
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The dimensionless equation of porosity changing is
[image: image]
The dimensionless equation of diffusion coefficient is rewritten as:
[image: image]
The above equations are mathematical models of matrix systems for reactive flow. The dimensionless mathematical equations in the fracture system for reactive flow are
[image: image]
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Where, the expression equation of diffusion coefficient Df∗ is
[image: image]
The dimensionless boundary conditions and initial conditions are arranged as:
[image: image]
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VALIDATION OF THE MODEL
In this section, the correctness of the mathematical model of the matrix is verified. The numerical simulation results are compared with (Fredd and Fogler, 1999) physical experiment results. In the physical experiment, the diameter of the core is 3.8 cm and the length of the core is 10.2 cm. The comparison results of numerical simulation and physical experiment are shown in Figure 2.
[image: Figure 2]FIGURE 2 | Comparison of physical experiment and numerical simulation.
Through the comparison results, there are five different dissolution patterns. The results of numerical simulation in this paper are consistent with physical experiment in Fredd’s paper. A numerical example is used to test the accuracy of the mathematical model in Panga’s paper (Panga et al., 2010). The length and width of the model are 5 and 2 cm, separately. The initial porosity is 0.2, the fluctuation range is 0.05, Ф2 = 105, Nac = 0.1, hT2 = 0.07. The comparison cures are shown in Figure 3. It shows that the two cures are not coincident. The reasons are the difference between accurate value and solving algorithm.
[image: Figure 3]FIGURE 3 | Comparsion chart of fitting cure.
NUMERICAL RESULTS AND DISCUSSION
In this section, the numerical simulation of reactive flow in the fractured medium is implemented based on the above dimensionless mathematical model. The parameters and values in the numerical simulation are shown in Table 1. Unless otherwise specified, all parameters remain unchanged. The corresponding dissolution patterns in complex fractured media are studied, then, the effect of fracture aperture and the fracture orientation on dissolution structure and breakthrough volume of injected acid are studied in a single fracture system. The effect of heterogeneity of initial fracture aperture and dynamic variation of fracture aperture with dissolution on dissolution patterns, dissolution structure, and breakthrough volume of injected acid are studied. In this case, Da = 250.
TABLE 1 | The parameters and values in numerical simulation.
[image: Table 1]The definition equation of the breakthrough volume of injected acid is as follows:
[image: image]
Where, Vacid is the consumption volume of injected acid; Vip is the initial pore volume of the core; Qacid is the flow rate of injected acid, Tbt is waste time that injected acid breaks through core when the pressure rate of inlet end to outlet end is 0.01 at each time point.
Dissolution Patterns at Different Damköhler Number
The results of the numerical simulation are shown in Figure 4. There are five different dissolution patterns with Damköhler number changing. They are face dissolution, conical dissolution, wormhole, branch dissolution, and uniform dissolution. Figure 4A is the concentration field, Figure 4B is the porosity field. Column (A) is the concentration field and porosity field in the initial phase. (B) is the concentration field and porosity field when injected acid breaks through the core. It can be seen that there is a big difference among dissolution patterns. The reason is that the dissolution patterns are determined by the combined effect of convection velocity and reaction velocity of the solute in acid. When the convection velocity is smaller than the diffusion velocity and reaction velocity, the reaction between acid and rock is mainly controlled by the diffusion and reaction velocity of solute in acid. Therefore, the hydrogen ions transferred from the center of the pore to the surface of the pore will be completely consumed by the chemical reaction, and the rate of injected acid cannot promote the injected acid to penetrate the core deeper. In this case, the dissolution of acid in the core is named surface dissolution. As the rate of injected acid gets higher, so does the convection velocity of solute in acid, and the convection velocity is dominant for diffusion velocity and reaction velocity.
[image: Figure 4]FIGURE 4 | Dissolution patterns of different Damkohler numbers. (a) Face dissolution, Da = 2,000; (b) Concial dissolution, Da = 1,000; (c) Wormhole, Da = 250; (d) Branching dissolution, Da = 100; (e) Uniform dissolution, Da = 1. (A) The initial phase; (B) The dissolution structure when injected acid breaks through the core.
The solute in the acid flows away before it reacts on the pore surface of carbonate rock. This results in the core pores being filled with acid and leads to a uniform variation in pore porosity. There is no dominant channel in the core like wormhole, and the dissolution pattern is called uniform dissolution.
As can be seen from Eq. 1.4, the reaction rate is determined by the properties of acid and rock, and have nothing to do with the existence of fractures in the matrix. In this case, we can draw an important conclusion: in the case of the same acid-rock reaction system, whether there are fractures in the matrix has no effect on the dissolution patterns of the fractured medium.
In addition, the comparison results of numerical simulation show that the fracture is equivalent to the main advantage channel in the matrix. An injection rate that is too high or too low will not substantially change the dissolution patterns. This is because the injected acid has already reacted with the rock completely when the acid is injected into the core at a low injection rate and there is no excess acid to flow into the fracture. In the case of high injection velocity, the dominant role of fracture in the flow is negligible and may even play a negative role. In the above situations, the existence of fractures does not affect the dissolution patterns, however, the dissolution structure will change when the injection rate of acid is between the two. This is because the flow of injected acid is controlled by fracture conductivity, and the ultimate dissolution pattern is closely related to the distribution of fracture in the fractured medium.
The Effect of Fracture Orientations
In this section, the effect of fracture orientations on the wormhole structure is studied when Damkohler number is 250. Firstly, a fracture is located in the matrix and then the dissolution structure is obtained by numerical simulation. The results of numerical simulation are compared with the results obtained in a matrix without fracture. The numerical simulation results of a porosity field and concentration field are shown in Figure 5.
[image: Figure 5]FIGURE 5 | Wormhole structure in the presence of different fracture orientations. (a) No fracture; (b) Fracture orientation is 0°; (c) Fracture orientation is 45°; (d) Fracture orientation is 90°; (e) Fracture orientation is 135°; (A) The initial phase; (B) The dissolution structure when injected acid breaks through core.
(A) is concentration field and porosity field of numerical simulation in the initial phase and (B) is the concentration field and porosity field of numerical simulation when injected acid breaks through the core. In Figure 5, it can be obtained from column (A), the existence and orientations of fracture in the matrix do not affect the formation of the initial wormhole, but the direction of wormhole formation is consistent with the injected port of fractures. (B) shows that the fracture orientations influence the orientation of the wormhole and the fracture gradually becomes the part of the wormhole. The generation trend of the wormhole is random and branching in the matrix without fracture. When the orientation of fracture and injection direction of acid is at an angle of 90°, as shown in row (d) of Figure 5, the formation direction of the wormhole is not controlled by the orientation of the fracture. Instead, it is consistent with the direction of injected acid. Different from the wormhole in the matrix without fractures, the wormhole radius has increased and the direction of the wormhole has also changed in the fractured medium. This shows that the influence mechanism of fracture orientation on the formation direction of the wormhole is like to a high permeability zone.
The breakthrough volume of injected acid in a matrix with different fracture orientations is drawn in Figure 6. It shows that when the orientation of fracture is consistent with the injection direction of acid or the orientation of fracture is similar with horizontal direction, the breakthrough volume of injected acid is smaller than the breakthrough volume in the matrix without fracture, the branching randomness of the wormhole is also getting weaker. When the direction of fracture is bigger than a certain angle, the breakthrough volume of injected acid becomes larger, and so does the consumption of acid. At this time, the effect of fracture inhibits the flow of acid in the fractured medium. The waiting time in the fractured medium becomes larger and then consumes more acid. When the direction of fracture is between 67.5° and 112.5°, the breakthrough volume of injected acid increases first and then decreases. It is because the conductivity of fracture has a smaller impact on the development and formation of the wormhole. When the direction of fracture is bigger than 90°, the breakthrough volume of acid is similar to volume when the angle is less than 90°, the slight difference is due to the heterogeneity of the core.
[image: Figure 6]FIGURE 6 | The breakthrough volume of injected acid at different fracture orientations.
In this example, the breakthrough volume of injected acid is largest in the core with a single fracture and the orientation of fracture is 67.5. The consumption of injected acid is even larger than the matrix without fracture.
The Effect of Fracture Aperture
In this section, the effect of fracture aperture on wormhole structure is studied when Damkohler number is 250. This model contains a fracture. The numerical simulation results are compared with the matrix without fracture, and the result of the numerical simulation is shown in Figure 7.
[image: Figure 7]FIGURE 7 | Wormhole structure in the presence of different fracture aperture. (a) No fracture; (b) b = 5e-4 m; (c) b = 1e-4 m; (d) b = 5e-5 m; (e) b = 1e-5 m; (A) The initial phase; (B) The dissolution structure when injected acid breaks through core.
(A) is concentration field and porosity field of numerical simulation in the initial phase and (B) is the concentration field and porosity field of numerical simulation when injected acid breaks through the core in Figure 7. In column (A) of the concentration field and porosity field in Figure 7, whether the fracture exists or not and no matter how the fracture aperture changes, it does not affect the initial wormhole structure.
From column (B), it can be concluded that fracture aperture don't affect the formation trend of the wormhole and the fracture gradually becomes a part of the wormhole. The fracture aperture has no significant effect on the dissolution structure. The relationship between the breakthrough volume of injected acid and the fracture aperture is plotted as a columnar graph shown in Figure 8.
[image: Figure 8]FIGURE 8 | Effect of the fracture aperture on the breakthrough volume of injected acid.
Figure 8 shows that the breakthrough volume of injected acid is the smallest when the fracture aperture is largest. In the mathematical model of this paper, the calculation equation of permeability is obtained by the cubic law: the larger the fracture aperture and the higher the fracture permeability, the conductivity of fracture will become stronger. This means that the fracture has a stronger impact on the formation of the wormhole. As a result, the breakthrough volume of injected acid will become smaller and the consumption of acid will become less. In the same way, the smaller the fracture aperture, the lower the fracture permeability. The efforts of fracture on the formation of the wormhole are weaker and the breakthrough volume and consumption of injected acid are less than before. When the fracture aperture equals 5e-5m, the breakthrough volume of injected acid is the smallest in the study.
The Effect of Heterogeneity of Initial Fracture Aperture and Dynamic Variation of Fracture Aperture
The numerical simulation results are shown in Figure 9. With the increase of injected acid and the Damköhler number, there are five different dissolution patterns in fractured medium: face dissolution, conical dissolution, wormhole, branch dissolution, uniform dissolution.
[image: Figure 9]FIGURE 9 | Dissolution patterns of homogeneity of initial fracture aperture, heterogeneity of initial fracture aperture, and dynamic change of fracture aperture in fractured medium. (a) Face dissolution, Da = 2000; (b) Concial dissolution, Da = 1,000; (c) Wormhole, Da = 250; (d) Branch dissolution, Da = 100; (e) Uniform dissolution, Da = 1. (A) The initial phase; (B) The dissolution structure when injected acid breaks through core.
The breakthrough volume curve of injected acid is plotted in Figure 10. It depicts the effect of homogeneity of the initial fracture aperture, the heterogeneity of initial fracture aperture, and the dynamic change of fracture aperture to the breakthrough volume of injected acid.
[image: Figure 10]FIGURE 10 | Influence of homogeneity of initial fracture aperture, of the heterogeneity of initial fracture aperture, and the changing of fracture aperture on the breakthrough volume of injected acid.
As shown in Figure 10, The dissolution patterns are unchangeable regardless of whether the initial fracture aperture is homogeneous, heterogeneous or fracture aperture is dynamic change with the acid etching fracture wall, the optimal injection rate of acid solution will not change when Da = 250.
CONCLUSION
A mathematical model of reactive flow in a fractured medium based on the two-scale model and discrete fracture model is built in this paper. This paper uses studies by predecessors, including physical experiments and numerical simulation experiments, to verify the correctness of the theoretical model of reactive flow in a matrix.
The discrete fracture model is solved numerically under the condition of two-dimensional linear flow. There are five different kinds of dissolution patterns according to the velocity of injected acid: face dissolution, conical dissolution, wormhole, branch dissolution, and uniform dissolution.
In the fractured medium, the existence of fracture does not affect the dissolution patterns of the matrix. The homogeneity and heterogeneity of fracture aperture and dynamic change of fracture aperture do not affect the optimal injection rate of injected acid.
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Due to the extensive development of fractures and serious heterogeneity in fractured reservoirs, it is difficult for the traditional numerical simulation method to invert its geology, which greatly limits the efficiency and accuracy of simulation and cannot realize the real-time optimization of production scheme. The connectivity model can only consider the two characteristic parameters of conductivity and connectivity volume, which does not involve complex and rigorous geological modeling. It can quickly and accurately reflect the state of the real reservoir, greatly reducing the simulation time, and is suitable for real-time production performance prediction of the reservoir. Due to the large difference in conductivity of fractured reservoirs, the difficulty of fitting increases. In this paper, the connectivity model is first applied to fractured reservoirs to realize the production dynamic simulation of fractured reservoirs. The optimization principle is used to optimize the injection-production scheme with the economic net present value as the objective function. In order to verify the method, the connectivity model is applied to Mu 30 of Changqing Oilfield in this paper. The results show that this method can effectively reflect the real production situation of the oilfield and the connectivity of the reservoir, and the simulation time is relatively fast. After optimization, the cumulative oil production of the reservoir increases by 8.1%, the cumulative water injection decreases by 2.3%, and the rising rate of water cut decreases by 58.8%, indicating that the connectivity model can realize the real-time production optimization of the reservoir.
Keywords: fractured reservoir, connectivity model, optimization, horizontal well, gradient-free algorithm
INTRODUCTION
With the progress of global, low permeability reservoir exploration and fracturing technology, the development of fractured reservoirs has become more and more common. The BP2030 World Energy Outlook report shows the world’s tight oil reservoir development prospects. The tight oil resources in North America are about 100 × 108 t, and those in Asia-Pacific region are about 90 × 108 t. Almost half of the current increase in global oil production is expected to come from tight oil reservoirs by 2030, which will meet 5–9% of global demand (Li, 2013). Most of the exploitation of tight oil needs fracturing, so it can be said that fractured reservoirs are the main theme of future reservoir exploitation.
A fractured reservoir is a reservoir where fractures have an important impact on fluid flow or effective permeability of porous media (Xu, 2017). It is a manifestation of reservoir permeability and porosity heterogeneity. Fractured reservoirs are more complex than ordinary sandstone reservoirs due to the extensive development of fractures and serious heterogeneity. Since the large-scale development of fractured reservoirs in 1970s, the development of most fractured reservoirs has been unsatisfactory. Even if fractured reservoirs are successfully economically exploited, the recovery factor is generally only 13–15%, which remains to be improved. One of the reasons for this situation is the lack of understanding of fracture identification, distribution law and fluid flow dynamics in fractures (Xu et al., 2021).
Fracture is the main channel of oil and gas seepage in fractured reservoirs, and its location distribution and characteristics are crucial to the productivity of oil and gas reservoirs (Sheng et al., 2019). Therefore, it is of great significance to accurately simulate the fracture seepage characteristics of oil and gas reservoirs. Interwell connectivity research is an important tool for reservoir description and dynamic analysis (Liu et al., 2003; Yang, 2004; Tang et al., 2008). Common connectivity methods, such as tracer, well test, and interwell micro seismic, are complex in implementation, long in interpretation cycle, and affect normal production. Therefore, the application range is limited, and it is difficult to meet the needs of rapid understanding of reservoirs (Liao et al., 2002; Yang et al., 2002; Du and Yang, 2007). The reservoir is a dynamic system. The fluctuation of liquid production caused by the change of injection volume is the characteristic reflection of the connection between oil and water wells, and the fluctuation range of liquid production is also related to the degree of connection (Zhao et al., 2010). Therefore, using injection-production data to study interwell connectivity becomes a very important method.
On the connectivity between wells, scholars have done much research, Yousef et al. (2006) based on the principle of hydropower similarity and material balance equation, introduced capacitance and reactance two parameters, established a data-driven model based on injection well production data--capacitance resistance model (CRM), using fitting and inversion algorithm, inversion of well connectivity. Subsequently, in order to consider the effects of well logging, shut-in, capillary force and other functions, and accelerate the calculation speed of the model, many scholars have improved the CRM (Kaviani et al., 2008; Sayarpour, 2008; Sayarpour et al., 2010; Nguyen et al., 2011; Salazar-Bustamante et al., 2012). Because CRM is difficult to consider the physical properties of reservoir and fluid in the process of seepage, the long-term prediction effect is poor. Therefore, Gherebati et al. (2016) simplified the reservoir into a series of connected networks of injection and production wells by using well location information and production data of injection and production wells. According to the principle of seepage mechanics and material balance equation, the connectivity conductivity between wells was calculated by inversion of production data of injection and production, and then a data-driven reservoir connected network model was formed. All kinds of data-driven models proposed by the above scholars have basically realized the prediction of production performance and the evaluation of interwell connectivity, but there are some shortcomings, such as the model is too ideal, the consideration factors are less, the inversion parameters are lack of clear geological significance, the oil-water two-phase data cannot be predicted and fitted, the water content cannot be predicted, and the volume of dominant channels cannot be obtained. In view of the shortcomings of the above methods, Hui et al. (2015) first created a Physics-Based Data-Driven Model with clear physical meaning, which was named INSIM (Interwell Numerical Simulation Model). The data-driven model uses parameters such as interwell conductivity and connected volume to reflect the entire reservoir. The reservoir is simplified into a series of connected units. Taking the connected unit as the object, the material balance equation can be established and the pressure can be calculated. At the same time, the shock wave theory is introduced to track the saturation front, so as to obtain the dynamic data such as injection-production well pressure and production, and realize the rapid simulation and prediction of oil and water wells. This method is the first to achieve the goal of production prediction and optimization decision of water flooding reservoir using actual production data. The method uses historical fitting and optimization algorithm to solve the model, inverses the conductivity and connectivity volume between wells, and identifies connectivity. It quantitatively reveals the dominant connectivity direction, water injection splitting effect, water intrusion, etc. The interwell connectivity method only considers two characteristic parameters of conductivity and connectivity volume, which does not involve complex and rigorous geological modeling. It can quickly and accurately reflect the state of the real reservoir, greatly shortening the simulation time, and is suitable for real-time production performance prediction of the reservoir.
At present, the INSIM model has been widely used in reservoirs such as single medium, and it has not been applied to fractured reservoirs. In this paper, the INSIM model is first applied to fractured reservoirs to realize the production dynamic simulation of fractured reservoirs, and the injection-production scheme is optimized by using the optimization principle with the economic net present value as the objective function. In order to show that the method is suitable for fractured reservoirs, the method is applied to Mu 30 of Changqing Oilfield with prominent fracture development. The results show that the method can effectively reflect the real production and connectivity of the reservoir, and the simulation time is relatively rapid.
RESERVOIR CONDITION
The development layer of Mu 30 is Chang 8. The geology of Chang 8 is dominated by sandy debris flow deposits, followed by semi-deep lake and deep lake mud microfacies. The sand body connectivity is good, and the sand body is plane distribution. The natural fractures in the reservior are prominent, mostly in the northeast-southwest direction. Sand body thickness is 13.4 m, average porosity is 10.10%, average permeability is 0.79 × 10−3 μm2, average surface crude oil viscosity is 5.59 mPa s, average reservoir thickness is 10.9 m, original formation pressure is 19.89 Mpa, formation pressure maintains 79.4%. Mu 30 has been put into production since January 2010. As of March 2021, the reservoir has been put into production for 4,108 days. At present, there are 143 wells (81 horizontal wells and 62 vertical wells) and 106 injection wells in Mu 30. The daily liquid production level of the reservoir is 537 t (440 t for horizontal wells), the daily oil production level is 263 t (217 t for horizontal wells), the comprehensive water cut is 51.0% (50.6% for horizontal wells), the recovery degree is 2.41%, the oil-bearing area is 74 km2, the geological reserves are 2,965 × 104 t, the recoverable reserves are 542.19 × 104 t, and the calibration recovery rate is 18.3%. The development of five-spot well pattern and seven-spot well pattern is given priority. The well spacing is 600 × 150 m. There are 30 five-spot well pattern, 755 m horizontal section, 23 seven-spot well pattern, 850 m horizontal section, 16 seven-spot to five-spot, 802 m horizontal section, 12 irregular well pattern and 1166 m horizontal section. Fractures in Mu30 are prominent. At present, there is no scientific injection-production scheme to guide mining, resulting in a rapid increase in water content and low recovery in this reservoir. Although the traditional numerical simulation can carry out geological inversion and simulation, and then get a more suitable injection and production scheme, the production cycle of Mu 30 is too long, the traditional numerical simulation fitting is difficult, the efficiency is too low, and it cannot be quickly and accurately optimized in real time.
NUMERICAL SIMULATION
Overview of INSIM Method
The interwell connectivity model takes well points as the basic unit, and simplifies the complex geological description between well points into two important characteristic parameters: the interwell conductivity Tij and the connected volume Vpi, The interwell connectivity model takes well points as the basic unit, and simplifies the complex geological description between well points into two important characteristic parameters: the interwell conductivity Tij and the connected volume Vpi. The former represents the seepage velocity under unit pressure difference, which can better reflect the average seepage capacity and dominant conduction direction between wells. The latter represents the material basis of the connected unit, which can reflect the control range and volume of water flooding between wells.
Setting i well as production well and j well as injection well, taking injection-production unit composed of i well and j well as reference, considering only oil-water two-phase flow and ignoring the influence of temperature, regardless of gravity and viscosity, the material balance equation is established as follows (Zhao et al., 2016):
[image: image]
Where i, j represents well number; Nw is the total number of wells; Tij represents the average conductivity of wells i and j, m3/(d⋅MPa); n is time step; pin and pjn represent the average reservoir pressure at time n in well i and well j, respectively, MPa; qin is the flow rate of the well i at the time n, water injection is positive, oil production is negative, m3/d; Ct is the reservoir comprehensive compression coefficient, MPa−1; Δt is time interval, d; Vpi is the connected volume of the drainage area of the well i, m3.
The pressure of the above equation is solved to obtain the bottom hole flow pressure of each node. On this basis, the saturation is tracked, and the saturation equation is obtained as follows:
[image: image]
For multiple perforation points of the horizontal well, the pressure loss in the horizontal section is ignored in flow simulation, and the horizontal well is represent as multiple connected virtual well points. Taking into the original material balance equation can be solved to obtain oil production rate, water content and other related production index function.
Connectivity Model of Mu 30
When establishing the model, the initial value of conductivity and connectivity volume is assigned based on the physical properties of each well point in the reservoir, so that the initial connectivity model is consistent with the reservoir. Since there are too many perforation points in horizontal wells in the reservoir, in order to facilitate the analysis and judgment of the established connectivity model, the perforation points of each horizontal well are simplified into four. After simplification, the number of summary points in the reservoir is 492. In order to accurately reflect the actual situation of the reservoir, it is necessary to conduct historical fitting. The oil production of a single well and reservoir is used as the fitting index, and the conductivity and connected volume of the connectivity model are automatically, historically fitted. The reservoir fitting results are shown in Figure 1, and the inversion results of characteristic parameters are shown in Figure 2.
[image: Figure 1]FIGURE 1 | Fitting results.
[image: Figure 2]FIGURE 2 | Inversion of connected parameter.
The fitting results show that the overall fitting rate reaches more than 80%, and the oil-water dynamic fitting results of the reservoir and single well are relatively accurate, which can better reflect the real geological conditions of the reservoir. It is worth noting that the automatic historical fitting stage of the model takes about 48 hours, which is greatly shortened compared with the traditional numerical simulation software ECLIPSE fitting 7–14 days. It can be seen that the model has good application effect for actual reservoirs and can provide help for real-time production optimization strategy formulation.
RESEARCH ON PRODUCTION OPTIMIZATION OF MU 30
Automatic Optimization Method
Based on the fitted reservoir model, the production optimization control model is established considering various constraints, so as to realize the dynamic optimization of injection-production measures. The production optimization of reservoirs usually uses the economic net present value NPV as the optimization objective function to establish a mathematical model. The three-dimensional three-phase reservoir simulator is used to describe the reservoir development and production system, and the economic net present value (NPV) during the production period is used as the performance index function to evaluate the economic benefits. The expression is:
[image: image]
Where [image: image] is the performance index function to be optimized; [image: image] is control steps; [image: image] is the total number of production wells; [image: image] is the total number of water injection wells; [image: image] is crude oil price, $/STB; [image: image] is cost price for water production, $/STB; [image: image] is the water injection price, $/STB; [image: image] is the average oil production rate at time [image: image] of the production well j, STB/d; [image: image] is the average water production rate at time [image: image] of the production well j, STB/d; [image: image] is the average water injection rate at time n of the injection well [image: image], STB/d; [image: image] is the average annual interest rate, %; [image: image] is the time step of the simulation calculation at time [image: image], d; [image: image] is the cumulative calculation time at time [image: image], year; [image: image] is the[image: image]-dimensional control variable vector.
In actual production, it is necessary to implement certain restrictions on the operation of wells, that is, the control variables need to meet certain constraints. The constraint conditions are mainly linear or nonlinear, including equality, inequality and boundary constraints. Equation constraints such as reservoir overall liquid production or injection volume is a certain value. Inequality constraints usually require liquid production and injection volume of the reservoir to be limited by the working capacity of oilfield equipment.
The constraint conditions can be expressed as follows:
[image: image]
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Where [image: image] and [image: image] represent the upper and lower boundaries of the [image: image] control variable [image: image]; [image: image] and [image: image] are equality constraint conditions and inequality constraint conditions, respectively. It can be seen that for the reservoir production optimization problem, it is to obtain the maximum value of the objective function [image: image] and the corresponding optimal control variable [image: image] under the condition that the control variables meet various constraints.
After the optimization model is established, it is necessary to solve the model. Since the model has many dimensions and constraints, and the optimization gradient is difficult to calculate, the gradient-free random disturbance algorithm is selected for solving.
The gradient-free stochastic perturbation algorithm, also known as SPSA (Simultaneous Perturbation Stochastic Approximation), is a perturbation method similar to the finite difference method, which was first proposed by Spall et al., in 1992. The characteristic of SPSA algorithm is that random variables are used to disturb all control variables at the same time in an iterative step, so that the computational cost of gradient solution is greatly reduced. The SPSA algorithm can quickly find the local optimal solution of the complex model, which is suitable for solving the problems that the model has, its many dimensions, many constraints and the when the optimization gradient is difficult to calculate.
Optimization Results of Mu 30
As can be seen from the formula (3), if ro = 1, rw = 0, b = 0, rwi = 0, the objective function is changed from economic net present value to cumulative oil production. In this way, we can take the improvement of cumulative oil production as the optimization objective and the single well water injection rate as the optimization object. The final water injection and liquid production simulation for 1 year are used as the original scheme, and the automatic algorithm is used to optimize the scheme with 30 days as the time step. Finally, the production optimization scheme obtained. Table 1 shows the injection-production optimization scheme of MP 91 well group in Mu 30. In order to ensure the feasibility of field implementation, the optimization constraint conditions limit the upper and lower boundaries of oil well liquid production and water injection, so that the liquid production and water injection fluctuate by 20% in the current system. However, the current liquid production of the oil well is very small, so the liquid production of the oil well does not change much.
TABLE 1 | Optimizing production measures.
[image: Table 1]The cumulative oil production in the following year increased by 8.5% from 59,800 to 64,900 m3. The cumulative water injection decreased by 3.3% from 4.181 to 4.043 million m3. It can be seen from Figure 3 that the water content in the historical stage of the reservoir has been increasing. The water content in the last year has increased by 0.46%. After 1 year of optimization, the water content began to decline, and the water content decreased by 0.13%. Compared with the previous year of optimization, the water content increased by 58.8%.
[image: Figure 3]FIGURE 3 | Optimization results.
CONCLUSION

1) The INSIM model is used to simulate and match the history of fractured reservoirs. The simulation results show that the model can effectively reflect the real production and connectivity of fractured reservoirs, and the simulation time is relatively fast, which can lay the foundation for real-time production optimization of reservoirs.
2) According to the optimization principle, the economic net present value NPV is used as the optimization objective function, and the upper and lower limits of single well production or water injection are used as the constraint conditions to establish the optimization mathematical model. The model is solved by the gradient-free stochastic disturbance automatic optimization algorithm. The results show that the cumulative oil production of the optimized reservoir increases by 8.1%, the cumulative water injection decreases by 2.3%, and the water cut increase rate decreases by 58.8%. The gradient-free intelligent optimization method based on interwell connectivity used in this paper can realize the real-time production optimization of fractured reservoirs.
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It is of great significance to study the seepage characteristics of heavy oil reservoirs, which are conducive to the efficient development of resources. Boundary layer effect (BLE) exists in the pore-scale flow process of macromolecular fluid media, which is different from the flow law of conventional fluid in the pore, yet the influence of BLE is ignored in the previous pore-scale simulation. Conventional porous media simulations have difficulty analyzing the mass transfer law of small-scale models under the influence of microfractures. Based on the CT scanning data and thin section data of the real core in the target area, the rock skeleton and flow space were extracted according to the maximum ball algorithm, and the pore network model representing the complex structure was constructed. The microscale effect of macromolecules in the flow process in the pores was characterized by modifying the effective flow. The effects of the BLE on the effective connectivity, displacement process, and oil distribution law were analyzed. The seepage characteristics of different wettability conditions and different water cut stages were compared. The results show that BLE reduces the effective flow space and leads to deviations in the relative permeability curve and capillary curve. For fractured porous media, the irregular shape of porous media was characterized by the morphological method, and the mass transfer process was analyzed by the equivalent flux method. The influence of the porous media shape on the macromass transfer process was compared. This study provides a solution to the problem of BLE in pore-scale simulation.
Keywords: numerical simulation, pore network model, porous media, microscale seepage, fluid–solid interaction
INTRODUCTION
Heavy oil has great development potential, and the analysis of its seepage characteristics is of great significance to enhance oil recovery. In the study of pore-scale BLE, macromolecular fluid media is different from the regular fluid flow in pores. It is necessary to analyze the flow characteristics of macromolecular fluid media under the influence of pore-scale BLE. Along with the promotion of reservoir fracturing, fractured reservoirs have become the focus of research, yet conventional porous media simulations have difficulty analyzing the mass transfer law of microscale models under the influence of microfractures.
In an experimental simulation, Secchi (Secchi et al., 2016) confirmed the existence of microscale effect in the microscale flow process in a study published in Nature. The study observed the movement of particles by sending particles into the tracer, and the trajectory of particle movement indicated that the flow process on a small scale was affected by fluid–solid interaction. Wu et al. (2017a) analyzed the influence of wettability at the microscale and summarized microscale molecular simulations, physical simulations, and other relevant experiments. The existence of slippage distance was confirmed in the microscale fluid flow process, which reduces the effective flow space of the fluid. Wu et al. (2017b) analyzed the existence of a nonflow boundary in the flow process at the pore scale based on a physical simulation experiment of a microcircular tube and characterized the fluid–solid interaction through a large number of physical simulation experiments. The results show that the microscale fluid–solid interaction was primarily affected by viscosity, pore radius, and pressure gradient. For fractured media, Cheng et al. (2020) conducted water-flooding experiments with fractured cores and analyzed the influence of fracture length on water flooding. J.-T. (Cheng et al., 2004) analyzed the single-phase flow in a rock fracture by micromodels fabricated using projection photolithography to produce voids with known geometry. Tang et al. (2007) used a 2D micromodel of carbonate fracture media to verify a complex-segmenting correlation between the fluid pressure and volume of flow and a simple positive correlation was not adopted. Su et al. (2020) revealed the importance of microfractures in oil primary migration by interdisciplinary and several experimental methods. Many micro mechanisms can be explored by physical simulation, but the cost of research is much higher than numerical simulation.
In the numerical simulation, He et al. (2021) analyzed the influence of thin water film in the pore boundary on a two-phase relative permeability curve by a pore network model. Circular, triangular, and rectangular pores have nonflow films on the boundary, which affect the two-phase permeability curve. For fractured media, Wang and Sheng (2019) analyzed the impact of BLE on macroscale flow characteristics and evaluated the impact of large-scale fractures on productivity but ignored the seepage law of porous media containing microscale fractures. Sun et al. (2019) studied the influence of microfractures on the flow based on pore network models. However, the macromass transfer with microfractures was not analyzed. Wu et al. (2021) used dissipative particle dynamics to analyze the influence of the fluid–solid interaction force on microflow in shale slits, but this method required a large amount of calculations. Chen et al. (2018) used a pore network to simulate fluid–solid interaction, but the research was only applicable to tight reservoirs and lacked macrosimulation analysis.
The aforementioned researchers primarily focus on the study of single-pipe microscale and macroscale reservoirs, which lacked the study of pore scale. The pore network model can simulate the small-scale flow process without fracture, and the amount of calculation is greatly reduced because the pores and throats are simplified into spherical geometry space and rod geometry space. Fluid–solid interaction exists in the pore-scale flow process of macroscopic fluid media, such as heavy oil (Yin and Liu, 2015; Bazazi et al., 2019; Ke et al., 2020). Hydraulic fractured or naturally fractured heavy oil reservoirs lead to the formation including fractures and heavy oil (Babadagli, 2003; Rahnema et al., 2008; Souraki et al., 2011). However, the influence of microscale BLE was not considered in the previous pore-scale simulation. However, the mass transfer process, including microfractures, still needs to be effectively characterized. In this study, the pore network was extracted based on CT data to simulate the flow process for porous media without fractures. The microscale effect of macromolecules was characterized by modifying the seepage model of macromolecular fluid media in the pores to analyze the influence of BLE on the seepage characteristics. For fractured porous media, the irregular shape of porous media was characterized by a morphological method, and the mass transfer process was analyzed by the equivalent flux method. The effects of fractured porous media on the macromass transfer process were compared.
METHODS
Effect of BLE
He and Wu (Wu et al., 2017a; He et al., 2021) proved that van der Waals forces between the solid wall and the fluid lead to the fluid medium near the edge of the pipe wall adsorbing on the wall to form a nonflow film for microscale flow, which was called BLE (Wang and Sheng, 2019). The flow process is shown in Figure 1. The brown area represents the solid phase, and the yellow area represents the flowable area. The blue area near the wall represents the nonflowable liquid phase area. The fluid adheres to the wall due to the BLE as shown by the red dot. There are only blue dots that can flow freely away from the wall in the flowable space. Therefore, there is a nonflow film at the pore boundary, resulting in the reduction of effective flow space in the pores.
[image: Figure 1]FIGURE 1 | Schematic diagram of the presence of BLE at the boundary.
Pore network simulation has been widely used in reservoir simulation because of its high-calculation efficiency (Blunt, 2001; Dong and Blunt, 2009; Gostick et al., 2016). In the conventional pore network simulation, it is assumed that the micropore throat flow conforms to Hagen–Poiseuille’s law, but many researchers have confirmed that Hagen–Poiseuille’s law is not applied to the pore-scale flow characteristics under the influence of BLE through micro-round pipe physical simulation experiments and molecular simulation. Therefore, the flow characterization formula of the pore network model needs to be modified.
Wu et al. proposed the microscale effect, in which there was no flow area at the boundary due to fluid–solid interactions at the pore scale and proposed the expression equation of the modified flow rate for the microscale effect, as shown in Eq. 1. In this study, the improved effective flow velocity is shown in Eq. 2.
Aiming at the BLE at the boundary, Wu et al. (Wu et al., 2017b) proposed the expression equation of modified flow based on a large number of micro-tube experiments, as shown in Eq. 1. The improved effective flow velocity was corrected in Eq. 2.
[image: image]
where a, b, and c are parameters related to BLE, r is pore radius, [image: image] is pressure gradient, [image: image] is the viscosity of fluid, and h is the thickness of the nonflow interface.
[image: image]
where [image: image] is the effective flow velocity and [image: image] is the effective flow space.
Construction and Analysis of the Unfractured Model
For porous media without fractures, a pore network model was used to describe the process of seepage in the matrix, and the fluid flow in the flowable area follows NS equation. To establish a network model representing the real pore structure of the matrix, the 600 × 600 × 3-pixel central area was selected in Figure 2A and Figure 2B. Threshold segmentation was conducted to divide the rock skeleton and flow area in Figure 2C. In addition, its voxel size was 15 μm. The maximum sphere algorithm was used to extract the network model, and the reconstruction result is shown in Figure 2D.
[image: Figure 2]FIGURE 2 | Formation process of the pore network model. (A) Core, (B) selected area, (C) threshold segmentation, and (D) pore network model.
To analyze the pore structure characteristics of the target area, the shape factors in pores and throats were counted in Figure 3 and Figure 4. The shape factor can characterize the irregularity of the cross section. The shape factor of the triangular space changed in the range of 0–0.048, and the shape factor increases gradually when the pore space was close to circular. Eighty percent of the shape factor of the extracted throat space cross section was less than 0.04 in Figure 3A. The results showed that most of the cross-sectional shapes were close to triangles, and the proportion of circular pores was lower. The shape factor of the extracted pore space cross section basically conformed to the normal distribution, and 94% of the shape factor of the pore space cross section was in the range of 0.01–0.04 in Figure 3B, indicating that the shape of most pore space cross sections was close to triangle. The low shape factor led to an increase in the water saturation in the pore throat and a decrease in the residual oil saturation when a snap-off event occurs. The larger proportion of triangular pores means that the proportion of angular water increased. These two factors led to an increase in water phase permeability in irregular pores (He et al., 2021). The statistical results of the real core pore–throat ratio are shown in Figure 4, which basically conformed to a normal distribution, and the pore–throat ratio was concentrated at approximately 3. However, the distribution curve had a bimodal shape due to the heterogeneity of connectivity.
[image: Figure 3]FIGURE 3 | Statistical graph of real core shape factors. (A) Throat (B) and pore.
[image: Figure 4]FIGURE 4 | Statistical graph of the real core pore–throat ratio.
Construction and Analysis of the Fractured Model
For fractured porous media with irregular shapes, morphological operation was applied to describe the shape of the connection between porous media and fracture. The equivalent flux method was used to describe the mass transfer process in irregular porous media.
Morphological operations can perform a series of operations including shape simplification and enhancement of the image based on set theory (Wang et al., 1995). Morphological operation was used to describe the structural characteristics of pores and throats, which can preserve the details of porous media and reduce the amount of calculation. The obtained injected thin section was divided into dyeing areas in Figure 5A(FISHMEMORY, 2016). The colored grid represents the flowable areas, and the colorless area represents the nonflowable area. First, the open operation was conducted. The original configuration in Figure 5 was corroded leaving the green grid in Figure 5B. Then, the expansion operation was conducted to form the grid area composed of green and yellow as shown in Figure 5C. The purpose of the opening operation was to eliminate small particles, separate small throats, and smooth the boundary of the matrix.
[image: Figure 5]FIGURE 5 | Schematic diagram of open operation (FISHMEMORY, 2016). (A) Original configuration, (B) corrosion operation, and (C) expansion operation.
The close operation was applied after the open operation in Figure 6. First, the original configuration in Figure 6A was expanded to obtain the red and green regions in Figure 6B. Then, the corrosion operation was conducted to obtain the yellow grid area in Figure 6C. The close operation can fill the small cavities in the matrix, connect the adjacent areas, and smooth the boundary.
[image: Figure 6]FIGURE 6 | Schematic diagram of closed operation (FISHMEMORY, 2016). (A) Original configuration, (B) expansion operation, and (C) corrosion operation.
The dark area in the cast sheet is the flowable area, and the light-colored area is the nonflowable area in Figure 7A. The dye enters the fracture for the thin slice with fracture. The dyeing range can be described by morphological operation to extract the fracture morphology. The fracture is assumed as the blue line in Figure 7B. The wall of the fracture was set to the flux boundary for characterization because the injected medium quickly entered the fracture and continued to propagate. Therefore, the red area in Figure 7C represents the fracture. The fracture can be characterized in the matrix. This method was suitable for the fracture of any shape.
[image: Figure 7]FIGURE 7 | Schematic diagram of the construction process. (A) Original thin slice, (B) boundary of fracture, and (C) configuration including.
The injected medium entered the microfractures due to the much higher conductivity than that of the matrix at 0.01 ms in Figure 8A. The injected medium filled the microfractures under a pressure difference at 0.1 ms, as shown in Figure 8B. Under a concentration difference and pressure difference of 1 ms, the fluid in the fracture continuously transfers into the matrix, as shown in Figure 8C.
[image: Figure 8]FIGURE 8 | Mass transfer for fractured porous media at different time. (A) 0.01ms, (B) 0.1ms, and (C) 1ms.
Verification of the Mass Transfer Model in Porous Media
To quantitatively characterize the mass transfer of concentration diffusion, it was necessary to calculate the effective concentration diffusion coefficient of the characterization unit. The diffusion coefficient of the equivalent homogenous model was calculated by the effective diffusion coefficient of boundary concentration flux of the micromodel (Zimmerman, 2006; Ershadi and Allahverdizade, 2019). The average flux in the red dotted box was calculated by averaging the mass transfer integral at the boundary in Eq. 3.
[image: image]
where [image: image] is the flux at the boundary, molm2/s; km is the mass transfer coefficient, m/s; [image: image] is the length of the real model, m; [image: image] is the concentration at the boundary, mol/m3; and [image: image] is the concentration of the outlet, mol/m3.
The macroscopic micro real model can be regarded as a homogenous model, and the microscopic concentration diffusion model was equivalent to the representative elementary volume in Figure 9. The equivalent flux between the equivalent model and the real model means that the equivalent model can calculate the effective concentration diffusion coefficient De in Eq. 4:
[image: image]
where [image: image] is the equivalent flux at the boundary, molm2/s; [image: image] is the calculated effective concentration diffusion coefficient, m2/s; [image: image] is the length of the equivalent model, m; [image: image] is the concentration at the inlet, mol/m3; and [image: image] is the concentration at the outlet, mol/m3.
[image: Figure 9]FIGURE 9 | Schematic diagram of the concentration flux calculation. (A) Actual model and (B) equivalent model.
The microconcentration diffusion model was established by the aforementioned method, and the parameters are shown in Table 1. The mass transfer process in the real pore and throat is shown in Figure 10. According to Eq. 4, the diffusion coefficient of the equivalent model can be calculated to be 4.6 × 10−8 m2/ s.
TABLE 1 | Basic parameters of the porous model.
[image: Table 1][image: Figure 10]FIGURE 10 | Mass transfer process in porous media at different times. (A) 2ms, (B) 10ms, (C) 1000ms, and (D) 2000ms.
The porous media model was divided into two parts, including unfractured model, which was suitable for the matrix without fractures, and fractured model, which was suitable for the matrix with fractures.
For the unfractured model, the simulated data were basically consistent with the experimental relative permeability in Figure 11A for the matrix without fractures, which showed that the pore network model is accurate.
[image: Figure 11]FIGURE 11 | Verification of the mass transfer model in porous media. (A) Fractured model and (B) unfractured model.
For the fractured model, the actual model and the equivalent model with the modified effective diffusion coefficient were compared. The boundary flux of the two models is basically the same in Figure 11B. The modified diffusion coefficient obtained by the equivalent flux method can be used to describe the mass transfer process of injected media in porous media.
RESULTS AND DISCUSSION
The unfractured model is built for the unfractured matrix with pore network model in Appendix, and the fractured model is built for the fractured core with the discretized mesh. The influence of effective connectivity and wettability, the characteristics of two-phase flow and water cut stage, and distribution of fluids are discussed based on the unfractured model for the matrix without fracture. The effect of irregular porous media and density of fractures is discussed based on the fractured model.
Effect of the Fracture Density
Hydraulic-fractured or naturally fractured reservoirs lead to different fracture densities in the reservoir. The influence of different fracture density on the mass transfer process is analyzed based on the fractured model. Figure 12 shows the mass transfer state of the representative elementary volume with different fracture densities at 1 ms, which includes high-density, mid-density, and low-density. The comparison of mass transfer effects under different densities is shown in Figure 13. There is no effective flow channel in porous media with the low-density fracture. The mass transfer of the boundary increases with time but always remains at a low level. For reservoirs with mid-density fractures, the existence of fractures expands the range of mass transfer and greatly improves the mass transfer of the boundary. For reservoirs with high-density fractures, fractures form effective flow channels. Injection fluid enters the fracture quickly, which leads to high mass transfer efficiency in the media porous with the high-density fracture. The effect of microfracture on mass transfer cannot be ignored.
[image: Figure 12]FIGURE 12 | Comparison of mass transfer at 1ms with different fracture density. (A) High-density fracture, (B) mid-density fracture, (C) low-density fracture, (D) mass transfer in the high-density fracture, (E) mass transfer in the mid-density fracture, and (F) mass transfer in the low-density fracture.
[image: Figure 13]FIGURE 13 | Comparison of mass transfer with different fracture density.
Impact on Effective Connectivity
BLE reduces the effective connection space resulting in a difference in seepage characteristics. This section analyzes the difference in effective flow space under BLE. Figure 14A shows the effective connection between the pore and throat without considering the BLE, and Figure 14B shows the connection considering the BLE. The small throat was blocked due to the BLE, and the number of effectively connected throats was reduced, shown as the area within the blue circle. The microscale BLE was greatly affected by the flow radius, so the microscale effect mainly exists on the flow process in small throats, and the effect on large pores can be almost ignored.
[image: Figure 14]FIGURE 14 | Comparison of effective connections between pores and throats. (A) Without BLE and (B) with BLE.
To quantitatively analyze the effective connectivity, the influence of BLE on the effective coordination number is compared in Figure 15. The average effective coordination number decreased from 6.49 to 6.46 due to the BLE. Specifically, the average effective coordination number was slightly reduced due to BLE, where the effective coordination number was greater than 2. It has the greatest impact on the low-coordination number pores. The attached fluid blocks the small throat, and some pores become isolated pores.
[image: Figure 15]FIGURE 15 | Comparison of effective coordination numbers under BLE.
The distribution of the effective throat is shown in Figure 16. BLE reduces the flow space of the effective throat, the number of effective throats decreases, and the distribution curve shifts to the left. Therefore, the influence of BLE on flow characteristics in small pores and throats should be considered.
[image: Figure 16]FIGURE 16 | Comparison of the distribution of the effective throat radius under BLE.
Impact on Characteristics of Two-Phase Flow
The two-phase permeability curve is an important parameter of macronumerical simulation (Gao and Hu, 2016). The conventional simulation ignored the influence of BLE on microscale two-phase flow (Hughes and Blunt, 2000). When the water saturation was less than 0.3, the capillary force increases, and the water phase permeability increases. The effective throat space was compressed due to BLE in Figure 17 and Figure 18. In the initial stage, a large capillary force was required for displacement. With the process of water flooding, the water film in the pores increased, resulting in the sticking of crude oil in the pores. Therefore, when the water saturation was greater than 0.3, the capillary force decreases. The water film and the water phase permeability increase, and the oil phase permeability decreases. The two-phase seepage area decreased, leading to more residual oil and a worse effect on displacement.
[image: Figure 17]FIGURE 17 | Comparison of relative permeability with BLE.
[image: Figure 18]FIGURE 18 | Comparison of capillary forces with BLE.
Impact on Oil and Water Distribution
Heavy oil has issues of difficult production and a low-recovery degree, which is different from conventional crude oil (Thomas, 2008; Wassmuth et al., 2009). This section focuses on the analysis of residual oil with BLE. The distribution of oil–water after displacement is compared in Figure 19, and the oil–water distribution is counted to quantitatively compare the displacement effect. The number of pores with only bulk water decreased from 1,082 to 1,052 with BLE, and the number of pores containing bulk oil and water film increased from 4,762 to 4,819, which indicated that fluid more easily adhered to the wall and that the displacement efficiency was reduced with BLE. The pore number of only bulk oil remained at 6, indicating that the BLE has little effect on the residual displacement difficulty.
[image: Figure 19]FIGURE 19 | Comparison of oil–water distribution under BLE. (A) Without BLE and (B) with BLE.
Influence of Wettability
Wettability had an important impact on EOR (Leach et al., 1962; Morrow, 1990). Many researchers propose injecting chemicals to transform oil wet reservoirs into water wet reservoirs to improve oil recovery (Ali et al., 2020; Nazarahari et al., 2021; Wang et al., 2021). The oil displacement effect under different wettability conditions is compared in this section (contact angle includes 30°, 60°, 120°, and 150°), and the impact on wettability on the relative permeability curve and capillary force curve is analyzed in Supplementary Figure S1 and Supplementary Figure S2. After the reservoir wettability was enhanced, the higher water phase permeability led to a better oil displacement effect. Under the same saturation condition, the capillary force in the wet water reservoir was the driving force, and the capillary force in the wet oil reservoir was the resistance, as shown in Supplementary Figure S2. Therefore, the utilization degree of small pores and throats is improved after wetting reversal by the injection of chemicals.
Influence of the Water Cut Stage
It is of great significance to take different injection measures in different water cut stages (Rez-Morejó et al., 2019; Zhu et al., 2020). Many researchers proposed early polymer injection (Shi et al., 2020), where polymer is injected in the low water-cut to improve the recovery of heavy oil. This section focuses on the comparison of displacement effects in different water cut stages (20, 40, and 60%). In the displacement of the low water-cut stage, the oil phase permeability increased, and the flow capacity became stronger, as shown in Supplementary Figure S3. However, the two-phase area was wider, and the production range was wider. Therefore, from the perspective of two-phase flow capacity, it was better to inject fluid and implement adjustment measures in the low water-cut stage. The blue curve was much higher than the red curve in Supplementary Figure S4, which means that the injected fluid needs to overcome more capillary resistance in the high water-cut stage. Therefore, it was beneficial to implement various adjustment measures in the low water-cut stage, which had a better displacement effect and lower injection difficulty.
Effect of Irregular Porous Media
Porous media have irregular shapes, especially fractured porous media. The representative elementary volume has used a homogenous medium in conventional simulation and ignores the influence of the porous media shape. The irregular shape influences the mass transfer process, which is compared in this section. The effective diffusion coefficient decreases from 3 × 10−7 m2/s to 4.6 × 10−8m2/s considering the shape of porous media in Section 2, and the effect on macromass transfer was analyzed based on the modified effective diffusion coefficient. The production well in the target block, where the five-spot pattern was used for gas injection, was selected to compare the effect of irregular porous media. The oil production is shown in Supplementary Figure S5, and the basic physical property parameters of the block are shown in Table. 2. At the initial stage of production, the crude oil near the well was mainly produced by horizontal wells, so the production was essentially the same. At this time, the production was mainly affected by gas displacement, and the diffusion has little impact. In the later stage of development, the diffusion effect was gradually reflected. A part of the injected gas spread to nearby areas, which reduced the displacement effect. The diffusion effect was weakened considering the irregular shape of porous media, so the production was higher than the unmodified production. The irregular shape of porous media should be considered in the macrosimulation process.
TABLE 2 | Basic parameters of the target block.
[image: Table 2]CONCLUSION
In this study, a three-dimensional pore network model was extracted from the CT scanning data and thin-section data of a real core, and the seepage model was modified to analyze the influence of the BLE on seepage characteristics.
1. Morphological operation can extract the real shape of a porous media model based on cast sheets, which can preserve the characteristics of pores and reduce the number of simulation calculations. The fractured model can be used to quantitatively describe the mass transfer, and the effect of microfracture on mass transfer should be considered by the comparison of different fracture densities.
2. CT scan data of the target block can be extracted according to the maximal sphere algorithm to establish a three-dimensional real pore structure, and the parameters of the pore structure can be statistically analyzed. The BLE at pore scale can be characterized in the pore network model by modifying the effective flow rate. The existence of BLE reduces the effective flow space by comparing the effective pore–throat ratio, effective coordination number, and other structural parameters. The BLE offsets the two-phase permeability curve and capillary force curve. The fluid more easily adhered to the wall, and the microscopic oil displacement efficiency was reduced.
3. By comparing the changes of two-phase seepage characteristics under different conditions, it was found that the sweep efficiency of the small pore throat was improved after wettability alteration. It is more advantageous to conduct various adjustment measures in the low water-cut stage due to the higher sweep efficiency and lower difficulty of injection.
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APPENDIX
The method by Blunt (Blunt, 2001) can be used to calculate the two-phase permeability. The absolute permeability can be calculated according to Eq. 5, when there is only single-phase fluid in the pores.
[image: image]
The relative permeability can be calculated according to Eq. 6
[image: image]
where [image: image] is the flow rate of the phase fluid when multiphase fluids flow. The flow at each point can be solved according to the mass conservation:
[image: image]
The conductivity can be calculated from Eq. 8
[image: image]
The conductivity of single phase can be determined according to the Hagen–Poiseuille equation:
[image: image]
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Understanding different fluids flow behavior confined in microscales has tremendous significance in the development of tight oil reservoirs. In this article, a novel semiempirical model for different confined fluid flow based on the concept of boundary layer thickness, caused by the fluid–solid interaction, is proposed. Micro-tube experiments are carried out to verify the novel model. After the validation, the viscosity effect on the flow rate and Poiseuille number considering the fluid–solid interaction is investigated. Furthermore, the novel model is incorporated into unstructured networks with anisotropy to study the viscosity effect on pore-scale flow in tight formations under the conditions of different displacement pressure gradients, different aspect ratios (ratio of the pore radius to the connecting throat radius), and different coordination numbers. Results show that the viscosity effect on the flow rate and Poiseuille number after considering the fluid–solid interaction induces a great deviation from that in conventional fluid flow. The absolute permeability is not only a parameter related to pore structures but also depends on fluid viscosity. The study provides an effective model for modeling different confined fluid flow in microscales and lays a good foundation for studying fluid flow in tight formations.
Keywords: flow rate, Poiseuille number, unstructured network, absolute permeability, aspect ratio, coordination number
INTRODUCTION
Tight oil reservoirs have played a dominant role in the development of the petroleum industry (Cui et al., 2020; Cui et al., 2021aCui et al., 2021b; Zhao et al., 2021). However, the flow regularity in tight formations differs a lot from that in conventional reservoirs due to large numbers of microscale or even smaller pore throats (Lyu et al., 2018a). Understanding different fluid flow behavior in microscale is of great significance for a better prediction and development of tight oil reservoirs. Recently, a practical investigation of confined fluid flow has been carried out due to the availability of new tools (Nie et al., 2004; Ren and E, 2005; Zhao and Yang, 2012; Zhao et al., 2018; Zhao et al., 2020a), and advances in micro-electromechanical systems have triggered the study of microscale fluid flow (Kumar et al., 2016; Yang et al., 2016).
Many investigations have indicated that properties of confined fluids in microscales differ dramatically from those of bulk fluids (Heuberger et al., 2001; Levinger, 2002; Scatena et al., 2001), owing to the varying structures and dynamics of confined fluids induced by the fluid–solid interaction (Wu K. et al., 2017). Some novel flow phenomena have been discovered (Fei et al., 2009; Li, 2001; Ling et al., 2002; Xiangan et al., 2010), which are helpful for theoretical investigations of the dynamics of confined fluids (Li and He, 2005; Liu et al., 2005; Wu et al., 2017c; Xu et al., 2007; Zhi, 2003). The flow rates measured by Pfahler et al. (1990) and Qu et al. (2000) for water flow through micro-tubes were found smaller than those calculated by the classic Hagen–Poiseuille equation. In addition, the relationship of the Reynolds number vs displacement pressure gradient no longer obeys the traditionally theoretical calculation in micro-confined fluid flow (Makihara et al., 1993).
The aforementioned huge differences may rise from the significantly different strengths of the fluid–solid interaction. With the decreased flow scale, the fluid–solid interaction effect on confined fluid flow becomes more severe (Gad-El-Hak, 1999; Sandeep Arya et al., 2013; Zhang et al., 2014). The fluid in the interface region is forced to stick on the wall surface due to the strong interaction and cannot move at a certain displacement pressure gradient. Jiang et al. (2006) carried out the deionized water flow experiment in micro-tubes made of quartz at high pressure under steady flow conditions and found that the deionized water cannot flow when the radius decreases to 2.32 μm, which validated the existence of the immovable layer. Mapxacin (1987) and Huang (1998) refer to this immovable fluid layer caused by the fluid–solid interaction as the boundary layer. Unlike the concept of the conventional boundary layer theory of hydromechanics (Schlichting and Gersten, 2003), the boundary layer here further shrinks the effective flow space of confined fluids and depends on the original throat radius, displacement pressure gradient, and fluid viscosity (Liu et al., 2005; Li, 2010). The emerging novel phenomena of the boundary layer should be included in order to accurately characterize confined fluid flow in microscale. Although many empirical correlations have been developed to represent boundary layer thickness (Li and He, 2005; Xu et al., 2007; Li et al., 2011; Liu et al., 2011; Cao et al., 2016; Wu et al., 2017a), most of them just take the displacement pressure gradient and original throat radius into account, while the factor of fluid viscosity is ignored, causing extreme limitation of their application when studying different fluid flow. Since multiphase flow usually occurs in tight formations (Lyu et al., 2018a), it is of great significance to take fluid viscosity into account to develop a novel model to represent the boundary layer thickness.
In this work, we first propose a novel model to represent the boundary layer thickness, which not only takes the displacement pressure gradient and throat radius into account but also the fluid viscosity. Then micro-tube experiments are used to validate the novel model. Subsequently, the viscosity effect on confined fluid flow in microscales is discussed in detail, including the flow rate and Poiseuille number. Furthermore, the novel model representing the boundary layer thickness is incorporated into unstructured networks with anisotropy to study the viscosity effect on pore-scale flow in tight formations, respectively, under the conditions of different displacement pressure gradients, different aspect ratios, and different coordination numbers. This study provides an effective model for modeling different micro-confined fluid flow and lays a good foundation for investigating fluid flow in tight formations.
REPRESENTATION OF THE BOUNDARY LAYER THICKNESS
The confined fluids in microscales possess different structural and dynamical properties from those of bulk fluids. Fluids in the inner region are attached on the wall surface and form an immovable layer due to a strong fluid–solid interaction. Since the boundary layer shrinks the flow space, the classic Hagen–Poiseuille equation is modified as Eq. 1 according to the physical meaning (Chen et al., 2018):
[image: image]
where Q is the flow rate, 10−9 cm3/s; r and h are, respectively, the radius of micro-tubes and boundary layer thickness, μm; μb is the bulk fluid viscosity, mPas; and ▽P is the displacement pressure gradient, MPa/m.
To characterize confined fluid flow in microscales, the boundary layer thickness needs to be accurately represented in advance. As summarized from previous literature on the boundary layer effect (Mazzoco and Jr, 1999; Pertsin and Grunze, 2004; Liu et al., 2005; Zhang et al., 2008; Cui et al., 2010; Zhu et al., 2013), the boundary layer thickness is affected not only by the micro-tube radius and displacement pressure gradient but also by the fluid viscosity. To obtain the relationship among them, the variable-by-variable analysis method is adopted here.
First, the relationship of the boundary layer thickness vs displacement pressure gradient needs to be obtained. It is clear that the flow rate is zero when no displacement pressure gradient is exerted on the fluid, which can be reckoned that the boundary layer thickness is equal to the original micro-tube radius (ratio of the boundary layer thickness h/r equals to 1). At the same time, the boundary layer thickness decreases with an increased displacement pressure gradient due to the novel equilibrium of shear force and the displacement pressure gradient (Wu et al., 2017b). Based on the experimental data of confined fluid flow in micro-tubes (Figure 1) (Li, 2010), it can be seen that ratio of the boundary layer thickness decreases exponentially with an increased displacement pressure gradient.
[image: Figure 1]FIGURE 1 | Relationship of the ratio of boundary layer thickness at (A) different micro-tube radii and (B) fluid viscosities.
Therefore, the relationship between the boundary layer thickness and displacement pressure gradient can be expressed as Eq. 2:
[image: image]
where b and c are related to tube radius and fluid viscosity, respectively, and their values are always positive.
Second, values of b and c at different micro-tube radii but with a fixed fluid viscosity (0.92 mPa s) are obtained based on Li’s micro-tube experiments (Figure 1A) (Li, 2010), which are shown in Figure 2.
[image: Figure 2]FIGURE 2 | Relationships of b and c vs micro-tube radii at a fixed fluid viscosity (0.92 mPa s).
To guarantee that b and c are always positive, exponential functions are used to obtain the relationship of b and c vs micro-tube radii at a fixed fluid viscosity, as given in Eq. 3:
[image: image]
where m, n, k, g, and p are related to the fluid viscosity.
Finally, relationships of parameters m, n, k, g, and p vs fluid viscosities are, respectively, obtained based on Li’s confined fluid flow experiments in microscales with different viscosities (Figure 1B) (Li, 2010), using Eq. 1, Eq. 2, and Eq. 3. The results are relatively shown in Figure 3.
[image: Figure 3]FIGURE 3 | Relationships of m, n, k, g, and p vs fluid viscosities.
As can be seen from Figure 3, the relationships of m, n, k, g, and p vs fluid viscosities can be expressed as follows:
[image: image]
Using the aforementioned variable-by-variable analysis method, the novel model to represent the boundary layer thickness with the consideration of displacement pressure gradient, micro-tube radius, and fluid viscosity is proposed. To validate the accuracy and reliability of the earlier novel model, Wu’s (Wu et al., 2017b) experimental data of deionized water flow in different radial micro-tubes are used. Comparison results are shown in Figure 4. It can be seen that the calculated flow rates agree well with the experimental values, indicating the accuracy of the novel model.
[image: Figure 4]FIGURE 4 | Comparison of the flow rate calculated by the novel model and experimental data (Wu et al., 2017b).
Compared with other empirical correlations, the novel model not only involves more factors but also considers the variations of parameters along with the micro-tube radius and fluid viscosity. In addition, the calculated boundary layer thickness by the novel model will never exceed the original radii of micro-tubes, which greatly broadens its application range. Since microscale and smaller scale pore throats possess similar flow mechanisms (Striolo, 2006; Thomas and Mcgaughey, 2009), the novel model may also be valid for modeling confined fluid flow in smaller scales. Furthermore, tight formations feature abundant micro-pore throats of different sizes, and the novel model lays a good foundation for studying fluid flow in tight formations. In the following sections, the viscosity effect on confined fluid flow from the perspective of flow rate and Poiseuille number in micro-tubes will be studied at first. Then the novel model will be incorporated into unstructured networks with anisotropy to investigate the viscosity effect on pore-scale flow in tight formations.
VISCOSITY EFFECT ON CONFINED FLUID FLOW IN MICRO-TUBES AND TIGHT FORMATIONS
Viscosity Effect on Confined Fluid Flow in Micro-Tubes
Viscosity Effect on the Flow Rate
To study the effect of fluid viscosity on the flow rate due to the fluid–solid interaction, the decreasing factor, analogous to the enhancement one indicated by Mainak et al. (2005) and Holt et al. (2006), is defined as the ratio of the measured flow rate Qexp–Qn, predicted by the classic Hagen–Poiseuille equation. Since the measured flow rate can be well-predicted by our proposed novel model, it can be modeled by Eq. 1. Then, the decreasing factor can be expressed as follows:
[image: image]
Figure 5 shows the relationship of the decreasing factor vs the displacement pressure gradient at different radii and fluid viscosities, respectively, with and without considering the fluid–solid interaction. It is indicated that the decreasing factor keeps a constant (with its value 1) at any given displacement pressure gradient, pore throat radius, and fluid viscosity when the fluid–solid interaction is not included. However, great deviation occurs when the fluid–solid interaction is taken into consideration. The decreasing factor is no longer a constant, which gradually increases with the increased displacement pressure gradient. This phenomenon can be accounted for by the variation of the effective flow space. Due to the strong fluid–solid interaction, the fluid in the interface region is attached to the wall surface and cannot move, compressing the effective flow space, resulting in the smaller flow rate. With the increase in the displacement pressure gradient, the fluid–solid interaction gradually weakens, which enlarges the effective flow space. Therefore, the decreasing factor starts to increase and become more and more close to the one without considering the fluid–solid interaction.
[image: Figure 5]FIGURE 5 | Relationship of the decreasing factor vs displacement pressure gradient at different radii and fluid viscosities.
In addition, the decreasing factor varies a lot at different fluid viscosities, which is quite different from its changing regularity without considering the fluid–solid interaction. The decreasing factor decreases with the increased fluid viscosity with its value being always smaller than 1. This phenomenon results from the fluid–solid interaction. With the increase in fluid viscosity, the fluid–solid interaction grows more intense, resulting in more and more fluids attached to the wall surface. Eventually, the effective flow space is further compressed as the fluid viscosity increases, resulting in the smaller flow rate and decreasing factor. Meanwhile, the smaller the original radius, the stronger will be the fluid–solid interaction. Therefore, the fluid viscosity effect on confined fluid flow will be more serious in the smaller flow space. As a result, the fluid viscosity effect is needed to be considered in tight formations, which captures large numbers of micro-/nano-pore throats.
Viscosity Effect on the Poiseuille Number
The Poiseuille number is an important parameter to characterize fluid flow, and it has been studied for many years (Damean and Regtien., 2001; Dutkowski, 2008; Hong et al., 2008; John et al., 2009; Park et al., 2002) (Krishnamoorthy and Ghajar, 2007). Churchill (Churchill, 1988) pointed out that the Reynolds number Re is unsuitable for non-accelerating and viscous flow since density does not play a part. He suggested that the Poiseuille number Po should be used, instead of Re. Meanwhile, most of the initial work performed in determining Po in microscales reported a variation from the classical theory. Several studies reported a higher value of Po, while few reported a lower one (Krishnamoorthy and Ghajar, 2007). Even though enormous research has been performed on Po, a complete understanding of it is still unavailable. In this part, Po for the confined fluid flow in micro-tubes will be investigated.
Based on our proposed model, the expressions of the friction factor f and Re in micro-tubes can be, respectively, obtained in Eq. 6 and Eq. 7:
[image: image]
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Since the Poiseuille number Po is the product of the friction factor and Reynolds number f×Re (Churchill, 1988), it can be expressed as follows:
[image: image]
Figure 6 illustrates the relationship of Po vs displacement pressure gradient at different fluid viscosities, with and without considering the fluid–solid interaction. It is noted that Po induces a significantly different changing rule from that in conventional fluid flow when the fluid–solid interaction is taken into consideration. Po in consideration of the fluid–solid interaction is always larger than the one ignoring the interaction and decreases with the increased displacement pressure gradient. This deviation can be due to the variation of the effective flow space caused by the fluid–solid interaction. As a result of the strong interaction, fluid in the inner region sticks to the wall surface and cannot move at a certain displacement pressure gradient, compressing the effective flow space. However, the effective flow space enlarges gradually with the increasing displacement pressure gradient, making Po more and more close to the value without considering the fluid–solid interaction.
[image: Figure 6]FIGURE 6 | Relationship between Po and ▽P with and without considering the fluid–solid interaction at different fluid viscosities.
At the same time, it can be seen that Po also shows different values at different fluid viscosities. Po stays at a constant value of 64 when no fluid–solid interaction is considered, indicating that the fluid viscosity has no effect on it. In contrast, Po is no longer a constant after considering the fluid–solid interaction. With the increasing fluid viscosity, more and more fluid will be attached to the wall surface, reducing the effective flow space and resulting in larger flow resistance. Therefore, Po at large fluid viscosity is always higher than that at small one when the fluid–solid interaction is involved.
Viscosity Effect on Pore-Scale Flow in Tight Formations
Construction of Pore Networks and Pore-Scale Flow Network Model
Fluid flow not only occurs in single tubes but also in tight formations with different pore throat radii and complex topologies (Lyu et al., 2019; Lyu et al., 2018c). In order to improve the recovery of tight oil reservoirs, fluid flow in tight formations should be studied correctly. In this section, the fluid viscosity effect on pore-scale flow in tight formations will be investigated.
For investigation, a platform which can represent the complex structures of tight formations is required to establish (Dong et al., 2017; Huaimin et al., 2019; Raeini et al., 2018; Wang and Sheng, 2018; Zhao et al., 2020b). Here, an unstructured stochastic network model with anisotropy is first constructed. The anisotropy here means that not all pores in the pore network possess the same coordination number. Each pore is assigned a coordination number based on the distribution of coordination numbers. Compared with other generation methods (Idowu, 2009; Raoof and Hassanizadeh, 2010), the method developed here can be applied to any coordination number distribution and is more flexible (Chalendar et al., 2018; Chen et al., 2019; Wang and Sheng, 2019). The detailed construction process is shown as follows:
1) An overall physical size of the network Lx×Ly×Lz and resolution Res are given. Based on the parameters, numbers of lattices [Lx/Res]×[Ly/Res]×[Lz/Res] are determined. Then the pore body of the network is randomly assigned on these lattices. Subsequently, the pore body radius is assigned based on the pore radius distribution. The following pore bodies are assigned on the remaining lattices, and the pore body radii are given one by one if the throat lengths between the pore body to be incorporated and incorporated pore bodies are all larger than the minimal pore radius of the pore radius distribution. The aforementioned operations are repeated until the overall porosity reaches the target (it is 0.12 in our study).
2) Coordination numbers are sampled from the probability distribution. We assume that the closer the distance of the pores, the easier they will be connected. Based on this assumption, we rank the pore bodies by their distances to the ninth most adjacent pores (since the largest coordination number in our study is 9) and assign the coordination number correspondingly.
3) For every pore body, we connect its nearest pores one by one until the connectivity reaches the assigned coordination number in step (2).
4) We sample the throat radii from the input probability distribution and rank them in ascending order. Then we assign the ranked throat radii to the throats by ranking the mean radii of their connecting pore bodies.
The input data here are based on the extracted pore network of Berea 3D digital rock data by Dong and Blunt (Hu and Blunt, 2009). We reduce the throat radius distribution by a factor of 10 to make the pore throat radius in the range of tight formations. Visualization of the stochastic network along with its distributions of pore radii, throat radii, and coordination number is presented in Figure 7. It can be seen that generated distributions of the pore radii, throat radii, and coordination number agree well with the target data, illustrating the reliability of the aforementioned generation method.
[image: Figure 7]FIGURE 7 | (A) Visualization of the network (1 mm × 1 mm × 1 mm) and (B) distributions of pore radii, (C) throat radii, and (D) coordination number.
When the network is fully saturated with a single-phase p, its flow rate at every pore satisfies the mass conservation as follows:
[image: image]
where j runs over all the throats connected to the pore i.
The flow rate between two pores i and j is given as follows:
[image: image]
where gp,ij and▽PP,ij are, respectively, the conductance and displacement pressure gradient between the pore bodies i and j.
The conductance between two pore bodies gp,ij is taken to be the harmonic mean of each individual conductance as follows:
[image: image]
where t indicates the connecting throat. The pore body lengths, Li and Lj, are the lengths from the pore–throat interface to the pore center.
Since the aspect ratio is large in tight formations (Zhao et al., 2015), the fluid–solid interaction in the pores is much smaller compared to that in the throats. Hence, the fluid–solid interaction will only be considered in the throats. Fluid conductance g of the pore and throat in single-phase laminar flow can be expressed as follows:
[image: image]
where gt and rt are, respectively, the throat conductance and radius.
Then a non-linear set of equations can be formed by combining Eq. 9 and Eq. 10, which has to be solved in terms of pore pressures through repeated iterations. The absolute permeability K of the network is found from Darcy’s law:
[image: image]
where K is the absolute permeability, um2; qt is the flow rate, cm3/s; Pin and Pout are respectively inlet and outlet pressures, 0.1 MPa; A and L are the cross-sectional area and length of the network, cm2 and cm.
Based on the aforementioned constructed network and fluid flow calculation process, the viscosity effect on pore-scale flow in tight formations can be realized. In the following part, the viscosity effect on pore-scale flow in tight formations will be studied under three different conditions, which are, respectively, different displacement pressure gradients, different aspect ratios, and coordination numbers.
Viscosity Effect on Pore-Scale Flow at Different Displacement Pressure Gradients
Figure 8 shows the fluid viscosity effect on the effective throat radius and absolute permeability at different displacement pressure gradients, with and without considering the fluid–solid interaction.
[image: Figure 8]FIGURE 8 | (A) Viscosity effect on the effective throat radius and (B) absolute permeability at different displacement pressure gradients with and without considering the fluid–solid interaction.
It can be seen that the absolute permeability keeps a constant with the same value at a series of different displacement pressure gradients and fluid viscosities when the fluid–solid interaction is ignored. This phenomenon indicates that displacement pressure gradients and fluid viscosities have nothing to do with the absolute permeability which is in agreement with our common sense. However, the effective flow structures of tight formations are influenced when the fluid–solid interaction is taken into consideration, which results in a significantly different changing rule of the absolute permeability from that in conventional fluid flow. The absolute permeability no longer keeps the same constant and changes with the variation of displacement pressure gradient and fluid viscosity. As displacement pressure gradient decreases, part of the boundary fluid that can originally participate in pore-scale flow is attached on the wall surface and cannot move, reducing the effective flow space. As a result, the absolute permeability is smaller than that ignoring the fluid–solid interaction. With the displacement pressure gradient continuing to decrease, the effective flow space grows smaller and smaller, and the deviation of the absolute permeability with and without considering the fluid–solid interaction turns larger and larger. Meanwhile, with the increase in fluid viscosity, the number of molecules in the fluid becomes large, resulting in a larger fluid–solid interaction. More and more fluid is attached on the pore wall and increases the boundary layer thickness. The effective flow space becomes smaller, which results in larger flow resistance. As a result, the absolute permeability decreases with increased fluid viscosity. The larger the fluid viscosity, the smaller will be the absolute permeability.
Viscosity Effect on Pore-Scale Flow at Different Aspect Ratios
So as to investigate the fluid viscosity effect on pore-scale flow at different aspect ratios, we scale down the original throat radius distribution (Figure 7C) to a series of different values from 0.6 to 1 with the interval of 0.05, five of which are shown in Figure 9A in particular. Meanwhile, the other parameters in the aforementioned network (Figure 7) such as the distributions of the pore radii and coordination number, positions of the pore bodies and the physical size stay unchanged.
[image: Figure 9]FIGURE 9 | (A) Different distributions of original throat radius and (B) viscosity effect on the absolute permeability with and without considering fluid–solid interaction based on these different aspect ratios.
Figure 9B shows the fluid viscosity effect on the absolute permeability at a series of the above different aspect ratios, with and without considering the fluid–solid interaction.
It is noted from Figure 9B that the effect of fluid viscosity on the absolute permeability considering the fluid–solid interaction differs significantly from that ignoring the interaction. The absolute permeability curves at different fluid viscosities overlap when the fluid–solid interaction is excluded, indicating that the fluid viscosity has no effect on the absolute permeability. This is in accordance with the common sense that the absolute permeability is only the function of pore structures, which has nothing to do with fluid properties. However, the absolute permeability curves separate with each other when the fluid–solid interaction is involved. The absolute permeability decreases with increased fluid viscosity at a certain aspect ratio. This special behavior can be accounted for from the perspective of the fluid–solid interaction. As the fluid viscosity increases, the number of molecules in the fluid increases, resulting in larger surface microscopic forces. More and more fluid which can be driven at smaller fluid viscosity are attached on the wall surface due to the strong interaction, further compressing the effective flow space and resulting in larger flow resistance. Therefore, the absolute permeability decreases with the increased fluid viscosity at a constant aspect ratio.
Viscosity Effect on Pore-Scale Flow at Different Coordination Numbers
For the sake of studying the fluid viscosity effect on pore-scale flow at different coordination numbers, the following process is developed to keep other structural parameters such as the distributions of the pore and throat radii, the positions of the pore bodies, and the physical size unchanged, except the coordination numbers.
1) We first generate the pore bodies including the radii and positions until the overall porosity reaches the target 0.12, as mentioned in the first step of constructing a stochastic network in section 3.2.
2) Based on the established pore bodies, we, respectively, set the coordination number as 4, 6, 8, and 10 and assign them to each pore correspondingly as the rule indicated in the second step in section 3.2
3) The remaining steps are the same as the ones (steps 3) and 4) of constructing the network) listed in section 3.2.
Through the aforementioned construction process, four stochastic networks with different coordination numbers but the same positions and radii distributions of pore bodies and the physical size are established. The generated distributions of throat radii with four different coordination numbers are shown in Figure 10A. It can be seen that the generated distributions of throat radii agree well with each other, guaranteeing the reliability of studying the viscosity effect on pore-scale flow at different coordination numbers.
[image: Figure 10]FIGURE 10 | (A) Distribution of throat radius and (B) viscosity effect on the absolute permeability at different coordination numbers with and without considering fluid–solid interaction.
Figure 10B shows the fluid viscosity effect on the absolute permeability at different coordination numbers. It is clear that the viscosity effect on the absolute permeability differs a lot with and without considering the fluid–solid interaction. The absolute permeability curves overlap at different fluid viscosities when no fluid–solid interaction is taken into account, implying that the absolute permeability is independent of the fluid viscosity. However, the absolute permeability curves separate with each other when the fluid–solid interaction is involved. The larger the fluid viscosity, the smaller is the absolute permeability. This difference can also be due to the fluid–solid interaction. At a constant coordination number, the fluid–solid interaction grows more and more intense with the increased fluid viscosity. More and more fluid is attached on the wall surface, resulting in larger flow resistance and smaller absolute permeability.
CONCLUSION
In this work, a novel model considering the fluid–solid interaction is developed to characterize the confined fluid flow in microscales based on the concept of boundary layer. Micro-tube experiments with different scales are used to verify the accuracy and reliability of the novel model. Subsequently, the fluid viscosity effect on confined fluid flow in micro-tubes and pore-scale flow in tight formations are, respectively, studied. The following conclusions are arrived:
1) The viscosity effect on confined fluid flow in micro-tubes induces significant differences from that in conventional flow. With the increased fluid viscosity, the molecular density of the fluid increases which greatly strengthens the fluid–solid interaction. More and more boundary fluid is attached to the wall surface and cannot be driven at a certain displacement pressure gradient. Therefore, the effective flow space is narrowed and the flow resistance is magnified, which results in the smaller decreasing factor and larger Poiseuille number.
2) The absolute permeability is no longer a constant when considering the fluid–solid interaction into pore-scale flow in tight formations. The absolute permeability is not only related to pore structures of the porous media but also affected by the fluid viscosity, which is unlike our previous common sense.
3) The fluid–solid interaction grows with the increase in fluid viscosity, which compresses the efficient flow space. As a result, the absolute permeability decreases with increased fluid viscosity, respectively, under the conditions of different displacement pressure gradient, different aspect ratios, and different coordination numbers.
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A suite of source rock consists of mudstone and shale, with great thickness and continuous deposition was found in the well LK-1 in Lingshan island in Ri-Qing-Wei basin. In order to evaluate the hydrocarbon generation prospects of these source rock and find the mechanism of organic matter enrichment, shale samples were selected from the core for TOC (total organic carbon) and element geochemistry analysis. The results show that organic matter abundance of the source rocks are generally high with average TOC content of 1.26 wt%, suggesting they are good source rocks. The geochemical features show that the sedimentary environment is mostly anoxic brackish water to salt water environment with arid to semiarid climate condition. The enrichment mechanism of organic matter varied with the evolution of the basin, which was divided into three stages according to the sedimentary characteristics. In the initial-middle period of rifting evolution (stage 1 and early stage 2), paleoproductivity is the major factor of OM-enrichment reflecting by high positive correlation between the TOC contents and paleoproductivity proxies. While with the evolution of the rift basin, redox condition and terrigenous clastic input became more and more important until they became the major factor of OM enrichment in the middle stage of rift evolution (stage 2). In the later stage of rift evolution (latest stage 2 and stage 3), besides terrigenous clastic input, the effect of paleoclimate on OM-enrichment increased gradually from a minor factor to a major factor.
Keywords: Lingshan Island, organic matter enrichment, shale, Cretaceous, depositional setting
INTRODUCTION
As the most important type of source rock, shale is widely distributed in almost every depositional setting in different tectonic settings (Verma and Armstrong-Altrin, 2013). Whatever depositional setting the shale belongs to, the Total Organic Carbon (TOC) content is the primary indicator to judge the oil and gas potential. Almost each big oil and gas field all over the world owes a suite of shale or mudstone as source rock, with huge thickness and high TOC content. Previous researches (Yan et al., 2018; Gallego-Torres et al., 2007; Mort et al., 2007) indicate that restricted basin sedimentary conditions are good for organic matter (OM) enrichment and there are two typical models for OM enrichment: the paleoproductivity model and the preservation model. The paleoproductivity model emphasizes that large amount of OM enriched for the higher productivity in the sedimentary water. Large amount of OM consume oxygen in the water, leading to an anoxic environment which is good for preservation of OM (Sageman et al., 2003; 8; Tang et al., 2020). While the preservation model stresses the importance of the sea level fluctuation and the restricted effect of basin, proving an anoxic environment for OM accumulation (Arthur et al., 1998; Mort et al., 2007; Tang et al., 2020). In addition, the terrigenous clastic input is another important factor controlling the OM enrichment in recent study (Tang et al., 2020). Changes in sedimentary environment would affect the OM enrichment. The geochemistry of shale could reflect the sedimentary environment such as Ba, P, Cu for paleoproductivity (Paytan and Griffith, 2007; Algeo et al., 2011), Mo, U, V for redox condition and Al, Ti, Zr for terrigenous clastic input (Tribovillard et al., 2006).
There were a lot of Meso-Cenozoic basins developed in eastern China as the respond to the subduction of western Pacific plate. With the development of petroleum exploration, more and more petroliferous basins were found such as Bohai Bay basin, Songliao basin (Wang et al., 2020). However, the oil and gas potential of Jiaolai basin which is the best record with relatively complete Cretaceous strata, is not ideal. Recently, the Lingshan island scientific drilling (Well LK-1) uncovered there was a rifting basin in the central Sulu orogenic belt, beside the Jiaolai basin. Although a lot of researchers have studied Lingshan island in different aspects, the oil and gas potential is still unclear. This study focuses on the core sample of LK-1, using TOC content and element contents of shale samples to reveal the mechanism of organic matter enrichment.
GEOLOGICAL SETTING
Ri-Qing-Wei basin is located in the central Sulu orogenic belt, eastern coastal Shandong, China. It is a long and narrow late Mesozoic rift basin and is distributed along the NE-SW direction. The northwest boundary is Wulian-Qingdao faults and Jimo-Muping faults, while the southeast boundary is Qianliyan faults. Lingshan island is located in the south Ri-Qing-Wei basin (Figure 1). The strata in Lingshan island represents the stratigraphic sequence of Ri-Qing-Wei basin. The stratigraphic sequence is divided into two groups: 1) Laiyang group, the older one which is consisted by a series of gravity flows’ deposition (Lü et al., 2011; Zhong et al., 2012; Yang and van Loon, 2016; Yang et al., 2017; Liang et al., 2018; Yang et al., 2018), mainly developed in the west island, including several outcrops (Figure 2A) such as Beilaishi, Qiancengya, Chuanchang, Dengta et al., and 2) Qingshan group, the younger one which is mainly dominated by volcanic deposition and a suite of terrestrial clastic deposits (Wang et al., 2015; Zhou et al., 2017; Zhou et al., 2018).
[image: Figure 1]FIGURE 1 | Geological map of Ri-Qing-Wei basin and related area (modifiedfrom Zhou et al., 2015; Liu et al., 2019).
[image: Figure 2]FIGURE 2 | The geological framework and lithology of the well LK-1.
In order to uncover the main layer sequence of the Laiyang group, we set up the Lingshan Island Scientific Drill (Well LK-1). The depth of LK-1 is 1,350 m, and the total thickness of layers of shale and mudstone is about 550 m. This discovery further confirms the existence of Ri-Qing-Wei basin. In the layers of Laiyang group which are presented by the core of LK-1 (Figure 2B), various kinds of gravity flows and large amounts of soft sediments deformation structures are found. Also, a lot of markers representing deep-water sedimentary environment are observed, such as iron nodule, vitrain and plant debris. According to the lithology and sedimentary characteristics of LK-1, Yuan et al. (2019) show that the sedimentary strata of Laiyang group developed fan delta, subaqueousfan, turbidite fan and delta from the bottom to the top. In addition, the evolution of Ri-Qing-Wei basin could be divided into four stages (Yuan et al., 2019): initial stage of the basin rifting, the stage of basin expansion and subsidence, the stable stage of deep subsidence and the stage of basin uplift.
MATERIALS AND METHODS
Eighty-two samples of shale of LK-1 were selected to do TOC (total organic carbon) analysis. Thirty samples of the batch above and other 22 samples were selected to do major and trace element analysis.
TOC (total organic carbon) content analyses were done in Northeast Petroleum University. The TOC contents were measeured with acid-dissolution method. Diluted hydrochloric acid were used to removing the inorganic carbon compound of the samples’ powder. After, samples were burned in the high temperature oxygen. Carbon content of CO2 produced during the burning process are all from the organic carbon of samples. The contents of CO2 were measured by thermal conductivity detector, to get the TOC contents. The detailed analytical method is described by Liu et al. (2019).
Chemical analyses were conducted in the laboratory of Eighth Institute of Geology and Mineral Exploration of Shandong Province, China. Fresh rock pieces without cracks were crushed to 200 meshes before experiment. Major oxides were analyzed by X-ray fluorescence spectrometry (XRF; equipment model is Axios) with the relative standard derivation (RSD) of major oxides less than 5%. Trace elements were analyzed by ICP-MS (equipment model is ICAP Qc), and detailed procedures for trace elements analysis are as described by Liang et al. (2000). The relative standard deviations (RSD) of trace elements are within 5%. The procedures for major and trace element analyses are described by Kimura (1998) and Liang et al. (2000), respectively.
RESULTS
The TOC, major element, trace element and rare element contents of LK-1 shales analyzed in this study are listed in the Supplementary Table S1.
TOC Contents
The TOC contents of collected samples of Laiyang group from LK-1 are generally high, with a mean TOC content at about 1.26 wt%. More than 70% of samples’ TOC content are greater than 1 wt%. The TOC contents are different within different depth of LK-1. In the depth ranges below, TOC content of most samples are greater than 1 wt%: 145–246 m (average TOC, 1.39 wt%), 392–453 m (1.74 wt%), 589–665 m (1.35 wt%), 696–776 m (1.46 wt%), 833–919 m (1.85 wt%), 1,031–1,136 m (1.40 wt%), 1,175–1,301 m (1.45 wt%).
Major Elements
The element composition of the shales of Laiyang group are dominated by SiO2 (51.90–75.12 wt%, average 61.09 wt%), Al2O3 (8.68–18.58 wt%, average 14.86 wt%) and CaO (1.21–17.56 wt%, average 7.12 wt%). Besides, these shales also contain relative low concentrations of Fe2O3 (average 5.22 wt%), K2O (average 3.59 wt%), MgO (average 3.42 wt%), Na2O (average 3.22 wt%). Other major element contents (MnO, P2O5, TiO2) are all lower than 1 wt%.
The contents of SiO2, Al2O3, Fe2O3, K2O and MnO of our samples are close to PAAS (Taylor and Mclennan, 1985), while the contents of CaO and P2O5 show much higher than the corresponding contents in PASS (Figure 3). The higher concentration of CaO may be related to the calcite veins which widely spread in the core. The higher content of P2O5 may reflect the higher paleoproductivity in the sedimentary water in Laiyang period, because P is an important nutrient element to life.
[image: Figure 3]FIGURE 3 | Major elements and XEFof trace elements.
A negative correlation can be seen between SiO2 and Al2O3 contents, and between Al2O3 and CaO contents (Figure 4). No obvious correlation could be observed between Al2O3 and P2O5. These indicate Si, Ca, P of samples are mainly effected by sedimentary environment, while the effect of terrigenous clastic input is relative slight. However, samples show a positive correlation between Al2O3 and TiO2 contents. This indicates Ti in samples were mainly controlled by terrigenous clastic input.
[image: Figure 4]FIGURE 4 | The correlation analysis of major elements from LK-1.
Trace Elements
Different trace element owes different sensitivities to specific geological event, so sedimentary environment could be reconstructed by suitable trace elements. Selecting authigenic element composition could help reflecting the sedimentary water conditions better and also its variation during the geological period.
Element enrichment factors were used to see the enrichment or depletion of an element through comparing with selected standard value. In this study, the trace elemental compositions of the samples were compared with the composition of PAAS (Taylor and Mclennan, 1985) through Al-normalization to identify significant deviations. Element enrichment factors of X (XEF) were caluculated by XEF = (X/Al)Sample/(X/Al)PAAS. XEF > 1 represents the element X was relative enriched in Sample compared to X in PAAS, while XEF < 1 represents the situation of depletion. The XEF of Co, Pb, Ba, Sr, Hf, U are obviously larger than 1 showing these trace elements are enriched in samples than PAAS. While the XEF of V, Cr, Ni, Sc, Cu, Cs are much lower than 1, indicating these elements are depleted. As to the elements Li, Rb, Th, Nb and Zr, behaved similar to PAAS for their XEF values are close to 1 (Figure 3).
Rare Earth Elements
Both sedimentary water condition and terrigenous clastic input affect the rare earth elements in shale. Because of the stability of rare earth elements after they were absorbed from the sedimentary water and preserved in sedimentary rock, they are often used to reflect the paleo-environment conditions (Sholkovitz et al., 1994; Xia et al., 2015). The∑REE of shales of Laiyang group from LK-1 range from 115.69 to 334.03 × 10−6, with an average value of 225.19 × 10−6, larger than ∑REE contents in UCC (148.14 × 10−6) and PAAS (184.77 × 10−6). The ratios of ∑LREE/∑HREE of our samples are 3.48–6.25 with a mean value of 5.10. These show shales of Laiyang group from LK-1 are enriched in LREE, relative depleted in REE.
The trends of variation of LREE and HREE contents match each other in vertical direction of well LK-1 (Supplementary Table S1). At the beginning, from the depth 1,312–1,032 m, the ratio of ∑LREE/∑HREE varies from 4.72 to 5.69, does not change much. The ratio show much variation (3.48–6.25) from the depth 887–412 m. From the depth of 412–24 m, the ratio does not show much fluctuation, demonstrating the similar situation as the beginning. The different variation of ∑LREE/∑HREE may be related to the terrigenous clastic input and sedimentation rate.
DISCUSSION
The calculations of proxies are represented in Supplementary Table S1.
Paleoproductivity Proxies
The enrichement of organic matter depends on whether there were enough organic matter sources in the geological period. The sources of organic matter mainly come from two parts: besides the partly organic matter provided by terrigenous clastic input, the biological productivity in sedimentary water is another key factor for organic matter enrichment (Authur and Sageman, 1994). The higher biological productivity in sedimentary water, the better sedimentary condition for organic matter enrichment. Elements such as Ba, P, Al and Ni were widely used as paleoproductivity proxies. In this study, we select P and biogenic Ba(Babio) content to discuss the paleoproductivity of Laiyang group.
Element P is necessary for organisms to survive and reproduce in water and the content of P element could reflect the paleoproductivity. In addition, the P of organisms will transfer into sediments after their death (Shen et al., 2015). In this study, P of samples are divided by Al and Ti to avoid the effect of terrigenous clastic input, so P/Al and P/Ti could reflect the paleoproductivity more precisely. The P/Ti and P/Al of shales of Laiyang group from LK-1 vary with the depth, behaving similar trends. The ratio of P/Ti ranges from 0.14 to 0.71 with a mean value of 0.28 and the ratio of P/Al ranges from 0.007 to 0.035 with a mean value of 0.012. These two ratios are generally larger than the ones of PAAS (P/Ti = 0.12, P/Al = 0.007) according to Figure 5, indicating the high level of paleoproductivity in Laiyang period.
[image: Figure 5]FIGURE 5 | Stratigraphic distribution of TOC, paleoproductivity proxies, redox proxies, in well LK-1.
Biogenic Ba content (Babio) has been widely used as an important paleoproductivity proxy. Also the Ba of samples were affected by terrigenous clastic as other elements, so avoiding the effects of terrigenous clastic is the first step to do. Murray and Leinen (1996) proposed the method to calculate the biogenic Ba content (Babio): Babio = BaSample − AlSample × 0.0077. The Babio values of shales of Laiyang group from LK-1 range from 11.85 to 767.05 ppm with a mean value of 283.99 ppm. The trend of Babio does not match the trends of P/Ti and P/Al perfectly because the content of Ba may be affected by the redox condition and the hydrothermal activity.
Redox Proxies
Redox condition of sedimentary water is directly related to the preservation of organic matter, so the study of redox condition is very important. V/(V + Ni) and Ceanom are widely used to judge the redox condition (Abanda and Hannigan, 2006; Raiswell, 1988; Wang et al., 2014). V/(V + Ni) < 0.46 represents oxic environment, 0.46–0.57 represents semi-anoxic environment, >0.57 represents anoxic environment. Moreover, when the value of V/(V + Ni) is larger than 0.54 but less than 0.82, anoxic and a less strongly stratified water column is indicated. If the value of V/(V + Ni) is larger than 0.84, it indicates the presence of H2S in a strongly stratified water column (Hatch and Leventhal, 1992). To avoid the potential analytical errors of single element concentration, other reliable indices such as V/Cr, Ceanom and U/Th (German and Elderfield, 1990; Jones and Manning, 1994) are also used in this study. Values of V/Cr above two represent anoxic of depositional conditions, and the closer this value gets to 1, the more oxic the depositional condition it was. Ce anomaly was defined and applied by German and Elderfield (1990) as a paleoredox indicator: Ce anomaly (Ce/Ce*) = 3(Ce/Ceshale)/[(2La/Lashale)+(Nd/Ndshale)], the value of REE of the shale as normalized standard is from De Baar et al. (1985). As Figure 5 shows, the values of V/(V + Ni) of our samples do not show obvious fluctuation with the depth, ranging from 0.68 to 0.86 with a mean value of 0.75. This indicates the depositional condition is anoxic environment with a less strongly stratified water column. The values of Ceanom of our samples range from 1.09 to 1.23 with a mean value of 1.16. According to the application of Ceanom from German and Elderfield (1990), the depositional conditions in Laiyang period is an anoxic environment. The values of U/Th range from 0.70 to 2.69 with a mean value of 1.26, indicating the depositional conditions varied between anoxic and dysoxic environment (Jones and Manning, 1994). The values of V/Cr of shales form LK-1 range from 0.97 to 2.26 with a mean value of 1.58. Although the ratio of V/Cr might be affected by the carbonate content (Jones and Manning, 1994), its trend with the depth shows similarity as the trend of V/(V + Ni). Combined those geochemical evidences above with widely distributed pyrite across the whole layers of Laiyang group, the redox condition of Laiyang period is mainly anoxic environment.
Paleosalinity and Paleoclimate Proxies
Paleosalinity is an important indicator to reflect the sedimentary water, and also could help to judge the marine and terrestrial environment. The ratio of Sr/Ba and the Value m (=100 × MgO/Al2O3) were selected as the indicators to reflect the paleosalinity. The ratio of Sr/Ba < 0.5 represents freshwater environment, 0.5 < Sr/Ba<1 represents brackish water and Sr/Ba>1 represents salt water (He et al., 2019). Zhang et al. (1988) proposed the value m (=100 × MgO/Al2O3) as an indicator to interpret the paleosalinity: m < 1 represents fresh water, 1 < m < 10 represents transitional environment and m > 10 represents marine environment.
The ratios of Sr/Ba of shales of Laiyang group from LK-1 (Figure 6) range from 0.22 to 1.89 with a mean value of 0.68 and the value m range from 10.43 to 43.57 with a mean value of 23.27. These indicate the paleosalinity condition of depositional water of Laiyang period is almost brackish water to salt water in a marine environment.
[image: Figure 6]FIGURE 6 | Stratigraphic distribution of TOC, paleosalinity proxies, paleoclimate proxies, and terrigenous clastic proxies, in well LK-1.
CIA (Chemical Index of Alteration), C-value and Sr/Cu were selected to interpret the paleoclimate condition of Laiyang period. Because the weathering degree of rock is different under different climate condition, the CIA were successfully applied to reflect the paleoclimate condition (McLennan, 1993): 50 to 65 (arid), 65 to 85 (semiarid to semimoist), 85 to 100 (moist). The element Sr, Cu, Mg, Ca are sensitive to the paleoclimate, so the ratios of Sr/Cu and Mg/Ca were used as indicators of paleoclimate in sedimentary period. The ratio of Sr/Cu > 10 was explained to stand for the arid and hot climate condition, while 1 < Sr/Cu < 10 indicates warm and moist climate condition. The trace elements Fe, Mn, Cr, V, Ni and Co have been proved to be relatively enriched in sediments formed under moist conditions. In contrast, the elements of Ca, Mg, K, Na, Sr and Ba exhibit higher concentrations under arid conditions because the evaporation prompts saline minerals to precipitate (Cao et al., 2012). The C-value [C-value = Σ(Fe + Mn + Cr + Ni + V + Co)/Σ(Ca + Mg + Sr + Ba + K + Na)] has been applied successfully in evaluating the palaeoclimatic conditions (Cao et al., 2012; Fu et al., 2016; He et al., 2019).
In this study (Figure 6), the CIA of shales of Laiyang group range from 39.36 to 60.44 with an mean value 51.26, indicating an arid paleoclimate in Laiyang period. The C-values range from 0.16 to 0.53, reflecting dominant arid to semiarid climatic conditions at the time of deposition. The ratio of Sr/Cu range from 8.46 to 73.59 with a mean value of 25.12, showing an arid to semiarid paleoclimate condition.
Terrigenous Clastic Proxies
The concentration of Al, Ti, Zr, Th in sediments are mainly affected by terrigenous clastic. The latter diagenesis and weathering had little effect on their preservation. So, these elements were used to reflect the situation of terrigenous clastic input during the deposition period (Murphy et al., 2000; Tribovillard et al., 2006). In sedimentary rock, element Ti, Zr and Th are persevered in the heavy minerals such as ilmenite, zircon or in the clay minerals, while Al are mainly persevered in the clay minerals (Young and Nesbitt, 1998). The contents of Al, Ti, Th and Zr vary in a wider range among the shales of Laiyang group: Al (4.62–9.84 wt% with a mean value of 7.97 wt%), Ti (0.18–0.51 wt% with a mean value of 0.36 wt%), Zr (144.51 × 10−6 to 246.31 × 10−6 with a mean value of 191.29 × 10−6) and Th (5.64 × 10−6 to 28.30 × 10−6 with a mean value of 12.04 × 10−6). From the trends of variation of Al, Zr, Th, the condition of terrigenous clastic input varied during the Laiyang period. In the first sedimentary period, the change in terrigenous clastic input was quite small. The condition of terrigenous clastic input raised and then reduced for two times, showing an intermediate level. In the second sedimentary period, the change became much more fluctuant and reached the peak in the middle of this period. This may be related to the continuous input water as the rift developed. The level of terrigenous clastic input reduced at the beginning of the third sedimentary period, then raised gradually.
Controlling Factors of OM Enrichment
From the 15 different indicators above, the basic change in sedimentary condition of Laiyang period in Lingshan island could be concluded. The sedimentary environment is almost brackish water to salt water in a marine environment with redox condition of mainly anoxic. The paleoclimate condition is dominated by arid to semiarid climatic conditions. Paleoproductivity kept at a relatively high level in the whole Laiyang period, compared to PAAS. In order to find the relationship between TOC contents and those indicators of different factors and also find the key indicators in different stages, correlation analysis method were applied (Figure 7).
[image: Figure 7]FIGURE 7 | The relationship between paleoproductivity proxies, redox proxies, paleosalinity proxies, paleoclimate proxies, terrigenous clastic proxies andTOC contents of three sedimentary stages of Laiyang group, in well LK-1.
In the first stage, the index of P/Al is highly positive correlated to the TOC contents with R2 = 0.7655. This suggests the paleoproductivity is the key controlling factors of OM enrichment in the initial stage. Although Ceanom is slightly negative correlated with the TOC contents (R2 = 0.3852), the correlation coefficients of V/(V + Ni) and V/Cr are all less than 0.2. Thus, the redox condition may be a minor factor of OM enrichment. The paleosalinity condition should be another minor factor of OM enrichment as well, reflecting by its medium positive correlation between m and TOC contents (R2 = 0.4833). The correlation coefficients of all the other indexes versus TOC contents are less than 0.3, suggesting very little effect on OM enrichment. In the second stage, no obvious pattern were seen from the correlation analysis between the selected indexes with TOC contents if this period was regarded as a whole. This is because the variation of the factors of the upper part and the lower part of the second stage follow different trends, suggesting the controlling factors should be different between the upper and lower parts. In the lower part, the index of P/Al is medium positive correlated to the TOC contents (R2 = 0.569), suggesting the paleoproductivity is one of the major controlling factor of OM enrichment. The indicators of redox condition show correlation with the TOC content at different level (V/Cr with R2 = 0.6022, U/Th with R2 = 0.3039, Ceanom with R2 = 0.2617), together suggesting the redox condition is another major controlling factor of OM enrichment in this period. The effect of terrigenous clastic in the lower part is significant, because the Al content is medium negative correlated to the TOC content (R2 = 0.5568). The indicators of paleosalinity and paleoclimate show slightly correlated to the TOC contents (m with R2 = 0.3602 and CIA with R2 = 0.3064), suggesting both the paleosalinity and paleoclimate condition are minor factors of OM enrichment. While in the upper part, only the index of Zr is medium positive correlated to the TOC contents with R2 = 0.5875. But the indexes of Al and Th are almost not correlated to the TOC contents with R2 = 0.1649, 0.201, respectively. The indexes of redox condition show medium to slight correlation with the TOC contents: U/Th with R2 = 0.4776, V/(V + Ni) with R2 = 0.39 and V/Cr with R2 = 0.2599. These together indicate the terrigenous clastic input and redox condition are the major factors of OM enrichment of the upper part of the second stage of Laiyang period. In the third stage, the indexes of Sr/Cu, C-value and Al are highly to medium correlated to the TOC contents with R2 = 0.7356, 0.5163 and 0.5921, respectively, suggesting paleoclimate condition is the major factor and the terrigenous clastic input is the minor factor of OM enrichment. The paleoproductivity also show slightly to not positive correlated to the TOC contents, reflecting by the indexes of BioBa (R2 = 0.3766), P/Ti (R2 = 0.1836) and P/Al (0.1675). However, the other indicators are not obviously correlated to the TOC contents.
Above all, the controlling factors of OM enrichment varied during the three sedimentary periods (Table 1). This may be affected by the different sedimentary mircrofacies of the shale in different depth. Such as the geochemical features of shale from the “Te” part of turbidite may be closely related to the terrigenous clastic input, while the one from deep lake/marine should be much more affected by the paleoproductivity, redox condition and paleosalinity condition. In addition, the paleoclimate didn’t change much during Laiyang period. Thus, the evolution of the rift basin which controlled the sedimentary facies should be the primitive factor controlling the OM-enrichment of shale.
TABLE 1 | Factor of OM-enrichment in different stages.
[image: Table 1]CONCLUSION
The TOC contents of shale samples of Laiyang group from the well LK-1 are generally higher than 1 wt%, indicating that they are good source rocks. The factors controlling OM-enrichment varied in different sedimentary period of Laiyang period, recorded by the geochemical features of the shale samples. In the early period of rifting evolution (the stage 1 and the early stage 2), paleoproductivity is the major factor of OM-enrichment. The role of redox condition and terrigenous clastic input became more and more important. When the rift evolution entered the late period (the late stage 2 and the stage 3), terrigenous clastic input is the most important factor controlling the OM-enrichment.(Mcmanus et al., 1998)., (Raiswell et al., 1988)
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Water huff-n-puff is an effective technology to enhance oil recovery (EOR) of low-permeability reservoirs, which are usually developed with hydraulic fracturing. Fluid exchange between fractures and the matrix is the main EOR mechanism. However, the presented water huff-n-puff simulations usually assume vertical fracture morphology, while the horizontal fractures formed in shallow reservoirs are rarely reported. In this study, we first introduced the water huff-n-puff process in a low-permeability oil reservoir with horizontal fractures and described the multiphase flow characteristics during the huff, soak, and puff stages. Then combined with a series of experiments, a comprehensive method is used to determine the key flow parameters, that is, capillary pressure and relative permeability. Finally, using the Chang 6 reservoir as an example, a series of numerical simulations were conducted to demonstrate the effect of water huff-n-puff on the well performance in this field. The simulation results showed that oil production is mainly affected by the injection volume and injection rate, while water production mainly depends on the well shut-in time. For a typical well in this field, the optimal injection volume, injection rate, and well shut-in time are 300 m3, 10 m3/d, and 30 days, respectively. In addition, our results showed that increasing the number of cycles not only benefits fluid exchange but also enhances the formation pressure. Both of them can accelerate the development of low-permeability oil reservoirs.
Keywords: water huff-n-puff, low-permeability reservoirs, horizontal fracture, Chang 6 reservoir, imbibition
1 INTRODUCTION
With the depletion of conventional resources and the increase in energy demand, low-permeability oil reservoirs play an important role in the world energy map (Wang et al., 2018; Rao et al., 2020; Feng et al., 2021). Due to the poor physical properties of the reservoir, that is, small pore size, low porosity, and low permeability, hydraulic fracturing becomes the necessary technology to develop these types of reservoirs in a commercial and effective way (Takahashi and Kovscek, 2010; Ren et al., 2016; Huang et al., 2021a; Huang et al., 2021b). However, the fields usually show a rapid decline in the production rate and formation pressure, which corresponds to low recovery that depends only on elastic energy (Han et al., 2021). Therefore, how to improve oil recovery after depletion production has become an urgent target for researchers and engineers. Due to its wide distribution in nature, water is considered the most appropriate medium to supplement formation energy. Moreover, in order to extract more oil from low-permeability reservoirs, water huff-n-puff is the preferred technology because injected water in the fractures and crude oil in the matrix can exchange with each other under the drive of capillary force (Wang et al., 2018). Moreover, this technology has been already put into practice in some areas, such as the Changqing oil field and the Yanchang oil field in China. Therefore, research studies on the dynamic process and influencing factors of water huff-n-puff are important to improve the well performance of reservoirs with low permeability.
During the water huff-n-puff process, the well is shut down for a period of time after the injection of water. Under the drive of capillary pressure, injected water is imbibed into the matrix and displaces the oil into the fracture or into the area near the wellbore. Subsequently, the well is reopened, and the oil in the fractures or the near-wellbore area can be produced easily (Wang et al., 2021a; Wang et al., 2021b). Therefore, imbibition under the drive of capillary pressure is considered to be the main mechanism of water huff-n-puff to improve the recovery of low-permeability reservoirs. According to this mechanism, researchers have conducted numerous laboratory experiments and numerical simulations (Wilsey and Bearden, 1954; Graham and Richardson, 1959; Tavassoli et al., 2005; Sun et al., 2022). Rangel-German and Kovscek (2004) used a microscopic visualization model to observe the fluid exchange between fractures and the sandstone matrix, and the results showed that the fluid exchange is affected by the injection rate and the relative permeability of the media. Wang et al. (2018) conducted a series of imbibition experiments and found that there is an optimum permeability for spontaneous imbibition. This is because the variation of permeability has contradictory effects on spontaneous imbibition, that is, the decrease in capillary pressure and the increase of water flow space. Rao et al. (2020) investigated the mechanisms of water puff-n-huff in low-permeability reservoirs with complex fracture networks, and the results showed that the surface area of fractures determines the imbibition efficiency. His results suggest that increasing the complexity of fractures can promote fluid exchange between the fractures and the matrix. In addition, formation energy supplementation and unstable displacement are also considered to contribute to EOR. Wang et al. (2019) conducted a simulation to evaluate the effect of multiple cycles on well production in a tight oil block. The results showed that increasing the number of cycles can increase the injection pressure and decrease the capillary pressure, leading to a decrease in development effects.
Although researchers have conducted many experiments and simulations to investigate the effects of water huff-n-puff on well performance in low-permeability reservoirs, most of the work focuses on reservoirs with vertical fractures. In fact, the morphology of hydraulic fractures strongly depends on the relative magnitude of stress in the vertical and horizontal directions. For example, in a deposit with deep burial depth, the hydraulic fractures usually expand in the vertical direction because the stress in this direction is much greater than that in the horizontal direction. However, for a reservoir with shallow burial depth, the stress in the horizontal direction is in the advantage position, leading to the formation of horizontal fractures (Hartsock and Warren, 1961). Fisher and Warpinski (2012) made a statistical analysis of ten thousand of hydraulic fractures in North America and found that the morphology of hydraulic fractures is horizontal when the depth of the reservoirs is less than 2000 ft; at a depth greater than 4000 ft, mainly vertical fractures are found. At the Yanchang oil field in China, the burial depth of the reservoirs is in the range of 500–700 m. Thus, the morphology of fractures in this area usually extends in the horizontal direction. However, the huff-n-puff process of water and its effects on the well performance in these reservoirs have not been well studied.
In this article, we first presented the process of water huff-n-puff in a low-permeability oil reservoir with horizontal fractures, accompanied by the multiphase flow characteristics during huff, soak, and puff stages. Then in combination with the imbibition experiments, a comprehensive method is used to determine the key flow parameters, that is, capillary pressure and relative permeability. Finally, using the Chang 6 reservoir as an example, the impact of the water huff-n-puff method on the well performance of low-permeability oil reservoirs with horizontal fractures is evaluated with a series of numerical simulations.
2.MECHANISM ANALYSIS OF WATER HUFF-N-PUFF
Water huff-n-puff could enhance oil recovery because of the supplement of formation energy and the exchange between crude oil in the matrix and injected water in the fractures. Based on the migration of fluids, water huff-n-puff can be divided into huff, soak, and puff stages (Wang et al., 2018; Gao et al., 2022).
As illustrated in Figure 1A, in the huff stage, water is injected into the reservoirs with high pressure to create the fracture networks. For a reservoir with low permeability and shallow depth, the horizontal morphology with an elliptical shape is the most common. In this stage, the injected water fills the fractures and then flows into the matrix in the vertical direction and the radial direction. Overall, the injected water increases the pressure of the formation and lowers the oil saturation near the wellbore. After the water injection, the well is shut down for a period of time, which can be referred to the soak stage. As illustrated in Figure 1B, capillary pressure plays the main role in this stage and determines the redistribution of fluids, that is, oil and water. Under the drive of capillary pressure, the convective motion of oil and injected water is achieved by spontaneous imbibition. Overall, the main objective of well shut-in is to exchange the crude oil at depth to the fracture or near-wellbore zone. After a certain period of shut-in, the well is reopened and the oil starts to be produced. As illustrated in Figure 1C, under the drive of drawdown pressure, the oil in the fractures flows rapidly to the bottom hole, resulting in higher production that lasts only for a short time. With the continuous production, both of the fluids in the radial and vertical directions would flow into the fractures. After a period of production, the oil in the fractures and near-wellbore zone is essentially removed, and the well shows the characteristics of depletion development again.
[image: Figure 1]FIGURE 1 | Schematic diagram for the water huff-n-puff in low-permeability reservoirs with a horizontal fracture. (A) Huff stage, (B) soak stage, (C) puff stage.
3 ESTIMATION OF CAPILLARY PRESSURE AND RELATIVE PERMEABILITY
Based on the analysis of the mechanism of water huff-n-puff, the imbibition effect is the key factor for the migration and redistribution of fluids. Therefore, in this part, two cores from the Chang 6 reservoir are selected to conduct the imbibition experiments. Meanwhile, some related experiments, such as, wettability measurement, mercury injection test, and interfacial tension (IFT) measurement, are also conducted. Based on the experimental results, we used a comprehensive method to determine the capillary pressure and relative permeability, which are the fundamental parameters for numerical simulations.
Capillary Pressure
Two sandstones with low permeability from the Chang 6 reservoir were used for the experiments. The information of porosity and permeability is given in Table 1. Mercury injection and pore size distribution (PSD) curves were measured using an AutoPore IV mercury-injection analyzer with the highest pressure of 204 MPa and the pore size ranging from 0.006–360 μm, as shown in Figure 2.
TABLE 1 | Sample properties in the Chang 6 reservoir.
[image: Table 1][image: Figure 2]FIGURE 2 | Results of mercury injection test of our samples. (A) Capillary pressure curves. (B) Pore size distribution curves
It should be noted that the capillary pressure curves of the oil–water system can be estimated based on the mercury injection curves by correcting the difference between the oil–water system and the Hg–air system. Before the correction, the wettability of the rock and the IFT of the oil–water system should be determined. In this study, the sessile drop method was used to measure the contact angle, and the results for our samples are 16.6° and 8.2°, respectively (Figure 3). Therefore, it is assumed that the Chang 6 reservoir is water-wet. Meanwhile, the interfacial tension (IFT) of the crude oil is measured by a spinning drop tensiometer at room temperature of 20°C and reservoir temperature of 35°C, and the results are shown in Figure 4. At room temperature, the IFT is 35 mN/m, while at reservoir temperature, the IFT decreases to 22 mN/m.
[image: Figure 3]FIGURE 3 | Contact angle of two samples. (A) Sample 1. (B) Sample 2
[image: Figure 4]FIGURE 4 | IFT of crude oil–water system with different temperature.
Based on the measured contact angle and IFT, the capillary pressure of the oil–water system at room temperature (20°C) and reservoir temperature (35°C) is shown in Figure 5. In this study, the capillary pressure at reservoir temperature is considered as the representative one in the reservoir. it should be noted that this replacement is based on the following assumptions: 1) the effect of pressure on IFT is ignored because IFT results from the density difference of two immiscible fluids, and pressure has no significant effect on water density and oil density. 2) The effect of temperature on wettability is ignored. At room temperature, our samples have already shown strong hydrophilicity. In general, when the surface is hydrophilic, increasing the temperature can enhance the affinity to water molecules. Thus, the influence of temperature is insignificant.
[image: Figure 5]FIGURE 5 | Estimated capillary pressure of two cores for the oil–water system. (A) Sample 1. (B) Sample 2
Spontaneous Imbibition Experiments
As illustrated in Figure 6, the experiment of spontaneous imbibition is performed with an automatic metering system, which is assembled by an electronic balance and a computer. In this experiment, the samples are held under a rigid metal frame with a non-elastic and impermeable string, and their mass can be measured by the electronic balance (JJ632BC), whose accuracy is 0.0001 g and measuring range is 620 g. Meanwhile, the change of mass is transmitted to the computer in real time. The experiments were conducted in a constant temperature chamber (T = 20°C) to mitigate the effects of temperature variation in the environment. The procedure of experiments is as follows: 1) the geometrical parameters of the samples, that is, length and radius, are measured. 2) The samples are cleaned and the impurities in the core, that is, crude oil and bitumen, are removed. 3) The samples are dried at a temperature of 105°C for 8 h. The mass of the dry samples is determined if the mass difference between the two successive measurements is less than 0.01 g. 4) The clean samples are immersed in crude oil for 48 h to ensure that the pores are filled with crude oil. Then the samples are suspended by an impermeable string and immersed into the water. 5) The mass of imbibed water is recorded automatically until the mass remains constant within 1 hour.
[image: Figure 6]FIGURE 6 | Picture of spontaneous imbibition experiments.
As illustrated in Figure 7A, our results indicate that the imbibition curves of the two samples are very close because their physical properties are very similar. From Figure 7A, it can be seen that the imbibition rate gradually decreases and finally approaches equilibrium. The reason is that the imbibition of water increases the water saturation of the cores, which leads to a decrease in the capillary pressure. Moreover, the experimental data are managed by the method, that is, the Y-coordinate is plotted as the imbibed mass m, while the X-coordinate is plotted as the square root of time t1/2, as shown in Figure 7B. The results show that m has a linear relationship with t1/2. This finding may help to determine the relative permeability of the imbibition process.
[image: Figure 7]FIGURE 7 | Results of imbibition experiments. (A) m∼t. (B) m∼t1/2.
Relative Permeability
By neglecting the gravity effect, a mathematical model for immiscible, incompressible, and isothermal two-phase flow is obtained by combining the Darcy flow and continuity equation (Ren et al., 2016; Alyafei and Blunt, 2018) as follows:
[image: image]
where vt is the total velocity, fr (Sw) is the fractional flow function, and Dr (Sw) is the capillary dispersion coefficient.
The fractional flow function can be expressed as follows:
[image: image]
where Krw and Kro are the water relative permeability and oil relative permeability, respectively; μw and μo are the water viscosity and oil viscosity, respectively.
The capillary dispersion coefficient can be expressed as follows:
[image: image]
For spontaneous imbibition, the initial condition is given as follows:
[image: image]
The boundary condition for spontaneous imbibition is given as follows:
[image: image]
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Based on the experimental results in Section 3.2, imbibed mass m has a linear relationship with the square root of time t1/2. Correspondingly, the imbibed rate is also in proportion to the t1/2, which can be written as follows (Ren et al., 2016):
[image: image]
where A is an imbibition constant.
Furthermore, capillary fractional flow F(Sw) is defined as the ratio of water flux in the core to the condition at the inlet.
[image: image]
Based on Eqs 1–8, the water saturation profile for spontaneous imbibition can be given with the semi-analytic form, as follows:
[image: image]
[image: image]
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Based on Eq. 9, the imbibition mass can be given as follows:
[image: image]
Therefore, the slope between m and t1/2 is given as follows:
[image: image]
According to Eqs 10–14, we can know that besides the physical properties of core samples and fluids, the capillary dispersion coefficient and relative permeability are the key factors to determine the imbibition results. The capillary pressure is shown in Figure 5, and the relative permeability curve can be determined as the function of normalized water saturation.
[image: image]
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Based on Eqs 14–17, parameter λ can be obtained by the slope between m and t1/2 in our experiments. Moreover, the relative permeability curve can be estimated, and the results are shown in Figure 8. The results provide the basic seepage parameters for our numerical simulations.
[image: Figure 8]FIGURE 8 | Estimated relative permeability curves of two samples.
Meanwhile, some uncertainties during this process should be noted: 1) as shown in Figure 2B, the measured PSD curves demonstrated that the pore dimension of samples ranges from several nanometers to several micrometers. Non-Darcy flow has been widely acknowledged in such a small space because of its remarkable surface effects (Feng et al., 2018b; Feng et al., 2019). 2) Microfractures induced by the imbibed water could also influence the imbibition process. 3) Some special phenomena (e.g., electric double layer, electro-viscosity, and osmotic pressure) induced by the ion in the formation fluids increase the complexity of multiphase flow (Feng et al., 2018a). This would be our future work.
4 NUMERICAL SIMULATION AND FIELD APPLICATION
In this section, well A in the Chang 6 reservoir is taken to perform the numerical simulation. The Chang 6 reservoir is located in the eastern region of the Yanchang oil field. The buried depth is in the range of 500–700 m. The average porosity is only 7–9%, and the average permeability is 0.3–0.5 mD. Based on the geological analysis and production practice, it is confirmed that the fractures in this area are extended in the horizontal direction. Based on the multiphase flow characteristics in Section 3, we performed a series of simulations to evaluate the effect of water huff-n-puff on the well production with further considering the horizontal fracture and imbibition effect.
4 1 Model Establishment
The black oil model in CMG is adopted to simulate the water huff-n-puff in well A. The grid size is 43 × 43 × 9 (Figure 9). In the vertical direction, the reservoir is divided into nine layers, among which the fifth layer is the fracturing one. The depth of the first layer is set as 500 m. In the horizontal direction, the grid size is 7 m × 7 m. In order to describe the elliptically horizontal fracture and improve the computational accuracy, the local mesh encryption method is employed to set the grid near the well point. The sizes in this area are set as 1 m × 1 m. Therefore, the total grid number is 145 × 193 × 9. In the well pattern design, a nine-point pattern is adopted in this block, and all the well points are located in the center of the elliptic horizontal fracture. Based on the monitoring results in the field, the long axis and short axis of elliptically horizontal fracture are respectively assumed to be 35 and 25 m. The aperture and permeability of fracture are set to 0.5 cm and 300 mD, respectively. In terms of the seepage parameters, the relative permeability in Section 3.3 and capillary pressure at the reservoir temperature in Section 3.1 are adopted to describe the fluids flow in the matrix, while the diagonal line phase permeability curve is adopted to model the fluids flow in the fractures. In this simulation, the stress sensitivity of fractures is not included because of the shallow buried depth (500–700 m) and low reservoir pressure (4.5 MPa). Other reservoir parameters are shown in Table 2.
[image: Figure 9]FIGURE 9 | Diagram of the reservoir numerical model. (A) Numerical model. (B) Horizontal fracture in the numerical model.
TABLE 2 | Reservoir parameters and production parameters.
[image: Table 2]4 2 Sensitivities Analysis
Combined with the research status and field practice, a series of numerical simulations were performed to choose the optimal parameters in one cycle, that is, the injection rate, injected volume, and soak time. Then based on these optimal parameters, well performance with multiple cycles of huff and puff is analyzed.
4.2.1Effect of Injected Rate
With a constant injected water volume (300 m3) and constant soak time (30 days), three cases, that is, 5 m3/d, 10 m3/d, and 15 m3/d, are simulated to investigate the effect of the injected rate on the well performance. Meanwhile, depletion production is regarded as the reference. Considering the actual case in the practice field, water huff-n-puff is adopted after a year of depletion production, and the simulated time lasts for 400 days with a constant bottom pressure at 1 MPa. As shown in Figure 10, compared with the depletion production, water huff-n-puff can significantly enhance the well production. Moreover, as the injection rate increases, the time for one cycle becomes shorter and the cumulative oil production is higher. Considering the economic benefits and limitations of field injection equipment, 10 m3/d is the optimal injected rate. On the other hand, there is no difference in water production for the three cases, indicating that after soaking for 30 days, the distribution of oil and water reached a steady state. Thus, the injected water rate has little influence on water production.
[image: Figure 10]FIGURE 10 | Comparison of oil and water production with different injection rates. (A) Comparison of oil production. (B) Comparison of water production.
4.2.2Injected Volume
With a constant injected water rate (10 m3/d) and constant soak time (30 days), four cases, that is, 100 m3, 150 m3, 300 m3, and 500 m3, are simulated to investigate the effect of injected volume on the well performance. The production system and the reference are consistent with the case in Section 4.2.1. As shown in Figure 11, the simulated results showed that the increase of injected water volume can enhance the production of oil. When the injected volume is small (100 and 150 m3), the well production rapidly reaches its peak once the well is reopened. This is because during the soak period, the injected water is totally imbibed to the depth of the reservoir, and the oil in the fracture and near-well zone can be outputted directly. Correspondingly, the daily water production curves have also proved this mechanism.
[image: Figure 11]FIGURE 11 | Comparison of oil and water production with different injection volumes. (A) Comparison of oil production. (B) Comparison of water production.
In terms of cumulative production, cumulative oil production increases with the increase of injection volume. With a constant injected rate, the larger the injected volume is, the longer the time for one cycle will be. After the well is reopened, within 150 days, the highest cumulative oil production is obtained with the case of 500 m3 injected water. While for a longer production time, 300 m3 is the optimal one. In terms of water production, when the injection rate is 500 m3, it takes a longer time for the daily water production to drop to the normal level, indicating that some injection water is ineffective, which neither has a contribution to the supplement of formation energy nor enhances the exchange between crude oil and injected water. Therefore, 300 m3 is the optimal injected volume for well A.
4.2.3Soak Time
Soak time is the key parameter to determine the redistribution of oil and water. With a constant injected water rate (10 m3/d) and injected volume (300 m3 day), four cases, that is, 10, 30, 50, and 70 days, are simulated to investigate the effect of soak time on well performance. As illustrated in Figure 12A, our results suggest that the soak time has an insignificant influence on the cumulative oil production. As illustrated in Figure 12B, due to the imbibition effect between injected water and crude oil, the cumulative water production decreases with the increase of soak time, and the reduction is sensitive with the soak time ranging from 10 to 30 days. However, when the soak time is over 50 days, the variation of cumulative water production is very small. In terms of the comprehensive improvement of the production level, including supplementation of formation pressure and economic benefits, 30 days is the optimal soak time for well A.
[image: Figure 12]FIGURE 12 | Comparison of oil and water production with different soak time. (A) Comparison of oil production. (B) Comparison of water production.
4.2.4Number of Cycles
At the field application, water huff-n-puff is usually put into practice for several cycles. With a constant water injection rate (10 m3/d) and total injected volume (900 m3), three cases, that is, one cycle, two cycles and three cycles, are simulated to investigate the effect of multiple cycles on the well production. It should be noted that one cycle includes huff, soak, and puff stages. In each cycle, the soak time is assumed to be 30 days. The simulated results are demonstrated in Figure 13. As shown in Figure 13A, for the case of one cycle, the oil production gradually decreases after reopening the well, while for the case of two cycles and three cycles, the oil production can maintain stability for a longer period of time. Meanwhile, the variation of cycle numbers is found to have little influence on the cumulative oil production. As shown in Figure 13B, we observed that the cumulative water production decreases as the cycle numbers increases, which indicates that more water is imbibed into the depth of the reservoirs and acts as a supplement to the formation energy. Therefore, increasing the number of cycles is not only beneficial to the fluids exchange but also helpful to enhance the formation pressure, which can help achieve the best development effect.
[image: Figure 13]FIGURE 13 | Comparison of oil and water production with different cycles. (A) Comparison of oil production. (B) Comparison of water production
5 CONCLUSION
In this study, we first introduced the water huff-n-puff process in a low-permeability oil reservoir with horizontal fractures and described the multiphase flow characteristics during the huff, soak, and puff stages. Then combined with a series of experiments, a comprehensive method was used to determine the key flow parameters, that is, capillary pressure and relative permeability. Finally, using the Chang 6 reservoir as an example, a series of numerical simulations were conducted to demonstrate the effect of water huff-n-puff on the well performance in this field. Based on our studies, following conclusions can be drawn:
1) The mechanism of water huff-n-puff for low-permeability reservoirs with horizontal fractures is revealed. Based on the migration of fluids, water huff-n-puff can be divided into huff, soak, and puff stages. During the shut-in period, the fluid exchange between crude oil in the matrix and water in the fractures occurs in the radial direction and the vertical direction.
2) The framework for relative permeability from the spontaneous imbibition experiments is estimated. Spontaneous imbibition experiments demonstrate the linear relationship between imbibition mass and the square root of time. Coupling this finding and capillary pressure into the two-phase flow theory, relative permeability can be properly determined.
3) Water huff-n-puff parameters for a well in the Chang 6 reservoir are optimized considering the horizontal fractures and imbibition effect. The results show that oil production is mainly influenced by the injection volume and the injection speed, while water production is mainly determined by the well shut-in time. The optimal injection volume, injection rate, and well shut-in time are 300 m3, 10 m3/d, and 30 days, respectively. Moreover, the increase in the cycle number is not only beneficial to the fluids exchange but also helpful to enhance the formation pressure. Both of them can accelerate the development of low-permeability oil reservoirs.
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With the development of the petroleum industry, the importance of low-permeability reservoirs becomes clear. The fracture, which serves as the notable characteristic of a low-permeability reservoir, controls the flow system of reservoir fluid and restrains the development effect. Finding ways to recognize the fracture by using the normal data and building the fracture 3-D model are the important and difficult points of low-permeability development. According to this problem, the authors use a helpful probe. First, from similar outcrop and drilling core study of the fractured original model, the knowledge base of the fracture was built. Second, based on the analysis of the principle of dual-later log identification fracture, the core calibration was used to make logging, and using dual-later log, the fracture in wells was recognized. Third, based on the analysis of the principle of the fractal kriging method, the inter-well fractures were predicted. Finally, the 3-D model of fracture was built with fractural random simulation. The result shows that the 3-D model is in accordance with the fact of the development. So, the method is correct.
Keywords: prototype model, low permeability, fractural kriging, fracture, 3D model
INTRODUCTION
Oil and gas in tight and low-permeability reservoirs is an important replacement resource and development field in China (Ding et al., 2015; Sun et al., 2019). Tight and low-permeability reservoirs have poor physical properties and strong heterogeneity. Natural fractures generally develop under the action of multistage structural deformation (Wu et al., 2021a). Natural fracture characterization methods include natural fracture description methods and prediction methods, among which natural fracture characterization methods include qualitative and quantitative description methods, which can be divided into 1) geological methods, including field similar outcrops, core observation, thin slices, scanning electron microscope, CT layer analysis and scanning technology, and core MRI scanning image analysis technology (Xiong et al., 2019; Liu et al., 2020; Wu et al., 2021b; Jia et al., 2021; Rao et al., 2022); 2) well logging methods, including special logging and conventional logging methods (Tang et al., 2012; Zhao et al., 2012; Wu et al., 2021c); 3) reservoir engineering methods, including well test analysis, pressure analysis, tracer analysis, water injection dynamic analysis, and microseismic monitoring (Clarkson and Qanbari, 2015; Fang et al., 2017; Jia et al., 2017; Chen et al., 2019; Li et al., 2020). The prediction methods of natural fractures mainly include the following: 1) The geological data method predicts fractures, mainly based on the geological data such as cores, logging, and seismic data of the oil field to predict the development of fractures. Core analysis is the most accurate and intuitive way to reflect the development of underground fractures. Due to the high cost of coring, core data are generally scarce. Imaging logging uses high-resolution two-dimensional images to display fracture information, but imaging logging costs are relatively high, and imaging logging implemented in actual production is limited. Using conventional logging data to accurately identify and predict fractures in the entire well section requires maximum use of drilling core and imaging logging data to calibrate conventional logging data. At present, the main technologies for predicting fractures through seismic methods include coherence analysis technology, tracking technology, seismic inversion technology, and shear wave splitting technology (Wang et al., 2014; Su et al., 2017; Teng and Li, 2019). 2) The numerical simulation method is used to predict fractures. Based on geological knowledge, the distribution law of the fractures is studied theoretically by establishing a mathematical model. The numerical simulation method is based on certain geological knowledge and establishes a mathematical model to analyze and predict the fractures theoretically. Numerical simulation methods mainly include finite element tectonic stress field numerical simulation method, rock fracture method, curvature method, energy method, and statistical method (Li et al., 2013; Wang et al., 2013; Ju et al., 2014; Dong et al., 2018). 3) Other qualitative methods are used to predict fractures, that is, based on the relationship between fracture development and structure and lithology, to qualitatively understand the distribution characteristics of fractures. Qualitative methods to predict fractures are mainly based on the relationship between fracture development and structure and lithology, to qualitatively understand fractures and distribution characteristics. Predecessors believed through analysis that fractures are more likely to develop in high structural positions and near faults. Rocks with more brittle components are more likely to develop fractures than rocks with less brittle components (Ju et al., 2013; Liu et al., 2017). 4) The non-linear theory method predicts fractures. Non-linear theoretical methods are mainly a series of technical methods emerging in the 1990s, mainly including fractal theory, gray relation theory, backpropagation neural network, and other methods (Gong et al., 2012; Wang et al., 2015; Dong et al., 2016).
After years of fracture research, although great progress has been made in the characterization of reservoir natural fractures, the current research on 3-D geological modeling of reservoir fractures is still relatively weak, which cannot meet further needs of tight and low-permeability oil and gas exploration and development.
GEOLOGICAL CONDITION OF XINLI OIL FIELD
Xinli oil field is located on the westernmost Xinli anticline in the central depression of the Songliao Basin, Fuyu-Xinmu uplift zone. It is a dome anticline complicated by faults, with two groups of normal faults in the NNW direction and NNE direction. The Fuyu reservoir is of meandering river facies, mainly composed of fine sandstone, siltstone, and largely siltstone. The average porosity of the matrix reservoir is 12.8%, and the average permeability is 2.5 × 10−3 μm2. Xinli oil field was discovered by exploration in 1973, opened a production experimental area in 1980, and carried out a comprehensive infill adjustment stage from 1997 to 1999. At present, the oil field has entered the stage of ultrahigh water cut development. Exploration indicates that there are large amounts of high-angle fractures in a shaft of the oil field. Unclear understanding of fracture characteristics and distribution seriously constrains the highly efficient oil field development.
FRACTURED ORIGINAL MODEL
The original fracture model is mainly studied by fracture investigation in similar outcrop areas and core fracture observations.
Study of Similar Crop
From a study of a similar crop in the research area, we find the following characteristics of fractures (Table 1) (Figure 1).
1) There are four groups of high-angle fractures (nearly EW, SN, NW, and NE direction). The group of fractures in nearly SN direction is developed earlier than the other three groups. Fractures in nearly EW direction are main fractures. NW and NE direction fractures show as conjugate shear fractures of the nearly SN direction fractures.
2) Fractures in the study area are mainly high-angle fractures, and 80% of the fractures are with angles larger than 70°.
3) Fracture density in the study area is mainly affected by lithology and tectonic stress. The measured data show that there are 14.6 fractures per meter in fine sandstone, 10.4 per meter in siltstone, and 3.8 fractures per meter in pelitic siltstone. The density of fractures in nearly EW direction is dramatically larger than that of fractures in nearly SN direction.
4) Length of tectonic fissures in similar outcrops ranges in a large scope from few centimeters to tens of meters. Fracture aperture also varies widely. Fractures in nearly EW direction have largest apertures up to several centimeters, followed by fractures in nearly NE and NW direction, and fractures in nearly SN direction have apertures of only a few millimeters. This is affected by the orientation of principal stress (nearly EW direction) in the area.
5) Fractures in nearly SN direction are commonly filled with calcite, while those in nearly EW direction have fewer fillings.
TABLE 1 | Strike distribution characteristics of similar outcrop fractures in the target reservoir.
[image: Table 1][image: Figure 1]FIGURE 1 | Fracture inclination observed by similar outcrops. (A) High-angle fractures developed in fine sandstone. (B) High-angle and vertical fractures developed in fine sandstone.
Study of Drilling Cores
From the observation of drilling cores of Xinli oil field, we get the following results (Figure 2A):
1) Fuyang reservoir in Xinli oil field develops multiple groups of fractures with different angles, aperture, and cutting depth. For example, the core drilled from the well section 1,359.5–1,359.85 m of Xin 318 shows groups of fractures and their spatial relationships.
2) Statistics of core fracture density indicate that there are 0.23 fractures per meter in sandstone, 0.1 in pelitic siltstone barrier, and 0.88 fractures per meter in calcareous sandstone at the bottom of the reservoir.
3) Core fracture aperture ranges in a large scope from few micrometers to millimeters and is filled with calcium or argillite (Figure 2B).
4) The study area has a good oil-bearing ability, which benefits from the developed fractures (Figure 2C).
[image: Figure 2]FIGURE 2 | Observation of typical fracture characteristics in the target reservoir core. (A) Fracture characteristics of X318. (B) Fracture characteristics of R32. (C) Fracture characteristics of J41-24.
PRINCIPLE OF FRACTURE DETECTION BY WELL LOGS
Using logging methods to detect fractures is mainly based on the fact that fractures and matrices have different geophysical characteristics. Therefore, when fractures develop in the formation, different logging responses may be caused. Based on these response characteristics, fractures can be identified and analyzed.
Acoustic Logging Curve
The study area is mainly based on compensated acoustic logging, and the detected longitudinal wave head waves are more sensitive to horizontal fractures and low-angle fractures, and cycle jumps and abnormal high-value characteristics of acoustic waves may occur in the fracture section. However, the fractures in this area are dominated by high-angle fractures. At the same time, the length of the fractures observed by the core is basically between 20 and 30 cm. Therefore, there are no obvious acoustic anomalies and cycle skipping characteristics in the sonic logging section of the fracture development section.
Radioactive Logging
Density logging, natural gamma, neutron, and other radioactive logging have a certain response to fractures. In the fracture section, it is characterized by low density, high neutron porosity, and low gamma. Due to the changes in stratum lithology and radiation intensity in the target area, these curves are irregular in the fracture section and have no response to the fracture.
Well Diameter and Well Temperature Logging
The hole diameter is also a method to identify fractures. When drilling into fracture-developed zones, it will generally cause diameter expansion or well wall collapse. Well temperature logging is also a means of identifying fractures. Usually, mud invades and the formation temperature gradually decreases, which causes a local temperature drop in the well and a negative well temperature anomaly. In the logging series in this area, there are no caliper and temperature logging curves, so these curves cannot be used to identify fractures.
Principle of Resistivity Tools to Identify Fractures
Theoretical study (Quillan, 1973; Philippe and Roger, 1990; Jian and Li, 2001) indicates that when fractures developed in low-permeability reservoirs, the anisotropy coefficient of electrical resistivity can be given as follows:
[image: image]
where
[image: image]
where [image: image] is the anisotropy coefficient of electrical resistivity, dimensionless; [image: image] is the additional conductivity coefficient of fractures, dimensionless; [image: image] and [image: image] are the resistivity of fluids in bedrock and fractures, respectively, Ω m; [image: image] and [image: image] are the conductivity of fluids in bedrock and fractures, respectively, S/m; [image: image] is the fracture angle, °; and [image: image] is the fracture porosity, %.
From Eq. 1 and Eq. 2 we can see that [image: image] is a good indicator of the additional conductivity coefficient of fracture. The larger the [image: image] is, the stronger the anisotropy of electrical resistivity will be.
Eq. 2 can be rewritten as follows:
[image: image]
According to Eq. 3, we know that [image: image] is only associated with [image: image] when fractures are fixed. The larger the [image: image] is, the larger the [image: image] and the stronger the anisotropy of electrical resistivity will be. Therefore, preferable fracture identification results can be obtained with resistivity tools if the electrical resistivity of bedrock is large.
Resistivity Method to Identify Fractures
Both theory and practice indicate that the electrical resistivity of a fractured reservoir is lower than that of a normal reservoir. From Figure 3 which is the fracture identification result of well Ji 10–17, we know that there is a high-angle fracture with few fillings in oil-immersed fine sandstone in section 1,176.00–1,176.50 m. The characteristic of a dual-later log is as follows: deep and shallow resistivities of sections where fractures developed are about 18 Ω m and 16 Ω m, respectively, while those of the near sections without fractures are larger than 35 Ω m; difference on a dual later log of fracture sections changes from normal value 5 Ω m–10 Ω m to 2 Ω m–3 Ω m, even 0 Ω m locally. The characteristic of a micro log is as follows: micro-resistivity of sections with fractures is lower than 7 Ω m, while that of the near sections without fracture is higher than 10 Ω m; difference on a micro-log of fracture sections changes from 4 Ω m–10 Ω m for normal sections to 1 Ω m–3 Ω m, and even 0 Ω m locally.
[image: Figure 3]FIGURE 3 | Lithology electric fracture response analysis of Well Ji10-17.
FRACTURE IDENTIFICATION METHOD
Plate Method to Identify Fractures
According to the logging response characteristics of fractures, based on selecting the best response curve of fractures, the double lateral and its amplitude difference and the microelectrode and its amplitude difference are used to make plates (Figure 4, Figure 5, Figure 6). There is a clear difference between the fracture and non-fracture sections on the chart. The resistivity of the fracture sections is generally low, and they are concentrated in the lower left of the chart. Table 2 is the statistical data table of the fracture identification resistivity lower limit, the positive judgment rate of the microelectrode system and its amplitude difference, the double-lateral curve, and its amplitude difference determined by each interpretation plate. It can be seen from the table that the standards for identifying fractures by the difference between the bilateral lateral amplitude and the microelectrode amplitude are both no more than 5 Ω m, and the correct rate of the two cross-platforms for identifying fractures is as high as 94%; the standards for micro-gradient and micro-potential identification of fractures are, respectively, as follows: if greater than 8 Ω m and no greater than 12 Ω m, the correct rate of the two intersecting plates to identify fractures is 91%; the standard for identifying fractures in shallow and deep lateral directions is not greater than 28 Ω m and not greater than 30 Ω m in the shallow side. The correct rate of fractures identified by the cross-directional and double-lateral amplitude difference plates was 89%, and the correct rate of the fractures by the deep-lateral and double-lateral amplitude difference cross plates was 90%. The quantitative identification of fractures using these standard plates is accurate and credible.
[image: Figure 4]FIGURE 4 | Intersection chart of bilateral lateral amplitude difference and microelectrode amplitude.
[image: Figure 5]FIGURE 5 | Intersection diagram of micro-gradient and micro-potential.
[image: Figure 6]FIGURE 6 | Shallow deep lateral and bilateral lateral amplitude difference intersection chart.
TABLE 2 | Standards for fractures in the plate method.
[image: Table 2]Discriminant Analysis Method to Identify Fractures
Discriminant analysis is an analysis method to find the discriminant function based on the variable values that indicate the characteristics of things and their categories and to classify things with unknown categories according to the discriminant function.
Although all the aforementioned multiple logging curves respond to fractures, they do not have the same effect. To retain the main characteristic curves and eliminate the secondary characteristic curves, the discriminant function tends to be simplified, and the stepwise judgment analysis method is adopted.
The selected 85 samples are divided into two parts, of which 1 to 55 samples are used to establish the discriminant function, and the 56 to 85 samples are used to test the reliability of the discriminant function.
Using the stepwise discriminant analysis procedure, the core calibration results are processed, and through the introduction and removal of several variables, several logging curves that play a major role in fracture discrimination are finally selected. Here, the dual lateral direction and its amplitude difference and micro-scale are mainly used. The electrode and its amplitude difference are used as the discriminant function:
[image: image]
[image: image]
where X1 is the micro-gradient logging value, Ω m; X2 is the micro-potential logging value, Ω m; X3 is the microelectrode system amplitude difference, Ω m; X4 is the shallow lateral logging value, Ω m; X5 is the deep lateral logging value, Ω m; X6 is the double-lateral logging amplitude difference, Ω m; and y1 and y2 are the fracture and non-fracture discriminant function values, respectively.
Using the discriminant function established by samples 1 to 55, the accuracy of the discriminant function is nearly 92.7%, and only four samples are judged wrong. The positive judgment rate of the inspection samples 56 to 85 is 90%, and there are three samples wrong. The accuracy of the discriminant function is relatively high.
Neural Network Pattern Recognition
This fracture study uses the BP network to predict. The BP network realizes forward mapping by weights. For a multilayer network with hidden units added between the input and output, when there is an error in the output, the error of the output layer unit is propagated back to the input layer by layer to “apportion” to each layer unit, to obtain the reference error of each layer unit. To adjust the corresponding connection rights, the cycle continues until the error of the output layer unit meets the requirements.
The characteristic parameters of the samples that have identified fractures and non-fractures are input into the computer to form a training set for the network to learn, to obtain the classification knowledge of fractures and non-fractures, and then use the classification knowledge to identify the samples to be discriminated, and the network will, according to the learned knowledge, judge whether the sample has fractured. Samples from 1 to 55 are still used to establish the discriminant function, and samples from 56 to 85 are used to test the reliability of the discriminant function.
The trained network is used to judge the learning samples, and the positive judgment rate is 96%, while the trained network has a positive judgment rate of 93% for the known samples to be judged, which proves the reliability of the network.
Discrimination Error Analysis of Various Research Methods
According to Table 3 that among all the methods, the intersection method of microelectrode amplitude difference and bilateral amplitude difference has the highest positive judgment rate; the lowest positive judgment rate is the shallow lateral and bilateral amplitude difference intersection pattern method.
TABLE 3 | Comparative analysis of discriminant errors of various research methods.
[image: Table 3]Inter-Well Fracture Prediction and Development of 3-D Model
Principle of Fractural Kriging Method
Theoretical bases of the fractural kriging method are fractional Brownian motion and the geostatistical method. Fractional Brownian motion is a Gaussian process with an average value of 0 and variance [image: image], where H is the Hurst index, ranging from 0 to 1. One distinctive feature of the Gaussian process is that the increment of X(t) with the parameter H has statistical self-similarity. The relationship between H and fractal dimension D is D = d + 1-H, where d is the topological dimension. This helps to fractional Brownian motion from the time domain to the spatial domain. Suppose there are two points at a distance of h in the reservoir with parameters z(x) and z (x + h), respectively. If the parameters have fractal features and meet fractional Brownian motion (Barnsley, 1986; Barton and La Pointe, 1995; Cello, 1997; Malek and Maryam, 2010), then
[image: image]
This formula is highly similar to the variation function in geostatistics, that is,
[image: image]
Suppose the linear estimate z*(x) is the linear combination of several given points, kriging equations are follows:
[image: image]
where [image: image] is the Lagrange multiplier and[image: image] is the weight coefficient. When there are only two vertical wells at a distance of h, the previous equations can be written as follows:
[image: image]
By substituting [image: image] and [image: image] into Eq. 9, we obtain the estimate of z(x) as follows:
[image: image]
where [image: image], [image: image] z (0) is the parameter of the first well, and z(h) the second well. Eq. 10 is the fractal kriging equation, by which the parameter of any point can be obtained.
Inter-Well Fractures Prediction
If all the parameters provided by logging information are distributed vertically, then how to predict the laterally distributed fracture parameters? Hardy’s research suggests that vertical fractal dimensions are nearly equal to lateral fractal dimensions, so the parameters provided by logging can also be used to predict inter-well fractures. Fractal dimensions of fracture are generally obtained by using the “box-counting method”. Figure 7 is the prediction result of the distribution of the fracture of the study area, from which we know that if fracture fractal dimensions of two wells are close, then the characteristic of the fractures, genetic mechanism, and fracture properties would also be close, and the inter-well continuity will be good; on the contrary, if fracture fractal dimensions of two wells have great difference from each other, then the characteristics of the fractures, genetic mechanism, and fracture properties will also be highly different, and the inter-well continuity will be bad.
[image: Figure 7]FIGURE 7 | Predicting map of fracture distribution in Xinli oil field. (A) Better continuity. (B) Poor continuity.
Develop Dynamic Data to Verify the Reliability of Fracture Prediction Between Wells
A demonstration tracer test was conducted in the J25-4 well group, and the distance between the J25-4 well and the J25-6 well was 200 m. The tracer was injected into Well J25-4, and the peak of the tracer quantity was displayed in Well J25-6 after 3 days. For reservoirs with good reservoir quality in this area, the peak detection time of tracer quantity is more than 60 days. Such a fast tracer shows that it can be determined that it is due to the existence of high permeability fractures.
Tracer testing was also carried out in the J31-9 well group, and the distance between the J31-9 well and the J31-7 well was 200 m. The tracer was injected into Well J31-9, and the tracer display was seen in Well J31-7 only 55 days later, indicating that there is no fracture communication between Well J31-9 and Well J31-7.
Development of the 3-D Model
Figure 8 is the fracture 3-D model of the study area developed with the fractal stochastic method based on the study of the fractured original model. From the figure, we can see that fracture density in the local area is large and inter-well continuity is good. This is consistent with the actual development of the study area, which has a higher production in the early stage and is severely flooded later. All of these show that the developed model is precise enough.
[image: Figure 8]FIGURE 8 | Fracture’s 3-D model of the study area.
CONCLUSION

1. Synthesize similar outcrops and drilling cores, explore the fracture development characteristics of the target reservoir, and establish a prototype model of the target reservoir.
2. Using the fracture described by the core and scaling it to the logging curve, and it is found that among all logging curves of the target reservoir, only the resistivity logging curve has a good response to the fracture.
3. The fusion of multiple methods carried out the quantitative identification of the fractures at the target reservoir well points, and the application of dynamic data to verify the reliability of the identified fractures.
4. Applying the fractal theory to predict the development characteristics of inter-well fractures in the target reservoir, and establishing a three-dimensional fracture distribution model.
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The nonuniform distribution of proppant in hydraulic fractures is an essential factor determining the accuracy of well performance evaluation in shale gas reservoirs. In particular, unpropped and propped parts hold distinct closure behavior. To study the impacts of distinct closure behavior between unpropped and propped parts in fracture on gas production, we combine the proppant transport simulation and the 3D hydromechanical coupling simulation. This study quantitatively indicates the significant effects of nonuniform proppant distribution and fracture closure on well performance in shale gas reservoirs. By comparing the well performances with three kinds of typical proppant distribution at the same injection volume, the distribution accumulating near the wellbore is recommended as it can reduce the impact of unpropped fracture and exploit more gas. In addition, the cases with higher natural fracture permeability are found to have less difference in the well performance with different proppant coverages. Therefore, the impacts of nonuniform proppant distribution and fracture closure on well performance in shale gas reservoirs should be investigated comprehensively.
Keywords: nonuniform proppant distribution, fracture closure, hydromechanical coupling, shale gas, numerical simulation
INTRODUCTION
Hydraulic fracturing has been a key technology for the economic exploitation of shale resources (Longlong, 2014; Yang et al., 2015; Song et al., 2016; Moghadasi et al., 2019; Yan, 2021). During the treatments of hydraulic fracturing, a great deal of slickwater and proppants is pumped to form hydraulic fractures in the shale formation. Within these hydraulic fractures, the proppant distribution is usually nonuniform, and the unpropped and propped parts hold distinct closure behavior (Li et al., 2020; Manchanda, 2020; Li and Voskov, 2021). Meanwhile, the distinct closure behavior conversely results in different stress-related conductivity for the propped and unpropped regions, which has a great effect on gas transport (Shen et al., 2019; Liu, 2020; Yan et al., 2020). Therefore, the nonuniform proppant distribution and fracture closure should be considered for accurately evaluating the well performance in shale gas reservoirs.
Placement of injected proppant in the fracture is one of the key factors determining fracture flow capacity after hydraulic fracturing (Liu, 2020; Yan et al., 2020). The mechanism of multiphase flow with proppant is relatively complex and needs to be further studied. Limitation of the formation environment makes direct monitoring of fracturing slurry flow impossible. Currently, a series of lab-scale experimental models built by transparent glass plates have been applied to search rules of sanding patterns (Tong and Mohanty, 2016; Ray, 2017; Tong et al., 2018). This kind of laboratory-based research and analysis is difficult to be directly applied to oilfield scale prediction, and thus numerical simulation becomes a feasible choice. In addition, the type of Lagrangian-based simulation always processes particles or particle clusters into a single tracking object, which requires a huge amount of calculation and is very challenging to achieve large-scale simulation such as the so-called DDPM(Hu et al., 2018), CFD-DEM (Zeng et al., 2016; Zhang et al., 2017; Wang et al., 2019; Zhu et al., 2019; Zhu et al., 2020), and MP-PIC methods (Zeng et al., 2019; Mao et al., 2021). On the contrary, the Eulerian-based scheme is thought to be more efficient which treats the particle phase as one of the continuous phases. For example, many study results of proppant distribution in long fracture by the two-fluid model (TFM) (Han, 2016; Huang, 2017; Wen et al., 2020) have been reported. To simulate the proppant flow in a fracture of 100 m long and 20 m high, the Eulerian granular model is used.
A number of reported studies, which investigated the impacts of proppant distribution and fracture closure on the well performance in shale gas reservoirs, are summarized as follows: Sierra et al.(Sierra et al., 2014) and Cipolla et al. (Cipolla et al., 2009; Cipolla et al., 2010) investigated the effects of the high-conductivity arch, unpropped fracture conductivity, and proppant distribution on gas production; however, they did not consider the fracture closure. Lee et al. (Lee et al., 2016) proposed the numerical model incorporating fracture closure to study the influence of proppant distribution in fracture on cumulative gas production. Liu et al.(Liu et al., 2018; Liu et al., 2019) studied the effects of fracture closure and proppant distribution on water flowback and gas production by using geomechanical simulation and flow simulation separately. Mao et al. (Mao et al., 2021) developed a MP-PIC-EDFM coupling system to evaluate the impact of proppant pumping schedules on gas production. However, their study is mainly focused on the fluid flow aspect, and the geomechanical effects have not been considered in detail. Zhou et al. (Zhou et al., 2019) and Zheng et al. (Zheng, 2019; Zheng et al., 2020) conducted the hydromechanical coupling simulations to study the impacts of proppant distribution and closure of fracture on cumulative gas production, while they ignored the displacement discontinuity at hydraulic fractures, which is significant for the stress change around these fractures. Due to the geomechanical effects being considered by using the over-simplification method in these studies, Yan et al. (Yan et al., 2020) developed a fully coupled geomechanics and gas transport model, in which the displacement discontinuity was simulated by using the stabilized extended finite element method, to investigate the impacts of partially supported fracture closure on well performance in shale gas reservoirs. However, the nonuniform proppant distribution is artificial in their study. In this study, the proppant transport simulation will be carried out to provide a more reliable nonuniform proppant distribution, and then the influence of proppant distribution patterns and fracture closure on well performance will be studied by using the fully coupled geomechanics and gas transport model.
This article is structured as follows: the numerical models for proppant transport and gas production are illustrated in Section 2; the impacts of proppant distribution patterns and fracture closure on gas production performance are analyzed in Section 3; in Section 4, some conclusions are provided.
METHODOLOGY
The schematic workflow for studying the impacts of nonuniform proppant distribution and fracture closure on shale gas production includes two procedures: proppant transport simulation and hydromechanical coupling simulation, as shown in Figure 1. First, we use the Eulerian granular model (Han, 2016) (EGM) to simulate the proppant transport and obtain its nonuniform distribution in hydraulic fractures. Then, we conduct the hydromechanical coupling simulation to find the impacts of fracture closure and nonuniform proppant displacement on well performance in a 3D shale reservoir.
[image: Figure 1]FIGURE 1 | Schematic workflow for studying the impacts of heterogenous proppant distribution and fracture closure on shale gas production.
Proppant Transport Simulation
The proppant transport simulations are conducted based on the EGM, and the main model details are described as follows: the main phase in the EGM is the fluid phase and shares the same single pressure as the other solid phase. All the phases are treated as continuous, and the phase volume fraction is used to distinguish the computational region taken by various phases.
The mass conservation equation can be written as (Han, 2016):
[image: image]
where p and q are the subscripts for representing different phases, [image: image] is the volume fraction, [image: image] indicates velocity, [image: image] is the density, and [image: image] and [image: image] denote the mass transfer between phases. The following two equations (Han, 2016) are used to compute the momentum balance of the fluid phase and solid phase, respectively:
[image: image]
[image: image]
where [image: image] indicates the coefficient used to calculate interphase momentum exchange; [image: image] with a subscript means different kinds of forces, such as [image: image], [image: image], [image: image], [image: image], and [image: image] representing the external body force, lift force, turbulent dispersion force, wall lubrication force, and virtual mass force, respectively; [image: image] is the stress–strain tensor; and [image: image] is solid phase’s pressure.
Please note that the mass conservation and momentum balance equations of each phase are solved separately and then coupled with the mass and momentum exchange coefficients (Han, 2016). The numerical simulations are conducted by using ANSYS Fluent software. The reliability and accuracy of EGM have been verified by comparing it with experimental results in our previously published work (Wang, 2021). The proppant distribution results obtained by numerical simulation agree well with experimental results in the work of Tong, S. et al. (Tong and Mohanty, 2016).
Hydromechanical Coupling Simulation
Figure 2 shows the schematic of a typical shale gas reservoir, which consists of two sections. The darker section indicates the stimulated reservoir volume (SRV) including hydraulic fractures and natural fractures, while the other section outside the SRV contains few fractures. Therefore, the hybrid model (Yan, 2018; Yan et al., 2018) consisting of the embedded discrete fracture model, multiple porosity model, and single porosity model (Yan et al., 2016; Yan et al., 2019) will be used to evaluate the gas well performance.
[image: Figure 2]FIGURE 2 | Schematic diagram of a typical shale gas reservoir.
To reduce the simulation complexity and clearly investigate the effects of nonuniform proppant distribution and fracture closure on gas production, the single-phase gas model considering adsorption/desorption and Klinkenberg effects is applied to describe the gas transport in shale reservoirs (Yan et al., 2020), and its mass conservation equation is
[image: image]
where ϕ is the Lagrange porosity, in which the influences of fluid pressure and effective stress on pore deformation are fully considered (Yan, 2018), ρg represents gas density, m denotes the adsorption/desorption term, which is only for the shale matrix and could be calculated with the Langmuir’s isotherm (Langmuir, 1917), k indicates the absolute permeability, µ represents gas viscosity, b is the Klinkenberg coefficient incorporating gas-slippage effect (Wu et al., 2014), p indicates gas pressure; g and D represent gravity acceleration and depth, respectively, n is the normal vector of boundary Г, and q is the sink/source term on domain Ω.
The quasi-static geomechanics model (Shao, 2021; Zhang, 2021; Zhang et al., 2021) considering displacement discontinuity is used to describe the reservoir deformation and fracture closure, and its governing equation is
[image: image]
where b indicates the body force vector, and with the sign convention (i.e., negative for compression and positive for tension), the total stress tensor σ of the hybrid model is written as (Yan et al., 2020):
[image: image]
where C and α denote the elasticity tensor and Biot coefficient for single porosity model, respectively, I indicates the unit tensor, Cup, Kdr, and bl denote the upscaled elasticity tensor, drained bulk modulus, and the coupling parameter for the multiple porosity model (Yan, 2018). The small deformation assumption is adopted here, and thus the strain tensor ε can be written as:
[image: image]
where u indicates the displacement vector, [image: image] is a gradient operator, and superscript T indicates transpose.
The flow and geomechanics boundary conditions are
[image: image]
where v indicates the gas flow rate; [image: image] and [image: image] are the prescribed rate and pressure on the Neumann flow boundary Гq and Dirichlet flow boundary Гp, respectively; [image: image] and [image: image] are the prescribed traction and displacement on the Neumann geomechanics boundary Гt and Dirichlet geomechanics boundary Гu, respectively; pHF and ps represent gas pressure and effective stress acting on the inner fracture boundary ГHF; and nq, nt, and nHF indicate the unit normal vectors to Гq, Гt, and ГHF, respectively. The effective stress equation for propped fracture closure is (Yan et al., 2020)
[image: image]
where fs denotes the general stress–strain relationship of proppant compression, and εs is the proppant normal strain. On the other hand, the effective stress equation for unpropped fracture closure is (Yan et al., 2020)
[image: image]
where dHF indicates current fracture aperture, and En is the normal penalty parameter. Note that Eq. (10) permits a small interpenetration for fracture faces because its value is infinitesimal.
As the properties of matrix and fractures are affected by reservoir deformation, the matrix’s dynamic permeabilities (km), hydraulic fractures (kHF), and natural fractures (kf) are adopted here:
[image: image]
[image: image]
[image: image]
where subscripts m, f, HF, and 0 represent matrix, natural fracture, hydraulic fracture, and initial state, respectively; Kf is the drained bulk modulus for natural fracture; εv indicates volumetric strain; fk denotes the general relationship between effective stress and proppant permeability; and dHFmin indicates the minimum hydraulic aperture of unpropped fracture.
The developed fully coupled gas transport and geomechanics model can be solved by using our in-house hydromechanical coupling simulator. In this simulator, the flow and geomechanics models are discretized through the stabilized extended finite element method and the finite volume method. The coupled model is solved utilizing a sequential implicit method. The detailed numerical procedure and model verification can be found in our previous studies (Yan, 2018; Yan et al., 2018; Yan et al., 2019; Yan et al., 2020).
RESULTS AND DISCUSSION
In this section, some numerical examples will be carried out to research the impacts of nonuniform proppant displacement and fracture closure on gas production performance. In the proppant transport simulation, the fixed time step (i.e., 1 s) is adopted to ensure that the moving distance of material in each step is the size of one or two grids, while the variable time step is used in the hydromechanical coupling simulation. We first set the initial time step and max time step, and then the time step would be reduced multiply, if the convergence solution cannot be obtained with the current time step. Conversely, if the convergence solution is obtained with the current time step, the next time step would be increased in multiples or kept the same. In addition, the time step cannot be over the max time step. In the following examples, the initial time step and max time step are 1 s and 100 days, respectively.
To reduce the computational costs, we only simulate one stage within a shale reservoir in 3D (Figure 3A). A horizontal well as well as the proppant injector is set at the hydraulic fracture center. The outer flow boundary is closed. The two stresses (35 MPa and 40 MPa) in the horizontal direction and the overburden stress (30 MPa) are applied on the back, right, and top boundaries, respectively. In addition, the roller constraint is applied to the other boundaries. Table 1 gives the model parameters, and the stress-dependent normalized fracture conductivity and the stress–strain curve for proppant compression are presented in Figure 4. The geometry discretization of this model is plotted in Figure 3B. Note that the surrounding formation is impermeable, and it is used to accurately consider geomechanical effects.
[image: Figure 3]FIGURE 3 | Schematic diagram of the 3D reservoir model (A) and its geometry discretization (B).
TABLE 1 | Model parameters used in shale gas production simulation.
[image: Table 1][image: Figure 4]FIGURE 4 | Stress-dependent normalized fracture conductivity (A) and the nonlinear stress–strain for proppant compression (B) (Yan et al., 2020).
As concluded in our previous research (Wang, 2021), various proppant distributions can be obtained for different pumping schemes. For example, the proppant distributions are adjusted by controlling the fracturing fluid viscosity in this work. It should be noted that a similar effect can be achieved by altering other injection conditions. Overall, three representative distribution types are selected from a series of cases: proppants accumulate near the wellbore (Type 1), proppants transport to the location away from the wellbore (Type 2), and proppants screen out in fracture tip (Type 3), as shown in Figure 5. With the same injection volumes, which distribution would have the best gas production is a valuable question. At first, we mimic the fracturing treatment with high pressure fluid (42 MPa) within hydraulic fracture to obtain its initial aperture distribution. Then, the proppant transport simulation is conducted to form the proppant distribution within the hydraulic fracture, and the simulation parameters are summarized in Table 2.
[image: Figure 5]FIGURE 5 | Proppant distributions with different injection volumes, and the half-profiles are shown due to symmetry.
TABLE 2 | Parameters used for proppant transport simulations.
[image: Table 2]The proppant distributions with different injection volumes (proppant coverage, the ratio of the propped fracture area to the total fracture area) are shown in Figure 5. The comparisons of conductivity distribution, σxx distribution (only the reservoir part), and cumulative gas among various cases after 10 years are compared in Figures 6–8, respectively. First, we can find that the conductivity of the supported fracture area is significantly higher than that of the unpropped part, while the highest conductivity is located at the interface between propped and unpropped parts because there is a high conductivity arch at the interface as the result of different closure behaviors for propped and unpropped parts. We can also find that σxx around the part supported by the proppant is higher than that of the unpropped area. Because the part supported by the proppant is stiffer than the unpropped part, which can resist higher closing. From Figure 8, it can be concluded that Type 1 has the best gas production as its cumulative gas is the highest for all injection volumes. On the contrary, Type 3 has the worst gas production because the wellbore cannot be effectively supported in this type. Another interesting observation is that σxx of the reservoir part decreases as the cumulative gas increases. Because when pressure decreases in the reservoir part, the region outside of the reservoir part suffers higher stress to support the boundary force.
[image: Figure 6]FIGURE 6 | Comparison of the conductivity map after 10 years between cases with various proppant distributions, lg (kHF·dHF/md-m).
[image: Figure 7]FIGURE 7 | Comparison of σxx distribution after 10 years between cases with various proppant distributions. The profiles are shown in three layers (top, middle, and bottom), and the z length is shown nine times of the actual size for clarity. (A) Type 1 with proppant coverage: 23.66% (left), 47.31% (middle), and 70.97% (right), MPa. (B) Type 2 with proppant coverage: 23.66% (left), 47.31% (middle), and 70.97% (right), MPa. (C) Type 3 with proppant coverage: 23.66% (left), 47.31% (middle), and 70.97% (right), MPa.
[image: Figure 8]FIGURE 8 | Comparison of cumulative gas after 10 years between cases with various proppant displacements.
In addition, to illustrate the sensitivity of gas production to the conductivity of unpropped fracture, three conductivities (0.018-m, 0.090-m, and 0.180-m) are applied for unpropped fracture. Table 3 lists the cumulative gas for different cases after 10 years. It indicates that gas production correlates positively with the conductivity of unpropped fracture, especially the gas production of the distribution type, in which the wellbore cannot be effectively supported, is the most affected. As the conductivity of unpropped fracture is usually low and difficult to improve, the completion design should strive to form Type 1 proppant distribution to reduce the impact of unpropped fracture and exploit more gas with the same proppant injection volume.
TABLE 3 | Cumulative gas for different cases after 10 years.
[image: Table 3]Last, we study the influence of proppant coverage for Type 1 on gas production under different natural fracture permeability (0.001 mD, 0.01 mD, and 0.1 mD). Figure 9 shows the comparison of cumulative gas between different cases after 10 years. We can see that cumulative gas increases as the proppant covered coverage increases under different natural fracture permeability; however, the increase of cumulative gas caused by covered coverage increasing is negligible when natural fracture permeability is high enough. Therefore, the proppant covered coverage in the hydraulic fracture can be appropriately reduced by increasing natural fracture permeability.
[image: Figure 9]FIGURE 9 | Comparison of cumulative gas between different cases after 10 years.
CONCLUSION
In this work, the gas production in shale reservoirs considering nonuniform proppant distribution and fracture closure is studied by combing proppant transport simulation and hydromechanical coupling simulation. Specifically, we use the EGM to simulate the proppant transport and obtain its nonuniform distribution in hydraulic fractures, and then we conduct the hydromechanical coupling simulation to simulate the impacts of nonuniform proppant distribution and fracture closure on gas production performance in a 3D shale reservoir. The following insights are obtained: 1) the nonuniform proppant distribution and fracture closure have a significant influence on gas production performance; 2) Type 1 proppant distribution is recommended as it can reduce the impact of unpropped fracture and exploit more gas with the same proppant injection volume; 3) higher natural fracture permeability leads to less impact of proppant coverage on gas production. Therefore, the nonuniform proppant distribution and fracture closure should be considered for accurately evaluating the well performance in shale gas reservoirs. As there is no limit to fracture number and fracture pattern in the proposed method, the large-scale implementation with a complex fracture pattern will be realized in our future study.
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Parameter

Initial water saturation

I formation pressure, MPa
Porosity, %

Permeability, mD

Reservoi temperature, °C

Value

0.4
12.8
25
37

Parameter

Water compressibilty, MPa™!

XYz, m

Comprehensive compressiity coefficient, MPa~"
Resenvoir depth, m

Crude oi volume factor, m*%m®
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0.00000303
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1.036
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Mass transfer coefficient, m/s
Effective diffusion coefficient, m?/s
Temperature, K

Widith of the actual model, um
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3x107
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Outlet concentration, mol/m®
Inlet concentration, mol/m®
Equivalent model length, pm
Actual model length, pm
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Parameters Value

P 1.1g/cm®
Co 20%

y 1m Pass
Drn 3.6e-60m?/ s
ke 0.001 cv's
ko 1x107 pm?
%o 02

b 1e3cm
Ao 0.1

a 50 cm?/em®
o 00001 cm
pe 27g/cm®
B 5cm

w 20om

. 0.1

A 05

s 05
Sheo 3

he? 0.005
sc 25253
Nac 0.1

»? 34722

n 4e5
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